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Title Best Available Techniques (BAT) Reference Document for Large Combustion Plants

Abstract

The BAT Reference Document (BREF) for Large Combustion Plants is part of a series of documents presenting the
results of an exchange of information between the EU Member States, the industries concerned, non-governmental
organisations promoting environmental protection, and the Commission, to draw up, review, and -where necessary-
update BAT reference documents as required by Article 13(1) of Directive 2010/75/EU on Industrial Emissions. This
document is published by the European Commission pursuant to Article 13(6) of the Directive.

This BREF for Large Combustion Plants concerns the following activities specified in Annex I to Directive 2010/75/EU:

- 1.1: Combustion of fuels in installations with a total rated thermal input of 50 MW or more, only when this activity
takes place in combustion plants with a total rated thermal input of 50 MW or more.

- 1.4: Gasification of coal or other fuels in installations with a total rated thermal input of 20 MW or more, only when
this activity is directly associated to a combustion plant.

- 5.2: Disposal or recovery of waste in waste co-incineration plants for non-hazardous waste with a capacity
exceeding 3 tonnes per hour or for hazardous waste with a capacity exceeding 10 tonnes per day, only when this
activity takes place in combustion plants covered under 1.1 above.

In particular, this document covers upstream and downstream activities directly associated with the aforementioned
activities including the emission prevention and control techniques applied.

The fuels considered in this document are any solid, liquid and/or gaseous combustible material including:

- solid fuels (e.g. coal, lignite, peat);

- biomass (as defined in Article 3(31) of Directive 2010/75/EU);

- liquid fuels (e.g. heavy fuel oil and gas oil);

- gaseous fuels (e.g. natural gas, hydrogen-containing gas and syngas);

- industry-specific fuels (e.g. by-products from the chemical and iron and steel industries);

- waste except mixed municipal waste as defined in Article 3(39) and except other waste listed in Article 42(2)(a)(ii)
and (iii) of Directive 2010/75/EU.

Important issues for the implementation of Directive 2010/75/EU in the Large Combustion Plants sector are the
emissions to air of nitrogen oxides, sulphur dioxide, hydrogen chloride and fluoride, organic compounds, dust, and
metals including mercury; emissions to water resulting especially from the use of wet abatement techniques for the
removal of sulphur dioxide from the flue-gases; resource efficiency and especially energy efficiency.

This BREF contains 12 chapters. Chapters 1 and 2 provide general information on the Large Combustion Plants
industrial sector and on the industrial processes used within this sector. Chapter 3 provides data and general
information concerning the environmental performance of installations within the sector in terms of water consumption,
the generation of waste and general techniques used within this sector. It also describes in more detail the general
techniques to prevent or, where this is not practicable, to reduce the environmental impact of installations in this sector
that were considered in determining the BAT. Chapters 4 to 9 provide the following information given below on specific
combustion processes (gasification, combustion of solid fuel, combustion of liquid fuel, combustion of gaseous fuel,
multi-fuel combustion and waste co-incineration). Chapter 10 presents the BAT conclusions as defined in Article 3(12)
of the Directive. Chapter 11 presents information on 'emerging techniques' as defined in Article 3(14) of the Directive.
Chapter 12 is dedicated to concluding remarks and recommendations for future work.
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Preface

PREFACE

1. Status of this document

Unless otherwise stated, references to ‘the Directive’ in this document refer to Directive
2010/75/EU of the European Parliament and the Council on industrial emissions (integrated
pollution prevention and control) (Recast).

The original best available techniques (BAT) reference document (BREF) on Large Combustion
Plants was adopted by the European Commission in 2006. This document is the result of a
review of that BREF. The review commenced in March 2011.

This BAT reference document for Large Combustion Plants forms part of a series presenting the
results of an exchange of information between EU Member States, the industries concerned,
non-governmental organisations promoting environmental protection and the Commission, to
draw up, review, and where necessary, update BAT reference documents as required by Article
13(1) of the Directive. This document is published by the European Commission pursuant to
Article 13(6) of the Directive.

As set out in Article 13(5) of the Directive, the Commission Implementing Decision (EU)
2017/1442 on the BAT conclusions contained in Chapter 10 was adopted on 31 July 2017 and
published on 17 August 2017

2. Participants in the information exchange

As required in Article 13(3) of the Directive, the Commission has established a forum to
promote the exchange of information, which is composed of representatives from Member
States, the industries concerned and non-governmental organisations promoting environmental
protection (Commission Decision of 16 May 2011 establishing a forum for the exchange of
information pursuant to Article 13 of the Directive 2010/75/EU on industrial emissions (2011/C
146/03), OJ C 146, 17.05.2011, p. 3).

Forum members have nominated technical experts constituting the technical working group
(TWG) that was the main source of information for drafting this document. The work of the
TWG was led by the European IPPC Bureau (of the Commission's Joint Research Centre).

3. Structure and contents of this document

Chapters 1 and 2 provide general information on the Large Combustion Plants industrial sector
and on the industrial processes used within this sector. These are horizontal matters or specific
activities that do not relate to one specific combustion activity.

Chapter 3 provides data and general information concerning the environmental performance of
installations within the sector, and in operation at the time of writing, in terms of water
consumption, the generation of waste and general techniques used within this sector. It also
describes in more detail the general techniques to prevent or, where this is not practicable, to
reduce the environmental impact of installations in this sector that were considered in
determining the BAT.

Chapters 4 to 9 provide the following information given below on specific combustion
processes (gasification, combustion of solid fuel, combustion of liquid fuel, combustion of
gaseous fuel, multi-fuel combustion and waste co-incineration). For each combustion process
(X is the chapter or section number):

1oL 212, 17.08.2017, p. 1.
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Section X.1 provides information on applied processes and techniques.

e Section X.2 provides data and information concerning the environmental performance of
installations within the sector, and in operation at the time of writing, in terms of current
emissions, consumption and nature of raw materials, and use of energy.

e Section X.3 describes in more detail the techniques to prevent or, where this is not
practicable, to reduce the environmental impact of operating installations in this sector that
were considered in determining the BAT. This information includes, where relevant, the
environmental performance levels (e.g. emission and consumption levels) which can be
achieved by using the techniques, the associated monitoring, the costs and the cross-media
issues associated with the techniques.

Chapter 10 presents the BAT conclusions as defined in Article 3(12) of the Directive.

Chapter 11 presents information on 'emerging techniques' as defined in Article 3(14) of the
Directive.

Concluding remarks and recommendations for future work are presented in Chapter 12.

4, Information sources and the derivation of BAT

This document is based on information collected from a number of sources, in particular
through the TWG that was established specifically for the exchange of information under
Avrticle 13 of the Directive. The information has been collated and assessed by the European
IPPC Bureau (of the Commission's Joint Research Centre) who led the work on determining
BAT, guided by the principles of technical expertise, transparency and neutrality. The work of
the TWG and all other contributors is gratefully acknowledged.

The BAT conclusions have been established through an iterative process involving the
following steps:

° identification of the key environmental issues for the Large Combustion Plants sector;
° examination of the techniques most relevant to address these key issues;
. identification of the best environmental performance levels, on the basis of the available

data in the European Union and worldwide;

. examination of the conditions under which these environmental performance levels were
achieved, such as costs, cross-media effects, and the main driving forces involved in the
implementation of the techniques;

° selection of the best available techniques (BAT), their associated emission levels (and
other environmental performance levels) and the associated monitoring for this sector
according to Article 3(10) of, and Annex Ill to, the Directive.

Expert judgement by the European IPPC Bureau and the TWG has played a key role in each of
these steps and the way in which the information is presented here.

Where available, economic data have been given together with the descriptions of the
techniques presented in Chapters 4 to 9. These data give a rough indication of the magnitude of
the costs and benefits. However, the actual costs and benefits of applying a technique may
depend strongly on the specific situation of the installation concerned, which cannot be
evaluated fully in this document. In the absence of data concerning costs, conclusions on the
economic viability of techniques are drawn from observations on existing installations.
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5. Review of BAT reference documents (BREFS)

BAT is a dynamic concept and so the review of BREFs is a continuing process. For example,
new measures and techniques may emerge, science and technologies are continuously
developing and new or emerging processes are being successfully introduced into the industries.
In order to reflect such changes and their consequences for BAT, this document will be
periodically reviewed and, if necessary, updated accordingly.

6. Contact information

All comments and suggestions should be made to the European IPPC Bureau at the Joint
Research Centre (JRC) at the following address:

European Commission

JRC Directorate B — Growth and Innovation
European IPPC Bureau

Edificio Expo

¢/Inca Garcilaso, 3

E-41092 Seville, Spain

Telephone: +34 95 4488 284

Fax: +34 95 4488 426

E-mail: JRC-B5-EIPPCB@ec.europa.eu
Internet: http://eippch.jrc.ec.europa.eu
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SCOPE

This BREF for Large Combustion Plants concerns the following activities specified in Annex |
to Directive 2010/75/EU:

o 1.1: Combustion of fuels in installations with a total rated thermal input of 50 MW or
more, only when this activity takes place in combustion plants with a total rated thermal
input of 50 MW or more.

o 1.4: Gasification of coal or other fuels in installations with a total rated thermal input of
20 MW or more, only when this activity is directly associated to a combustion plant.

o 5.2: Disposal or recovery of waste in waste co-incineration plants for non-hazardous
waste with a capacity exceeding 3 tonnes per hour or for hazardous waste with a capacity
exceeding 10 tonnes per day, only when this activity takes place in combustion plants
covered under 1.1 above.

In particular, this document covers upstream and downstream activities directly associated with
the aforementioned activities including the emission prevention and control techniques applied.

The fuels considered in this document are any solid, liquid and/or gaseous combustible material
including:

o solid fuels (e.g. coal, lignite, peat);

o biomass (as defined in Article 3(31) of Directive 2010/75/EV);

o liquid fuels (e.g. heavy fuel oil and gas oil);

o gaseous fuels (e.g. natural gas, hydrogen-containing gas and syngas);

o industry-specific fuels (e.g. by-products from the chemical and iron and steel industries);

o waste except mixed municipal waste as defined in Article 3(39) and except other waste
listed in Article 42(2)(a)(ii) and (iii) of Directive 2010/75/EU.

This document does not address the following:

. combustion of fuels in units with a rated thermal input of less than 15 MW;

o gasification of fuels, when not directly associated to the combustion of the resulting
syngas;

o gasification of fuels and subsequent combustion of syngas when directly associated to the
refining of mineral oil and gas;

o the upstream and downstream activities not directly associated to combustion or
gasification activities;

o combustion in process furnaces or heaters;
o combustion in post-combustion plants;
. flaring;

o combustion in recovery boilers and total reduced sulphur burners within installations for
the production of pulp and paper, as this is covered by the BREF for the production of
pulp, paper and board,;

o combustion of refinery fuels at the refinery site, as this is covered by the BAT
conclusions for the refining of mineral oil and gas;

o disposal or recovery of waste in:
owaste incineration plants (as defined in Article 3(40) of Directive 2010/75/EU),
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owaste co-incineration plants where more than 40 % of the resulting heat release comes
from hazardous waste,

owaste co-incineration plants combusting only wastes, except if these wastes are
composed at least partially of biomass as defined in Article 3(31) (b) of Directive
2010/75/EU,

as this is covered by the BREF for waste incineration.

Other reference documents that could be relevant for the activities covered by this document are
the following:

° Common Waste Water and Waste Gas Treatment/Management Systems in the Chemical
Sector (CWW);

° Chemical BREF series (LVOC, etc.);

o Economics and Cross-Media Effects (ECM);
. Emissions from Storage (EFS);

. Energy Efficiency (ENE);

. Industrial Cooling Systems (ICS);

. Iron and Steel Production (IS);

. Monitoring of Emissions to Air and Water from IED installations (ROM);
. Production of Pulp, Paper and Board (PP);

. Refining of Mineral Oil and Gas (REF);

. Waste Incineration (W1);

. Waste Treatment (WT).
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Chapter 1

1 GENERAL INFORMATION ON THE STRUCTURE OF THE
SECTOR

1.1 Industry overview

The world’s population reached 6 974 million inhabitants in 2011, with a trend of growth that
has been unbroken since 1995. See Table 1.1 and Figure 1.1.

Table 1.1:  Area and population worldwide in 2011

Country Land arezzal Population P_opula'_cion densi;cy
(1 000 km?) (thousand) (inhabitants/km?)

EU-28 4 381 506 781 116

China 9 597 1344 100 140

Japan 378 127 817 338

Russia 17 098 142 961 8

United States 9629 311592 32

World 136 127 6 974 036 51

Source: [ 104, Eurostat 2011 ]
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Source: [ 105, Eurostat 2014 ]

Figure 1.1: Population index worldwide (1995 = 100)
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This population growth has also led to a continuous increase in the world electricity generation
that may be observed by fuel type in Figure 1.2. Figure 1.3 shows the world electricity
generation fuel shares in 1973 and 2012 with a total of 6 129 TWh and 22 668 TWh generated
in the respective years.
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Source: [ 106, IEA 2014 ]

Figure 1.2: World electricity generation from 1971 to 2012 by fuel (TWh)
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Figure 1.3:  World electricity generation fuel shares in 1973 and 2012

World electricity generation from 1971 to 2012 by region is shown in Figure 1.4. The electricity
generation in China is not included in the electricity generation of Asia.
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Figure 1.4: World electricity generation from 1971 to 2012 by region (TWh)

More than one quarter of the net electricity generated in the EU-28 in 2013 came from nuclear
power plants (26.8 %), while almost double this share (49.8 %) came from power stations using
combustible fuels (such as biomass, natural gas, coal and oil). Among the renewable energy
sources shown in Figure 1.5, the highest share of net electricity generation in 2013 was from
hydropower plants (12.8 %), followed by wind turbines (7.5 %) and solar power (2.7 %).

Solar Geo- Other
27 thermal 0.1

Combustible
fuels
498

(") Figures do not sum to 100 % due to rounding.

Source: [ 107, Eurostat 2016 ]

Figure 1.5: Net electricity generation in the EU-28 in 2013 (% of total, based on GWh)
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Total gross electricity production in 2013 in the EU-28 was 3 262 TWh. The highest share of
electricity in 2013 was produced in power plants using renewable sources of energy (27.3 %),
followed by nuclear power plants (26.9 %), coal-fired power plants (26.7 %), gas (16.6 %), oil
(1.9 %) and non-renewable waste (0.8 %). A time series for gross electricity production by
major fuels is presented in Figure 1.6.

Since 1990 electricity generation from renewable energy sources has more than doubled in
volume, and is the only source which also continued to grow after 2008. Electricity produced
from gas shows the sharpest growth from 1992 until 2008, with an average growth rate of
almost 9 % per year. In 2009 electricity generation from gas decreased followed by a short
recovery in 2010 which changed into a steady decrease in 2011, 2012 and 2013. The trend in
electricity production in nuclear power plants shows a moderate increase from 1999 until 2004,
when a decrease started.

In 2013, 92.0 % of EU-28 electricity was produced by main activity producers, of which 77.0 %
was from electricity-only power plants and 15.0 % from CHP plants. Nearly 58 % of electricity
produced by main activity producers was produced from nuclear and solid fuels (29.2 % and
28.9 %, respectively), 27.0 % from renewable energy sources, 13.3 % from gas and 1.5 % from
oil and petroleum products.
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Source: [ 107, Eurostat 2016 ]

Figure 1.6: Gross electricity generation by fuel (GWh) in the EU-28 in 1990-2013

In 2013, the EU-28's maximum electrical capacity was about 958 500 MW. Half of the maximal
capacity corresponds to combustible fuels. Table 1.2 shows the EU-28's maximum electrical
capacity from 1990 to 2013 by type of fuel.
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Table 1.2:  Maximum electrical capacity in the EU-28 (MW) in 1990-2013

1990 1995 2000 2005 2010 2011 2012 2013
128 136 134 131
Nuclear 121 070 435 637 994 731 132 087 123183 | 122971
127 132 143 147
Hydro 119 652 466 866 363 516 148 687 148 687 | 150 145
Geothermal 499 480 604 687 762 764 768 781
Solar 10 49 180 2297 | 30131 52 463 70 789 81 876
Tide, wave
and ocean 240 240 241 240 241 241 243 243
Wind 471 2 447 12711 | 40568 | 84 624 94 290 105421 | 117 936
Combustible 353 391 435 487
Fuels 321 479 250 490 137 854 490 982 494 100 | 482 464
Industrial
wastes 420 682 1063 514 1820 1 866 2020 1879
Municipal
wastes 968 1418 2 488 4 426 6 029 6 095 6 080 6 959
Sohd 2088 | 3862 | 5329 | 10019 | 14195 | 15829 | 16639 | 16465
Biogases 260 509 1243 3088 5934 7031 8 279 8 660
Liquid
biofuels 0 0 0 704 1068 1141 1842 1864
Other sources 10 142 229 905 883 2162 2044 2111

Source: [ 108, Eurostat 2016 ]

In the European Union, all available types of energy sources are used for electric and thermal
power generation. The type of fuel used for energy generation in each EU Member State (MS)
is largely influenced by national fuel resources, such as the local or national availability of coal,
lignite, natural gas, or oil. For example, in Greece and in parts of Germany and Poland,
significant lignite resources are available for energy generation. In Finland and Ireland, for
instance, peat is an important domestic energy source and, therefore, an important cornerstone
of the national energy policy. In France, where nuclear power stations provide the majority of
the nation's energy demand, the use of fossil fuel is mainly restricted to a small number of peak
load plants. In Sweden and Finland, for instance, biomass is an important domestic energy
source. The fuel mix of electricity generated in 2011 by each MS (%) is shown in Figure 1.7.
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Source: [ 109, Poland 2013 ]

Figure 1.7:  Fuel mix of electricity generated in the EU-28 in 2011
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Combustion plants are used in the EU according to their demands and requirements, either as
large utility plants or as industrial combustion plants that provide electricity, steam, or heat to
industrial production processes. Plant loading can vary from part load up to full load, and their
operating hours can also vary, from just a few hours of energy generation per year up to full-
time operation. Increased power production from weather-dependent sources may change the
operation pattern from full-time to part-time. Total net electricity consumption in the EU-28
(TWHh) in 2011 is shown in Figure 1.8.
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Figure 1.8: Total net electricity consumption in the EU-28 (TWh) in 2011

Since 2004, the EU Member States report emissions from Large Combustion Plants in
accordance with Directive 2001/80/EC on the limitation of emissions of certain pollutants into
the air from large combustion plants. The plant-by-plant data includes total annual emissions of
S0O,, NOy and dust and the total annual amount of energy input, expressed as net calorific value,
broken down by five categories of fuel: biomass, other solid fuels, liquid fuels, natural gas, and
other gases. Table 1.3 shows the number of non-refinery plants by Member State that reported
emissions to air in 2013, the aggregated total rated thermal input and the fuel used. Emissions to
air are given in Table 1.5.
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Table 1.3: LCP in the EU (2013)

Number of MW Biomass Other solid Liquid Natural gas Other

plants th (TJ) fuels (TJ) fuels (TJ) (TJ) gases (TJ)

AT 90 19 709 9812 47 331 1195 75728 24 293
BE 86 20 367 36 553 29 460 3 556 124 245 25 469
BG 24 23 601 5533 234 164 0 33935 676
CYy 16 3864 0 0 32534 0 0
Cz 101 43 639 10 588 504 010 3690 22218 34 076
DE 560 272 785 48 196 2681498 57 173 68 5006 239 077
DK 73 16 481 36 221 131 095 4521 24 407 154
EE 20 10 300 7020 125 652 643 6 110 5970
EL 50 24 613 0 282023 17 113 92 904 0
ES 144 77 686 5517 408 664 68 303 216 257 55993
FI 159 30 493 86 336 160 433 2271 57 355 6271
FR 235 79 595 22 456 256 303 52 297 136 131 52 485
HR 13 4617 0 23290 1395 12 434 483
HU 42 17 665 17 132 75074 753 47 257 5129
IE 27 13973 1969 61 456 5 268 96 011 2
IT 342 136 366 19704 425 569 39 777 732 406 134 531
LT 21 12 488 4620 0 5 265 30 102 974
LU 1 730 0 0 0 7218 0
LV 20 5711 667 42 2 23 866 0
MT 9 1745 0 0 21 603 0 0
NL 146 50 529 20 108 221 556 8 442 266 803 143 734
PL 96 104 409 81 946 1446 819 6 909 33630 33531
PT 26 12 387 6516 106 016 849 33592 1869
RO 85 36 459 128 205722 1752 98 273 278
SE 128 28 340 96 157 17 760 7 330 14 577 10 943
Sl 16 4 653 1009 55 791 132 1950 0
SK 63 11 286 7443 51228 342 29 595 12 603
UK 248 152 905 83 805 1137 287 10 249 765 457 48 500

Source: [ 113, EEA 2013]

Figure 1.9 shows the location of the large combustion plants in Europe (northern Sweden,
northern Finland, the Canary Islands and other remote European islands are not represented on
the map).
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Figure 1.9: Location of Large Combustion Plants in Europe

The climate change, energy and air quality agenda has led to a restriction of emissions to air and
to a strengthening of the legislation. In this context, the European Commission initiated several
policies that will impact on the LCP sector as it is one of the major contributors to emissions of
greenhouse gases and local air pollutants. These include:

o promoting renewable energy up to 2020 and beyond,;

o strengthening and expanding the Emissions Trading System (EU ETS), which limits the
amount of CO, that can be emitted by large industrial plants across the EU;

o promoting the development and safe use of carbon capture and storage (CCS);

. strengthening emission limits for SO, and NOyx and dust, through policy instruments such
as Directive 2016/2284 on the reduction of national emissions of certain atmospheric
pollutants (replacing the National Emissions Ceiling Directive);
improving the energy efficiency footprint of installations and the network;

° Thematic Strategies on Air Pollution;

. Air Quality Standards, e.g. the Air Quality Directive 2008/50/EC.
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This implies that many of the existing fossil-fuel-fired plants will gradually be replaced at a rate
dependent on the rate of build of low-carbon plants. However, because of the high penetration
of intermittent renewables (e.g. wind), some plants may be required in the future as back-up to
the renewable portfolio and to maintain security of supply when other options, such as the
greater use of interconnectors or the development of energy storage systems, cannot meet the
demand.

It is clear therefore that the LCP sector is facing a major transformation as it evolves in response
to substantial changes in the environmental agenda, whilst maintaining the other objective of
delivering secure and affordable energy.[ 85, Eurelectric 2012 ]

The EU Reference scenario 2013 report [ 110, COM 2013 ] is an update and extension of the
previous trend scenarios for the development of energy systems taking account of transport and
GHG emissions developments, such as the 'European energy and transport - Trends to 2030'
published in 2003 and its 2005, 2007 and 2009 updates. This report focuses on trend projections
understood in the sense of a Reference scenario. Similar to the last Reference scenario update
from 2009, this Reference scenario starts from the assumption that the legally binding GHG and
RES targets for 2020 will be achieved and that the policies agreed at EU level by spring 2012
(notably on energy efficiency) as well as relevant adopted national policies will be implemented
in the Member States. Figure 1.10 shows the electricity generation trend by fuel type in the EU-
28 to 2050. Generation from solid fuels declines significantly throughout the projection period,
in particular in the period 2030-50. Gas-fired generation slightly decreases until 2020, but
increases thereafter, in 2050 reaching the same levels as in 2010.

Met electricity generation Shares (3}
by fuel type (TWh)
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& Wind H
o
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1500 ——
B Petroleum L = 17 —+—
1000 products 7
Coal and
500 izni 27
lignite 2| 22 21
M Muelear
D] -:1 ~51 —.:: —u‘* e
,,555" o i3 R fn‘-“ 'Phq & 2010 2020 2030 2050

Source: [ 110, COM 2013 ]
Figure 1.10: Electricity generation by fuel — EU-28 trends to 2050. EU Reference scenario 2013

The share of gross electricity produced by CHP plants reaches a level around 16 % throughout
the period from 2020 until 2050, significantly up from 13 % in 2010. The role of cogeneration
in steam and heat supply grows from 73 % in 2010 to 76 % in 2030 and 80 % in 2050. In terms
of district heating fuel input, the share of solids and oil decreases considerably and the share of
gas decreases as well but at a slower rate and only till 2030. Biomass is used increasingly,
representing almost 50 % of fuel input in 2020 and 57 % in 2050 (in comparison to 26 % in
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2010). Figure 1.11 shows the fuel input for steam generation in district heating (DH) and
boilers.

Fuel input in district heating and boilers (ktoe) States (%)
100 -
Other fuels
90 - (hydrogen, 29
methanol) 34 40
80 - W Geothermal 42
heat
70 -
oy Biomass &
waste 47
50 -
W Gas
40 -
30 - Oil
20 22
i\ Solids 20 g
8
0 S — 10 g g 5
$ O O D O N H O H O
L I 2010 2020 2030 2050

Source: [ 110, COM 2013 ]

Figure 1.11: Fuel input for steam generation in DH and boilers — EU-28 trends to 2050

In the EU, the natural gas high-pressure grid in the 28 EU countries is 235 000 km long. The
high-pressure grid delivers gas to a low-pressure distribution grid which is 1 649 400 km long.
Compressor stations (167 compressor stations in total) are only in the high-pressure grid. One
compressor station always consists of a minimum of 2 compressors (due to the required security
of supply, there is always a redundant system) and a maximum of 12 individual compressor
units. In total, 120 682 000 customers are connected to the gas grid. Since gas will only move
when there is a pressure differential, gas compressors are required. By compressing the gas, the
volume is reduced and the diameter of the pipelines can be reduced. The gas compressors are
powered by gas turbines, piston-type gas engines and in some special circumstances by electric
motors.

In a survey carried out in 2009 by Marcogaz, where 11 countries participated with a total of 32
engines and 515 gas turbines, representing a total capacity 19 103 MW, turbines and engines
consumed 71 554 TJ of natural gas, which represents 93 % of the capacity for transport, as
represented in Figure 1.12. [ 111, Marcogaz 2013 ]
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Figure 1.12: Mechanical drive engines and turbines for gas transport and storage (2009)
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1.2 Economic situation

The opening up of electricity markets is an ongoing worldwide process. The principal objective
IS to increase competition across the sector and thereby encourage the reduction of generation,
transmission, distribution and supply costs to the benefit of both industrial and domestic
consumers.

In parallel with the liberalisation of the electricity market, there is a move towards the use of
economic instruments to achieve national and international energy and environmental policy
objectives. These instruments take various forms including taxes, incentives and market-based
trading opportunities.

In 1996, the European Union introduced the Internal Electricity Market (IEM) Directive
(96/92/EC), repealed by Directive 2009/72/2009, which required MS to open up up to 25 % of
their markets to competition, although they remained free to take their market opening-up
process even further. The degree of actual market opening varies throughout the EU, from a full
open market in some countries to a partially open market in others.

The opening up of markets to competition can have a significant impact on a range of factors
affecting the operation and regulation of LCPs, and which may be taken into account in
determining the appropriateness of particular techniques to reduce emissions to air, water and
soil. The need for some plants to manage specific customer requirements including auxiliary
services, such as maintaining voltage and frequency, leads to load following, peak load
production and black start capability. These factors include, but are not limited to, the
following:

° Security of the energy supply. This can affect the levels of excess capacity in a system
and the extent of fuel diversity, although the capacity is itself influenced by the need for
spinning reserve and the availability of fuel storage.

o Cost and availability of fuel.

o Cost and availability of allowances provided under the EU Emissions Trading System
(ETS).

° The level of system security that is required by any given market can significantly
influence factors such as the redundancy in plant design, with a direct influence on
investment costs and the level of electricity price required to pay back investment.

o The impact of the market shape (i.e. load duration curves), which, together with factors
such as the marginal cost of generation, can influence the level of utilisation of particular
types of plant, availability requirements and the level of excess capacity.

° Remuneration structures within particular markets, including whether they operate
contract markets, balancing markets, trading via an electricity pool, capacity payments,
etc.

° The level of the forward price within the market and the price structure in relation to plant
utilisation and generation costs, which may influence the ability of a given market to pay
back investments.

. The extent to which tariffs in a particular market are fixed to control the supply or
consumption of electricity produced by a given technique or sourced from a particular
fuel, so as to support the energy policy requirements of individual Member States. Other
instruments are also used by the Member States to achieve these objectives, including
carbon, energy, and pollutant taxes.

o The capacity from renewable sources benefitting from preferential feed-in tariffs.

The need for a particular plant to manage specific customer interface requirements,
including ancillary services such as maintaining system voltage and frequency, load
following and load structure, black start capability and the specific need to meet local grid
constraints, all of which can have a marked impact on the operational characteristics of
such a plant.
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o The interaction of connected markets, such as in systems where gas and electricity grids
create the opportunity for hedging between gas supply and electricity generation based on
fuel price differentials, which can also be driven by short-term demand.

o Grid infrastructure and the particular charging structure within a specific market can have
plant-specific implications, e.g. transmission losses, grid access and the use of system
charges, together with the extent of constrained online periods.

o Regulatory incentives within particular markets to encourage embedded and distributed
generation. These can also have an influence on the level of renewable generation, where
national targets can be achieved through additional support mechanisms, including
supplier obligations or subsidies. [ 123, Eurelectric 2001 ]

Location of combustion installations

It is general practice throughout Europe to locate fossil-fuel-burning power plants in locations
that incur the minimum costs for installation and operation, allowing also for a number of
contributing factors related to the area where the plant is located and the infrastructure to
support its operation. Each of these factors varies in significance according to local and national
considerations, but in many cases the availability of a connection to the electricity
transmission/distribution system, the proximity of the electrical demand, and the availability of
water for the cooling systems, and the proximity of mining zones/seaports have often been
predominant factors in selecting the location for LCPs. In the past, forecasts of future power
demands for individual countries, and the optimum long-term costs for the preferred type of
plant, have determined the chosen size and location of power plants.

Since the specific investment costs are substantially lower for larger units (> 300 MW,,) than for
smaller ones (< 300 MWj,) and the costs of the electricity produced are consequently lower, the
capacity of individual units has increased in the last few decades. Whilst this is a recognised
driver on mainland, island generators may nonetheless face specific challenges. The size of
generators installed on islands is a compromise between the use of the larger power units for
enhanced efficiency, whilst maintaining an adequate level of redundancy in case of failure of
units. Island generators do not benefit from economies of scale. Flexibility is key when selecting
island generators since they need to be operated with high variations of duty cycle resulting
from daily and seasonal variations in the island’s electricity demand.

Gas compressor stations are situated at fixed distances alongside the transport pipe, and storage
plants are located depending on the geological site. Small and reductant compressors may be
needed to guarantee optimal gas flow and security of supply.

Other factors are often of less importance when selecting the location of a LCP. The availability
of suitable land, the visual and air quality impact on the local environment, and the access for
the delivery and storage of fuels are often factors that influence the design and positioning of a
power plant. However, these factors are often considered in detail only when the general
location has been determined, and do not usually override the decision to proceed with the plant
installation.

With the widespread expansion of energy infrastructure taking place in Europe, there are also
changes in the relative influence of each of the factors used when selecting the location of the
power plant. It is now easier to bring the fuel and power connections to the right location for the
plant, rather than to choose the location according to the existing infrastructure. The significant
increase in the use of natural gas as a fuel has now resulted in a greater level of gas supply
infrastructure, making gas more widely available at the pressure and quantity required for the
operation of the gas engines and turbines for power generation, with low transportation costs
and no site fuel storage requirements. The expansion of the integrated electricity distribution
system has widened the options for achieving good connections for the power-generating plant
to supply power into the system. New switchgear and control systems are also enabling more
safe and effective connections.
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The LCP sector imports a large amount of fuel (including coal and gas) from outside the EU and
hence security of supply is an important driver in the design, the technology and in the location
of plants. Indigenous supplies will increasingly play a role in maintaining diversity and security
of supply, whilst coal plants often seek opportunities to widen their capability to diversify fuels
by also burning biomass, wastes and petroleum coke. LCPs may, in the future, need to be more
flexible in fuelling, as well as in operation, due to the increase in intermittent renewable energy.

There is a decreasing availability of locations that meet the main requirements for power
plants and this may become more important in the future as the increased use of carbon
capture and storage (CCS) may influence the siting of new fossil plants to maintain access to
CO, storage sites.| 85, Eurelectric 2012 ].

At the same time, changes in power generation and abatement techniques have significantly
increased the efficiency of power generation, as well as providing far cleaner flue-gases than
earlier plants burning fossil fuels. The use of gas turbines for power generation, and the
development of new combustion plants and flue-gas treatments have resulted in power plants
that can use a range of gaseous, liquid or solid fuels, all emitting far less pollutants per unit of
power generated than previously. The overall impact that new plants have on their local
environment is significantly less compared to older plants.

In some countries, an area’s residential and commercial heat load is an important parameter in
locating district heating or combined heat and power (CHP) plants. For district heating, the
economically optimised situation leads to calls for peak load production in the same area. In a
high load situation, peak load boilers always operate together with CHP plants. This means that
each plant feeds the nearby area with a relatively small distance between the consumers and the
plant. Connecting CHP and peak load plants to a district heating grid must thus follow certain
rules.

Newer plants have higher energy efficiencies, which result, inter alia, in a reduced production
of emissions (to water and air) per unit of power generated. Future increases of plant efficiency
will ultimately be limited because of:

. the laws of thermodynamics;

. the diminishing returns from increasing development costs;
. increasing capital costs resulting in higher generation costs;
. CO2 capture and storage measures;

o plants not using their full capacity.

The influence of remaining plant life and plant operation

Economic viability for implementing new environmental techniques is relevant since
decarbonising electricity generation will require a new tranche of technology and hence a
transition from existing to new technology. Future expected lifetime and operating regimes,
particularly for existing plants, may well be very different from current ones. Low levels of
operation and a limited remaining life are key parameters to consider when assessing the ability
to recover further investments in an existing plant. The dependence of costs as a function of
remaining plant life and load factor can be assessed on a case-by-case basis (for given
assumptions on capital and operating costs, discount rate, and economic lifetime). The level of
operation is represented by the plant annual load factor, or equivalent load factor.

In the example below, it is assumed that selective catalytic reduction (SCR) is retrofitted to a
500 MWy, coal-fired unit with an annual operating period of 6 000 hours at a cost of
EUR 60 million. It is also assumed that the additional operating cost of this SCR is
EUR 2.5 million per year (assuming no loss of ash sales). For this exercise, the discount rate is
10 % with costs amortised over 10 years. For this example, Figure 1.13 indicates that the

14 Large Combustion Plants



Chapter 1

annualised cost per MWh generated of a retrofitted SCR system rises to around twice the
baseload cost when the load factor is 40 %, and that more than doubles again when the load
factor reduces to 20 %.

Figure 1.14 indicates that the annualised cost per tonne of pollutant removed doubles from the
‘new plant’ level when the remaining life is 5 years. [ 85, Eurelectric 2012 ]
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Figure 1.13: Example of annualised abatement cost per unit generated as a function of load factor
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Figure 1.14: Example of annualised abatement cost per tonne of pollutant removed as a
function of remaining economic life
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1.3 Key environmental issues

The operation of combustion installations to generate electrical energy and/or heat, and in
particular the electricity-generating industry due to its large centralised power plants, is a very
important cornerstone of our modern society and of the European economy. On the other hand,
combustion installations use large amounts of combustible fuels and other raw materials taken
from the earth’s natural resources, converting them into useful energy. These plants generate a
number of residues, wastes and large amounts of emissions to all environmental media. To give
an overview of the different mass streams, a general flow diagram of a combustion plant and its
associated operations is presented in Figure 1.15.

olL FLUE-GAS

VAPOUR
RELEASES

DUST SULPHUR eg.
TRIOXIDE AMMONIA LIMESTONE
DUST 'LIFT-OFF o
COMBUSTION PLANT
FUEL FUEL MILLING ARTICULATE FLUE-GAS
FUEL ——PI STORAGE I—) PREPARATION (COAL) (BOILER) ABATEMENT SCR DESULPHURISATION]
& BLENDING
— MAIN
(oIL) r—! CHIMNEY
T

l (If natural

gas fuel)

RUN-OFF (GAS)
WATER

TREATMENT CHEMICALS

GENERAL

TREATMENT
(DE-IONISATION

FURNACE
BOTTOM
ASH

FLY ASH [WATER/GYPSUM
(SILO) SEPARATION

[ T
e {some smaller plant) | 1

SETTLING COOLING TOWER
SYSTEM

* loowonn_____|
'ASTE WATER]
OIL/ WATER h TREATMENT

SEPARATORS
| I | I Lwamous | CONTROLLED

SEWER

{IF QIL
CONTAMINED)

WATERS

E{II uncontaminated) |

DRY ASH WET ASH SLUDGE SLUDGE SLUDGE GYPSUM FLY ASH
(for di (for disposal) (for di: ) FOR FOR
— OFF-SITE OFF-SITE
FOR OFF-SITE USE/DISPOSAL  USE/DISPOSAL

USE/DISPOSAL

Source: [ 124, HMIP 1995 ]

Figure 1.15: General flow diagram of a combustion plant and its associated operations

Combustible fuels are the principal energy source used today. However, their burning results in
a relevant and at times significant impact on the environment as a whole. The combustion
process leads to the generation of emissions to air, water and soil, of which emissions to the
atmosphere are considered to be one of the main environmental concerns. The following
sections give general information about the main substances emitted. An overview of the
substances emitted, their sources and their influence on the different environmental media is
given in Table 1.4.
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Table 1.4:  Potential emission pathways by source type and substance
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SOURCE RELEASE 5/|6|cs| 8|22 D) I .
£l 2| 8| 3| = i={v=] % 9o
. S|lE| 8| 2|l 2|8952 T =ERE »
Air Water Land % |2/ S| 8| E|X|22535 € |e933 £|<
- - - S s5l=|1%5] 98125498 © |[EEx>E =
o lalSlglo|l=8328 §8gsgs|2
(A) (W) L S E|IS| | BTEEg o [£9E88 =
=| 2 X185 g8 &8[08
st o
Ol O 51 < 2
Fuel storage and handling A W A
Water treatment W W W
Flue-gas A |AJA A |A AlAA AlA A
Flue-gas treatment W W WL W
Site drainage including
rainwater W W
Waste water treatment W L W | W L L
Cooling water blowdown W W W |W|W
Cooling tower exhaust A
Source: [ 124, HMIP 1995 ]

1.3.1 Energy efficiency

Prudent management of natural resources and the efficient use of energy are two of the major
requirements of the IED. Therefore, the efficiency with which energy is converted from the fuel
now plays an increasingly important role as an indicator of the environmental impact of a
process. Energy efficiency is not only important as a marker of the careful treatment of natural
fuel resources, it is also an indicator of the emissions that are released in producing a unit of
energy. Energy efficiency may be increased by optimising the energy utilisation and the
efficiency of the energy-generating process. Optimising the specific energy efficiency depends
on a variety of factors, including the nature and quality of fuel, the type of combustion system,
the operating temperatures of the gas turbine, reciprocating engine and/or steam turbine, the
local climate conditions, the type of cooling system used, the operation cycles, the load factor,
the potential for district heating, industrial symbiosis, industrial clustering (in the case of CHP),
heat storage or district cooling potential, etc.

Each sequential step in the process of conversion of fuel to useful energy has its own efficiency
factor. The overall energy efficiency of the process is achieved by multiplication of all the
individual energy efficiency factors.

The net energy efficiency takes all losses into account due to: the auxiliary station supply (and
process heat demand), fuel preparation, by-product treatment, flue-gas treatment, waste water
treatment, the cooling system, high-voltage transformer, and fans and pumps. Energy efficiency
optimisation can be achieved for all efficiency factors, including any devices used for
environmental protection. For the supply of electricity, any grid and transformer losses have to
be taken into account and, for the supply of heat from Combined Heat and Power (CHP) units,
transport losses from the district heating network and cycling pumps have to be taken into
account.

Periods of high ambient temperatures at the site decrease electricity production efficiency in
both gas and steam plants. For gas turbines and diesel engines, the ambient air temperature is
more significant, whereas for steam turbines, the temperature of the cooling media is more
important. For the condensation of cooled expanded steam, there are different types of cooling
system which can be applied: direct cooling with seawater, lake or river water, or air (air
condenser), direct and indirect cooling with wet or dry cooling towers as well as with district
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heating water or with industrial process water. Each has different influences on energy
efficiency. For more information, refer to the ‘Industrial Cooling Systems’ BREF.

Energy efficiency and emissions

Even the most efficient condensing power plants may be passing a significant amount of their
total energy input to the environment in the form of rejected heat. This heat may be absorbed in
the local atmosphere or watercourses with relatively little harm to the local environment, but
every unit of energy consumed represents additional emissions passed into the environment. At
the present time, the most effective way to improve the energy efficiency of power generation is
to maximise the use of the heat produced, and not to waste it.

For waste heat utilisation, several thermodynamic, technical, and economical criteria need to be
taken into account. Thermodynamic criteria involve, on one hand, the temperature and, on the
other hand, the resulting exergy content of waste heat. The temperature has to be taken into
account if the waste heat is to be used for heating. The exergy content has to be taken into
account if the waste heat is to be utilised for the production of electricity and power. The
technical criteria depend on individual site conditions.

By reducing and utilising waste heat, energy can often be saved, emissions can be reduced and
resources can be preserved. There are a wide range of processes that require continuous supplies
of heat in the form of steam, hot water, or hot air as inputs to their production and operating
facilities. This technique is known as cogeneration or combined heat and power production
(CHP). Its associated fuel consumption is usually lower in comparison to the separate
production of heat and power. The benefits of increased energy utilisation can result in a
reduced rate of emissions of CO,, nitrogen oxides (NOx), and other pollutants, depending on
the annual utilisation of the CHP process, the fuel substituted, and the potential for
replacing small combustion plants with heat from an adjacent power station. However, the
magnitude of the beneficial effect of lower overall fuel consumption with CHP is often site-
specific and depends on maintaining a high annual utilisation rate, particularly during
summertime when the heat load is at its minimum.

Effect of load on plant energy efficiency

At the time of construction, some LCPs are designed for operation at full load or baseload and
some other LCPs are designed for operation at fluctuating loads. After a period of operation,
other, more efficient or less costly, plants may be constructed forcing older plants to operate at
lower and lower loads, before finally being closed. However, it is anticipated that existing
fossil-fuel-fired plants will increasingly be required to operate at lower loads and varying loads
in the future, as more, intermittent, renewable plants are built. The cost of implementation of
retrofitting environmental abatement equipment may also contribute to the decision to operate at
lower loads before eventual closure.

Similarly, a plant operating with frequent shutdown and start-up periods is significantly less
efficient than if operated at a steady output. [ 85, Eurelectric 2012 ]

Banked boilers (boilers that are kept warm for scheduled or emergency use) and intermittently
used plants often lead to poor system efficiencies.

1.3.2 Emissions to air

The most important emissions to air from the combustion of combustible fuels are SO,, NOxy,
CO, particulate matter (dust) and greenhouse gases, such as CO,. Other substances, such as
heavy metals, hydrogen fluoride, hydrogen chloride, unburnt hydrocarbons, non-methane
volatile organic compounds (NMVOCs) and dioxins, are emitted in smaller quantities but may
have a significant influence on the environment due to their toxicity or their persistence.
Emissions of fly ash can also include emissions of particulate matter of aerodynamic diameters
of less than 10 pum, called PMyj,.

18 Large Combustion Plants



Chapter 1

In accordance with Directive 2001/80/EC on the limitation of emissions of certain pollutants
into the air from large combustion plants, the EU Member States report emissions from Large
Combustion Plants, including total annual emissions of SO,, NOx and dust. Air emissions from
non-refinery plants reported by the Member States in 2013 are given in Table 1.5 together with
the number of reporting plants and with the total annual amount of energy input. The types of
fuel used are given in Table 1.3.

Table 1.5:  Air emissions of European large combustion plants (2013)

N“pTaaetg of MW, SO, (t) NOy (t) Dust (t)
AT 90 19 709 2718 6 478 456
BE 86 20 367 2218 9558 173
BG 24 23 601 116 666 36 846 4479
CYy 16 3 864 10 396 2908 345
Ccz 101 43 639 98 321 65 802 3389
DE 560 272785 160 299 226 042 5385
DK 73 16 481 3353 8533 644
EE 20 10 300 25 992 9 430 7 866
EL 50 24 613 52 736 39633 12 403
ES 144 77 686 92 841 88 091 4816
Fl 159 30 493 19 308 30 757 1062
FR 235 79 595 79 640 57 680 4311
HR 13 4617 6 925 7 470 109
HU 42 17 665 8 627 12 922 424
IE 27 13973 10 188 9245 388
IT 342 136 366 29 963 49 695 1280
LT 21 12 488 2094 2 250 138
LU 1 730 2 175 0
LV 20 5711 49 1054 2
MT 9 1745 4880 2 954 228
NL 146 50 529 9681 21 367 355
PL 96 104 409 324712 219 905 15 490
PT 26 12 387 5 760 8435 288
RO 85 36 459 160 211 42 065 10 007
SE 128 28 340 179 6 314 449
Sl 16 4653 5292 8430 269
SK 63 11 286 40 076 11 978 706
UK 248 152 905 152 644 198 000 6 947
Source: [ 113, EEA 2013 ]

13.2.1 Sulphur oxides (SOy)

Emissions of sulphur oxides result mainly from the presence of sulphur in the fuel. Fossil fuel
contains sulphur as inorganic sulphides or organic compounds. For example, sulphur appears in
coal as pyritic sulphur, organic sulphur, sulphur salts and elemental sulphur. During
combustion, by far the majority of sulphur oxides are produced in the form of sulphur dioxide
(SO).

When combusting solid and liquid fuels, the presence of transition metals in the fuel also causes
the catalytic oxidation of 0.5 % to 4 % of the sulphur to sulphur trioxide (SO3) during the
combustion. An additional oxidation can take place in plants fitted with SCR, where SO,
emissions may account for about 5 % of the total sulphur emitted. Sulphur trioxide is adsorbed
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on dust and, in the case of solid fuels, can aid the operation of electrostatic precipitators. For
liquid fuels, high levels of SO; contribute to the formation of acid soots.

Additionally, ‘blue smoke’ can be emitted from boilers fired with heavy fuel oil. It is assumed
that this optical phenomenon is caused by the progressive hydration of SO; to sulphuric acid
aerosol with SO; production enhanced by the vanadium content of the oil and probably also by
the SCR catalyst.

Natural gas is generally considered free from sulphur. This may not be the case for certain
industrial gases, and desulphurisation of the gaseous fuel might then be necessary [ 125,

OSPAR 1997 ].

SOx/SO, emissions to air are shown in Figure 1.16 by industry sector. In 2014, 458 facilities in
the "Thermal power stations and other combustion installations' sector emitted a total of 1 259 kt
of SOx/SO, emissions to air, representing 66.9 % of the total amount emitted by all installations
covered by the E-PRTR.

@ 1.(a) Mineral oil and gas refineries
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other combustion installations
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@ 2.(a) Metal ore (including sulphide ore)
roasting or sintering installations

@ 2.(b) Production of pig iron or steel
including continuous casting

@ 2.(c) Processing of ferrous metals

@ 2.(e) Production of non-ferrous crude
metals from ore, concentrates or se...

@ 3.(a) Underground mining and related
operations

@ 3.(b) Opencast mining and quarrying

@ 3.(c) Production of cement clinker or
lime in rotary kilns or other furnaces

@ 3.(e) Manufacture of glass, including
glass fibre

@ 3.(f) Melting mineral substances,
including the production of mineral fi...

@ 3.(g) Manufacture of ceramic products
including tiles, bricks, stoneware or...

@ 4.(a) Industrial scale production of b...
@ 4.(b) Industrial scale production of b...
@ 4.(c) Industrial scale production of p...
@ 5.(g) Independently operated industr...
Production of pulp from timber...

/

1.(c) Thermal power stations and other combustion installations

1,258,621,000 (66.9%) Production of paper and board...
w 5.(0) Treatment and processing of a...
= Other

Source: [ 227, E-PRTR 2014 ].

Figure 1.16: Emissions of SOx/SO, to air by industry sector/activity in the EU-28 in 2014

1.3.2.2 Nitrogen oxides (NOy)

The principal oxides of nitrogen emitted during the combustion of fossil fuels are nitric oxide
(NO), nitrogen dioxide (NO,), and nitrous oxide (N,O). The first two of these form the mixture
known as NOy, which accounts for the great majority of the oxides of nitrogen in the main types
of large combustion installations.
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The formation of NOy is governed by three essential mechanisms; characterised by the origin of
the nitrogen and the environment where the reaction takes place:

o thermal NOX results from the reaction between the oxygen and nitrogen from the air;
. fuel NOX is formed from the nitrogen contained in the fuel;

o prompt NOX is formed by the conversion of molecular nitrogen in the flame front, in the
presence of intermediate hydrocarbon compounds.

The quantity of NOx formed by the prompt NOx mechanism is generally much smaller than that
generated by the other reaction paths.

The formation of thermal NOyx greatly depends on temperature. When combustion can be
achieved with temperatures below 1 000 °C, emissions of NOy are significantly lower. When
the peak flame temperature is below 1 000 °C, the formation of NOx mostly depends on the fuel
nitrogen.

The formation of fuel NOx depends on the nitrogen content of the fuel and the oxygen
concentration of the reaction medium. The quantity of fuel NOx produced is greater in
installations using coal, as this has larger amounts of nitrogen in its structure than other types of
fuel. The mean nitrogen contents generally found in different types of fuel are given in Table 1.6.

Table 1.6:  Fuel-bound nitrogen

Fuel Fuel-bound nitrogen _
(wt-%, dry, ash-free basis)
Coal 0.5-2
Biomass (wood) <05
Peat 1.5-2.5
Fuel oil <1.0
Natural gas 0.0
Derived gases 0.1-1
(>> 1 chemical sources)

The type of combustion process used also affects the amounts of nitrogen oxides emitted. In the
case of coal, for example:

o NOyx emissions are lower with a moving grate boiler because of the relatively low
combustion temperature and the progressive nature of the combustion as it advances over
the grate;

o emissions are higher in a pulverised coal boiler, varying with the type of burner and the
design of the combustion chamber;

o NOx emissions in a fluidised bed boiler are lower than those produced in conventional
boilers, but N,O emissions can be higher if the furnace operating temperature is too low.

The formation of thermal NOy is the dominant pathway by which NOyx is generated in
installations using gaseous and distillate liquid fuels. The quantity of fuel NOyx produced is
greater in installations using coal and heavy fuel oil, as these have larger amounts of fuel-bound
nitrogen.

The formation mechanism of nitrous oxide (N,O) has not yet been completely clarified. There is
a possible formation mechanism based on intermediate products (HCN, NH;), which is
comparable to the formation of NO. It has been found that lower combustion temperatures, i.e.
below 1 000 °C, cause higher N,O emissions. At lower temperatures, the N,O molecule is
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relatively stable; at higher temperatures, the N,O formed is reduced to N,. Compared to
emissions from conventional stationary combustion units, nitrous oxide from either bubbling,
circulating or pressurised fluidised bed combustion is relatively high. Nitrous oxide (N,O) also
contributes directly to the greenhouse climatic effects through thermal infrared absorption in the
troposphere. The tropospheric lifetime of N,O is quite long, as its interaction with other gases,
clouds, and aerosols is minimal. N,O is decomposed in the presence of O; and forms NO, and

NO, noted as NOx.

NOx/NO, emissions to air are shown in Figure 1.17 by industry sector. In 2014, 892 facilities in
the "Thermal power stations and other combustion installations' sector emitted a total of 1 186 kt
of NOx/NO, emissions to air, representing 55.6 % of the total amount emitted by all

installations covered by the E-PRTR.
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@ 2.(b) Production of pig iron or steel
including continuous casting

@ 2.(c) Processing of ferrous metals

@ 2.(e) Production of non-ferrous
crude metals from ore, concentrat...

@ 3.(a) Underground mining and
related operations

@ 3.(b) Opencast mining and
quarrying

@ 3.(c) Production of cement clinker
or lime in rotary kilns or other furn. ..

@ 3.(e) Manufacture of glass,
including glass fibre

@ 3.(g) Manufacture of ceramic
products including tiles, bricks, st...

@ 4.(a) Industrial scale production of
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@ 4.(b) Industrial scale production of
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1,186,238,000 (55.6%) r potassi...

W 5.(a) visposal or recovery of
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@ 5.(b) Incineration of non-hazardous

waste included in Directive 2000/...
Source: [ 227, E-PRTR 2014 ].

Figure 1.17: Emissions of NOx/NO, to air by industry sector/activity in the EU-28 in 2014
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1.3.2.3 Dust

The dust emitted during the burning of coal, peat and biomass arises almost entirely from the
mineral fraction of the fuel. A small proportion of the dust may consist of unburnt fuel carbon
and very small particles formed by the condensation of compounds volatilised during
combustion.

The type of combustion process has a considerable effect on the proportion of ash entrained in
the flue-gas emissions from boilers. For example, moving grate boilers produce a relatively
small amount of fly ash (2040 % of total ash), whereas pulverised coal boilers produce an
appreciable amount (80-90 %).

The combustion of liquid fuels is also a source of particulate emissions, although to a lesser
extent than coal. In particular, poor combustion conditions lead to the formation of soot, which
is liable to produce acidic agglomerates with corrosive properties in the presence of sulphur
trioxide.

The combustion of natural gas is not a significant source of dust emissions. On the other hand,
some industrial gases may contain particles which are filtered out in the production process or,
failing that, before combustion.

For many installations, there are also potential diffuse emissions (open-air handling and storage
of coal, the crushing of the coal used in pulverised coal boilers, the handling of ash, etc.). [ 125,

OSPAR 1997 ]

Environmental problems, in particular health impacts, are especially associated with particles
less than 2.5 um in diameter, which can remain suspended in the atmosphere for days or even
weeks. Environmental problems can also occur by long-term accumulation of persistent
compounds after deposition on the soil or by solution and transfer to water bodies. The distance
that particles travel before they are removed from the air by settling or by precipitation depends
on their physical characteristics and on the weather conditions. The size, density and shape
influence the rate at which particles settle. Particles larger than 10 um in diameter settle fairly
rapidly. Their impact is primarily near the source. Smaller particles of less than 10 ym and
especially those less than 2.5 um can travel over hundreds of kilometres before settling.
Aerosols often function as condensation nuclei for cloud formation and are washed out with
rain.

Industrial emission control techniques for particulate matter (PM) are very efficient, achieving
more than 99.8 % by weight removal from the raw gas input. Achievable reduction rates depend
on the secondary abatement technology used and might for some other fuels, such as oil, be
lower due to the different particulate composition and sizes. Only for small particles, such as for
PMy, and below, does the removal efficiency decrease to between 95 % and 98 %. For this
reason, the majority of particles from LCPs still emitted to the air are in the 0.1 pm to 10 um
diameter range.

PMy, emissions to air are shown in Figure 1.18 by industry sector. In 2014, 165 facilities in the
‘Thermal power stations and other combustion installations' sector emitted a total of 49 kt of
PMyo emissions to air, representing 48.1 % of the total amount emitted by all installations
covered by the E-PRTR.
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Source: [ 227, E-PRTR 2014 ]

Figure 1.18: Emissions of PMyj to air by industry sector/activity in the EU-28 in 2014

1.3.2.4 Metals

The emission of metals results from their presence as natural substances in fuels. Most of the
metals considered (As, Cd, Cr, Cu, Hg, Ni, Pb, Se, Zn, V) are normally released as compounds
(e.g. oxides, chlorides) in association with particulates. Only Hg and Se are at least partly
present in the vapour phase. Hg in particular is known as a long-range transboundary pollutant
which can create pollution problems in areas far away from the emission source. Less volatile
elements tend to condense onto the surface of smaller particles in the flue-gas stream.
Enrichment in the finest particle fractions is, therefore, observed. Partitioning, for example, of
metals during coal combustion is shown in Figure 1.19.
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Figure 1.19: Partitioning of metals during coal combustion

The content of metals in coal is normally several orders of magnitude higher than in oil (except
occasionally for Ni and V in heavy fuel oil) or natural gas. Many of the metals are chemically
bound in compounds, like oxides, sulphates, aluminosilicates, and minerals, such as anhydrites
and gypsum. The release of the elements depends on the nature and particle size of the
compound. During the combustion of coal, for example, particles undergo complex changes
which lead to vaporisation of volatile elements. The rate of volatilisation of metal compounds
depends on the fuel characteristics (e.g. concentrations in coal, fraction of inorganic compounds
such as calcium) and the characteristics of the technology applied (e.g. type of boiler, operating
mode).

As a consequence, different metals are found in different proportions in fly ashes and bottom
ashes. For example, manganese and iron have similar enrichment in fly ash and bottom ash, and
their level is low in stack particulate emissions. By contrast, up to 80 % of cadmium, tin, zinc,
lead, antimony and copper is retained in the fly ash and about 5-10 % is retained in the bottom
ash. However, only 15 % of selenium and 2 % of arsenic is retained within the solid particles,
and only about 5 % of these elements is retained in the bottom ash. A similarly high proportion
of Mercury is released in the atmosphere -- up to 85 % of mercury is either emitted in the
atmosphere or captured in solid fly ash particles, and a negligible amount is retained in the
bottom ash.

Coal combustion releases mercury in oxidised (Hg*), elemental (Hg®) or particulate-bound
(Hgp) form. Mercury is present in the coal in trace amounts, and the combustion process
releases this into the exhaust gas as elemental mercury. This may then be oxidised via
homogeneous (gas-gas) or heterogeneous (gas-solid) reactions. The primary homogeneous
oxidation mechanism is the reaction with gas-phase chlorine to form HgCl,, whilst
heterogeneous oxidation reactions are believed to occur on the surface of the fly ash and
unburnt carbon (UBC). The mercury which is adsorbed onto solid surfaces is known as
particulate-bound mercury.

Oxidised mercury is prevalent in the flue-gas from coal combustion, and, being water-soluble, is
relatively easy to capture using SO, controls such as wet limestone scrubbers. The concentration
of halides (i.e. chloride) in the flue-gas is relevant as they promote the oxidation of mercury.
Particulate-bound mercury is also relatively easy to capture in existing particulate control
devices. Elemental mercury, present in higher concentrations in the flue-gases of lignite
combustion, is more difficult to capture with the existing pollution controls prevalent in lignite-
fired plants (i.e. without SCR). This combines with lower levels of fly ash carbon content to
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give higher emissions of mercury from these fuels. Adsorption/absorption of mercury on
particles is lower in this case.

Elemental mercury has a lifetime in the atmosphere of up to one year, whilst oxidised forms of
mercury have a lifetime of a few days or less, due to their higher solubility in atmospheric
moisture. Elemental mercury can therefore be transported over long distances, whereas oxidised
and particulate mercury deposits near the point of emission.

Hg emissions to air by industry sector are shown in Figure 1.20. In 2014, 169 facilities in the
‘Thermal power stations and other combustion installations' sector emitted a total of 13.7 tonnes
of Hg emissions to air, representing 51.4 % of the total amount emitted by all installations
covered by the E-PRTR.
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Source: [ 227, E-PRTR 2014 ]

Figure 1.20: Emissions of Hg to air by industry sector/activity in the EU-28 in 2014

1.3.25 Carbon monoxide (CO)

Carbon monoxide (CO) always appears as an intermediate product of the combustion process,
particularly in substoichiometric combustion conditions. Plant operators always try to minimise
CO formation, as CO is an indicator of corrosion risk and unburnt fuel, and therefore signifies a
loss of efficiency. The formation mechanisms of CO, thermal NO and VOCs are all similarly
influenced by combustion conditions. [ 127, Corinair 1996 ]

CO emissions to air are shown in Figure 1.21 by industry sector. In 2014, 108 facilities in the
‘Thermal power stations and other combustion installations' sector emitted a total of 264 kt of
CO emissions to air, representing 8.1 % of the total amount emitted by all installations covered
by the E-PRTR.
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Figure 1.21: Emissions of CO to air by industry sector/activity in the EU-28 in 2014
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1.3.2.6 Greenhouse gases

Greenhouse gases have an effect on global warming in relation to their potential for trapping
heat in the atmosphere. Carbon dioxide (CO,), nitrous oxide (N,O), sulphur hexafluoride (SFg),
and methane (CH,) are the most important greenhouse gases associated with LCPs. Emissions
of CO,, N,O, SFs and CH, to air in the EU-28 in 2014 are shown by industry sector/activity in
Figure 1.22, Figure 1.23, Figure 1.24 and Figure 1.25.
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Figure 1.22: Emissions of CO, to air by industry sector/activity in the EU-28 in 2014
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Figure 1.23: Emissions of N,O to air by industry sector/activity in the EU-28 in 2014

Source: [ 227, E-PRTR 2014 ]
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Figure 1.24: Emissions of SFg to air by industry sector/activity in the EU-28 in 2014
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Figure 1.25: Emissions of CH, to air by industry sector/activity in the EU-28 in 2014

1.3.2.7 Hydrogen chloride (HCI)

LCPs without flue-gas desulphurisation (FGD) are recognised as a major source of industrial
hydrogen chloride emissions to the atmosphere. The emission of hydrogen chloride is due to
trace amounts of chloride present in fossil fuels such as coal, oil and biomass. When fossil fuels
are burnt, small amounts of chloride are released. Some of that chloride then combines with
hydrogen to form hydrogen chloride. Together with the moisture in the air, hydrogen chloride
transforms to a hydrochloric acid aerosol that contributes to acidification problems. This
becomes more dilute as it moves through the atmosphere.

HCI emissions to air are shown in Figure 1.26 by industry sector. In 2014, 202 facilities in the
‘Thermal power stations and other combustion installations' sector emitted a total of 22 kt of
chlorine and inorganic compounds (as HCI) emissions to air, representing 77.1 % of the total
amount emitted by all installations covered by the E-PRTR.
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Figure 1.26: Emissions of chlorine and inorganic compounds (as HCI) to air by industry
sector/activity in the EU-28 in 2014

1.3.2.8 Hydrogen fluoride (HF)

Like chloride, fluoride is also a natural element present in fossil fuels and biomass. When using
such fuels such as coal for generating energy, without using FGD, fluoride is liberated and
released to the flue-gas. It then combines with hydrogen to form hydrogen fluoride, and with the
moisture of the ambient air to form hydrofluoric acid.

HF emissions to air are shown in Figure 1.27 by industry sector. In 2014, 110 facilities in the
‘Thermal power stations and other combustion installations' sector emitted a total of 3.57 kt of
fluorine and inorganic compounds (as HF) to air, representing 71.9 % of the total amount
emitted by all installations covered by the E-PRTR.
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Figure 1.27: Emissions of HF to air by industry sector/activity in the EU-28 in 2014
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1.3.2.9 Ammonia (NHx)

The emission of ammonia (NH;) does not result from the combustion of fossil fuels, but rather
as a consequence of the incomplete reaction of ammonia in the DeNOy process. Ammonia is
used as reagent, as pure ammonia, or in water solution in SCR and SNCR units. Ammonia
chemically reacts to form NH4HSO,4 and is removed together with the fly ash from the system
and also, being a soluble gas, via a wet FGD scrubber. With no dust removal or FGD
downstream (DeNOy tail-end configuration), the ‘ammonia slip’ is then emitted along with the
flue-gas to the atmosphere. The ammonia slip at SCR and SNCR installations increases with an
increasing NH; to NOy ratio, but also, with SCR, with decreasing catalyst activity. A low
amount of NH; in by-products can be guaranteed by proper maintenance of the catalyst system.

The US EPA identified ammonia as the single largest precursor of fine particulate (2.5 microns
in size and smaller) air pollution in the country. [ 128, Heide 2011 ]

In 2014, 33 facilities in the Thermal power stations and other combustion installations' sector
emitted a total of 997 tonnes of NH; emissions to air, representing 0.5 % of the total amount
emitted by all installations covered by the E-PRTR (the bulk of ammonia emissions is
associated with the rearing of pigs and poultry). [ 227, E-PRTR 2014 ]

1.3.2.10 Volatile organic compounds (VOCSs)

The emission sources of volatile organic compounds due to industrial activities are humerous,
but the combustion of fuels is one of the most significant.

Non-methane volatile organic compounds (NMVOC) emissions to air are shown in Figure 1.28
by industry sector. In 2014, 95 facilities in the Thermal power stations and other combustion
installations' sector emitted a total of 40.24 kt of NMVOC to air, representing 10.4 % of the
total amount emitted by all installations covered by the E-PRTR.
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Figure 1.28: Emissions of NMVOC to air by industry sector/activity in the EU-28 in 2014

1.3.211 Persistent organic pollutants (POPs): polycyclic aromatic
hydrocarbons (PAHSs), dioxins and furans

Among the persistent organic compounds liable to be emitted during the combustion of fuels,
polycyclic aromatic hydrocarbons (PAHSs), polychlorinated dibenzo-dioxins (PCDD) and
polychlorinated dibenzo-furans (PCDF) should be mentioned.

Three general mechanisms have been postulated to account for the emission of PAHs from
combustion processes [ 129, Sloss et al. 1993 ]:

. PAHs present in feed material such as fossil fuel or waste can pass through the
combustion system without being destroyed,;

. reformation of ring structures from fragments and precursors can lead to formation in the
combustion zone, or downstream, at temperatures around 700 °C; and

o carbon chains may form aromatic rings and further on PAHs — de novo synthesis.

The de novo synthesis of PAHs is thought to occur via oligomerisation and cyclisation of
acetylenes which are formed as a consequence of incomplete combustion. The reactions take
place in the gas phase.
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Besides the combustion of coal, combustion installations using wood or other solid biomass are
also mentioned as a possible source of PCDD/F emissions. The main process involved is the
recycling of wood for power production, for example in the form of chipboard or of waste from
wood that has been treated or that includes chlorinated organic compounds (PCP, lindane, PVC,
NH,CI, etc.). Moreover, the introduction of a combined combustion of waste (sewage sludge,
plastics and others) in certain conventional combustion installations could also lead to
significant emissions of dioxins [ 125, OSPAR 1997 ]. PCDD/F may also form in catalytic
reactions of carbon or carbon compounds with inorganic chlorine compounds over metal oxides,
e.g. copper. These reactions will occur especially on fly ash or filter dust at temperatures
between 200 °C and 450 °C.

PCDD/F are not very volatile molecules and, when adsorbed on particles produced by
combustion, they have a high thermal and chemical stability in the environment. They can only
be destroyed above temperatures of 1 000 °C. In this context, it should be noted that PCDD/F
are not only found in the stack gases but also in the solid residues from any combustion process,
such as in bottom ashes, slags, and fly ash.

1.3.3 Emissions to water

Besides the generation of air pollution, LCPs are also a significant source of water discharge
(cooling and waste water) into rivers, lakes and the marine environment. These discharges may
cause water quality problems, which can vary widely, depending on the type of fuel used, the
abatement technique applied, the cooling technique and consequently the amount of water used,
and the chemical and biological treatment reagents added for cleaning and maintenance
purposes. The main sources of effluent streams in a fossil-fuel-fired combustion plant are shown
in Figure 1.29.

4" Cooling water

Waste water from the
desulphurisation plant

A 4

Waste water from slag
flushing and ash

A 4

transport
Waste water from
Large regeneration of de-
combustion P mineralisers and
condensate polishers
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Waste water from

»| washing of boilers, air
preheater and ash
precipitator

Waste water from boiler
acid washing

Surface run-off water
including water from fuel
storage areas
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Figure 1.29: Effluents from fossil-fuel-fired large combustion plants
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The thermal efficiency of a combustion cycle is restricted by the thermodynamic limits of the
‘Carnot cycle’, which is the theoretical combustion cycle. This means that not all the chemically
bound energy of a fossil fuel can be transformed into mechanical energy, and hence into
electrical energy. The result is that a significant proportion of the energy provided by
combustion must be dissipated at the condenser level and transferred to the surrounding
environment as heat. Many combustion plants use large amounts of cooling water as a cooling
medium, which they take either from rivers, lakes, groundwater bodies or the sea.

The waste heat is transferred (using cooling techniques such as once-through systems or wet
cooling towers) into the cooling water and, further, to the aquatic environment. The
environmental impact of industrial cooling, and thus also of cooling techniques used in LCPs
are described in the BREF on industrial cooling systems (ICS).

The waste water streams mentioned above can be contaminated by a variety of different water-
polluting substances.

Table 1.7 shows the generally relevant water-polluting parameters from LCPs. However, the
significance of each parameter depends on the quality of the raw water, the specific plant
configuration and the processes applied, which also determines the type and amount of pollutant
present in waste water prior to treatment. The contents of Table 1.7 do not fully apply to gas-
and liquid-fired power plants.

Table 1.7:  List of water pollutants from LCPs

Parameter/pollutant Parameter/pollutant*
pH N (total)
Temperature P (total)
Colour As

TSS Cd

TDS Cr

BOD Cu

COD Hg

Mineral oils Ni

Free chlorine Pb

NH; Zn

Sh AOX

As PCDD+PCDF (as TEQ)
Co Phenols (as total C)
Mn PAHSs

TI TOC

\% Chloride (as total Cl)
Sn Fluoride (as total F)
CN Fluoranthene

S

SO,

SO,

EOX

Phenol

PCDD/PCDF

* According to Appendix 5 of the guidance document for
the implementation of the E-PRTR (31 may 2006).
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Because of their chemical, biological and/or physical behaviour, such compounds may have a
high impact on the aquatic environment. These substances can cause changes in the receiving
water, such as increasing its acidity or alkalinity thereby changing its pH value, salinity, or
reducing its oxygen content and increasing plant growth due to the emission of plant nutrients.
For instance, water from slag flushing and ash transport has an alkaline character due to the
composition of the ash, whereas water from boiler washing is acidic. Waste water from the wet
desulphurisation plant contains salts such as chlorides and sulphates.

1.34 Combustion residues

The combustion of fuels is associated with the generation of a variety of residues (wastes and/or
by-products). Substances or objects resulting from a production process, the primary aim of
which is not the production of that item, may be regarded as not waste but as by-products if the
proper requirements for them to be sold on the market are met (e.g. fly ash, gypsum from flue-
gas desulphurisation). According to their origin, residues from a combustion plant can be
divided into those directly related to the process of combustion or those generated by the
operation of the plant and its equipment, such as coal mills or water treatment facilities.
Residues directly related to the combustion of fuels are ashes (fly and bottom ash) and residues
that are generated by the desulphurisation of flue-gases. Within the EU (EU-15) about 48 300 kt
of residues were produced from coal combustion in 2010, of which about 25 290 kt were
utilised in construction (51.7 %), 19 500 kt in reclamation (40 %) and about 1 000 kt was
disposed of (6.4 %). [ 64, ECOBA 2010 ]

The main residues generated by LCPs are as follows:

o Bottom ash and/or boiler slag: Bottom ash is a non-combustible material that settles to
the bottom of the boiler and remains in the form of unconsolidated ash. If combustion
temperatures exceed the ash fusion temperature, the ash remains as slag in a molten state
until it is drained from the bottom of the boiler as boiler slag.

o Fluidised bed ash: The operation of a fluidised bed combustion installation with a solid
fuel, such as coal, lignite, biomass or peat, results in the generation of ash, which is a
composition of spent bed material and fuel ash. Bed ash is removed from the bottom of
the fluidised bed combustion chamber.

o Fly ash: Fly ash represents the part of the non-combustible material that is carried out of
the boiler along with the flue-gas. Fly ash is collected from the particulate control
equipment, such as from the electrostatic precipitator or bag filter, and also from different
parts of the boiler, such as the economiser and the air preheater. The largest amount of
ash is generated by the combustion of coal and lignite, followed by the combustion of
peat and biomass, whereas gas-fired facilities generate very low quantities of ash. The
amount of ash generated from a liquid-fuel-fired facility is much higher than from a gas-
fired boiler, but, compared with the amount of ash from coal combustion, the guantities
are relatively small.

° Flue-gas desulphurisation residues: Fuels such as coal, peat and oil contain varying
amounts of sulphur. To avoid high emissions of sulphur dioxide to the atmosphere, LCPs
(in particular plants over 100 MW,,) are usually equipped with flue-gas desulphurisation
(FGD) systems. The different desulphurisation techniques currently in use result in the
generation of a number of residues. Wet lime/limestone scrubbers, for instance, generate
gypsum as a by-product, whereas dry scrubber systems generate a mixture of unreacted
sorbent (e.g. lime, limestone, sodium carbonates, calcium carbonates), sulphur salts and
fly ash as residue.

Ash and flue-gas desulphurisation residues are by far the largest quantities of residues from
LCPs. These residues may be disposed of as wastes to a landfill or can be used as by-products
for different purposes, such as in cement and concrete production; as aggregate in concrete and
asphalt, for mine reclamation or waste stabilisation; and as an ingredient in many other
products.
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Gypsum, a by-product from the desulphurisation plant, is widely used in the cement and
gypsum industry, e.g. for the production of plasterboard, and makes a significant and increasing
contribution to meeting the demand for gypsum.

Beside the residues that are directly related to the combustion process and which arise in large
volumes, lower volume residues are generated as a result of the plant and equipment operation.
Typical examples of such residues are as follows:

o Residues from boiler cleaning: Residues generated during the maintenance of the gas
and water sides of the boiler, including the air preheater, economiser, superheater, stack,
condenser and ancillary equipment. On the gas side, combustion residues such as soot and
fly ash build up on the surface of the equipment and must be removed periodically. On
the water side, scale and corrosion products build up in the boiler and need to be removed
from time to time, using acid or alkaline solutions.

o Rejects from solid fuel milling: Solid fuels such as coal and lignite are normally reduced
in size in order to be able to blow them into the boiler. During the milling of coal, any
rocks and pyrites (an iron-based mineral) need to be separated from the fuel stream. This
solid residue may be discharged together with the bottom ash.

o Make-up water treatment sludge: Residues resulting from the treatment of make-up
water for the steam cycle. The treatment of boiler make-up water may include different
processes such as settling, flocculation, softening, filtration and osmosis. These treatment
methods result in the generation of a treatment sludge.

o Spent ion exchange resins: lon exchange resins are used for the treatment of boiler
make-up water.

o Spent catalysts from SCR processes: SCR catalysts are used to reduce nitrogen oxide
emissions to the atmosphere. Due to deactivation, these catalysts have to be replaced
periodically (after several years of service). Today, different processes exist for the
regeneration of such catalytic materials. Used catalyst elements are usually sent back to
the catalyst manufacturer for preparation for their reuse.

o Waste water treatment sludge: Sludge generated by treating the different waste water
streams from a LCP.

o Laboratory waste: Small amounts of waste generated in the laboratory, for instance by
analysing fuel samples, intake water, by-products, residues, etc.

o Other residues: Other residues include those resulting from the purging of plant
equipment for maintenance, used oil and equipment containing oil, equipment containing
PCBs, and waste from the treatment of fuel (e.g. coal washing).

Most of the above-mentioned residues, from both the combustion process (e.g. ash) and from
the desulphurisation process (e.g. gypsum), and any other residue from the combustion plant
may represent a potential environmental risk. Ash from a coal-fired boiler, for instance, contains
elements such as silicon, aluminium, iron, calcium, magnesium, potassium, sodium and
titanium, as well as metals such as antimony, arsenic, barium, cadmium, chromium, lead,
mercury, selenium, strontium, zinc and others.

Current EU legislation regards many of the above-mentioned residues from combustion plants
as wastes. However, for many decades, industry has put great effort into developing ways to
minimise the generation of residues and/or to reuse them in various industrial sectors, such as in
the cement and construction industry, such that the quantities of waste disposed of to landfill
have actually been reduced. According to Directive 2008/98/EC of the European Parliament and
of the Council, this is beneficial to the environment because the utilisation of residues as raw
materials helps to conserve natural resources and to minimise the total amount of wastes to be
landfilled. As an example, the use of coal ash has been shown to reduce the overall amount of
CO, emitted in the production of cement, due to the reduced amount of limestone to be
calcined. [ 85, Eurelectric 2012 ]

With respect to bottom and fly ash from coal combustion, both are composed of various
elements from soil associated with the coal. One of their most distinctive characteristics is that
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the bulk of this material is in a powdered or sintered state, with most of the elements contained
within a glassy matrix, and this basically determines their legal classification in national and
international waste lists as an inert, inactive or non-hazardous residue (e.g. non-hazardous
wastes in the European list of wastes - Decision 2001/118/EC amending Decision 2000/532/EC,
and also in the ‘green’ list of the OECD Decision C (92)39/final).

It is also well known that some by-products, such as gypsum from the desulphurisation plant,
have a strong commercial share of the gypsum market and are used as the most important raw
material in the production of gypsum boards. These efforts made by industry help to reduce
cross-media effects and the risk of environmental damage as well as reducing the need to mine
natural gypsum.

1.35 Noise and vibration

Noise and vibration are common issues arising from the operation of LCPs; turbines in
particular have the potential for high noise emissions. Process noise emitted from an installation
into the surrounding environment is a factor that has caused many complaints in the past and
some information needs to be given about causes and approaches to prevent and minimise noise
and vibration.

The most significant sources of noise are from the transport and handling of fuels and residues
(waste and by-products); the use of large pumps and fans; safety valves; the cooling technique;
and from boilers, steam and gas turbines or other stationary engines. Noise and vibration can be
measured in a number of ways, but often the specific method is site-specific and takes account
of the frequency of the sound and the location of residential areas (sensitive receptors).

The impact of noise emitted from a combustion plant is limited to a relatively small area
surrounding the installation. Accordingly, the most frequent problem, especially at night, can be
noise nuisance for people living in the area close to the plant. For this reason, in some countries,
plants are subject to more stringent permissible noise levels at night than during the day.

1.3.6 Emissions of radioactive substances

Natural radioactive substances are not covered by the IED, according to IED Article 3.1 (a).
However, it has been agreed within the technical working group on LCPs to include some
information on the emission of natural radioactive substances released by the combustion of
fossil fuels in the general part of this document.

Emissions of radioactive substances naturally present in most fossil fuels are not considered to
be a key environmental issue LCPs. Over recent years, European society (especially people
living close to LCPs) has become increasingly wary of radiation releases from the utilisation of
fossil fuels, in particular the combustion of large amounts of coal. In practice, emissions to air
of radioactive substances from a particular power plant or stack have been found to be close to
undetectable in comparison with natural background radiation.

An examination of the radioactivity of solid material passing through power plants has shown
that more than 90 % of the radioactivity in coal is retained in the ash. Only a small percentage of
the radioactivity can be found in flue-gas desulphurisation products such as FGD gypsum.
Radionuclide concentration in ash is determined by the radionuclide concentration of the coal,
the ash content of the coal and the conditions at the power station. Because of the ash content,
natural radioactive nuclide concentrations in fly ash exceed those in coal by a factor of 2 to 15.
International measurement results of radioactivity in the fly ash generated by coal burning range
between 60 Bg/kg and 1 000 Bg/kg. Mean data values range from 90 Bg/kg to 180 Bg/kg, with
peak values of up to 1 000 Bg/kg for the uranium series, and from 70 Bg/kg to 150 Bg/kg, with
peak values of up to 290 Bg/kg for the thorium series.
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Peat ash is used as a landfill, for landscaping, in concrete, and as a bulk material for road
construction. It may also be taken to dumps or mounded. The radiation exposure from the
handling and utilisation of peat ash has been estimated with activity indices. In peat ash, the
activity concentrations of radionuclides are 20-25times higher than in peat itself. The
concentrations of radium and thorium are of the same magnitude as those in soil and rock. The
concentration of uranium (up to 1 000 Bg/kg) is on average about 25 times higher than that in
sand and gravel.

1.3.7 Mitigation of environmental impacts

The preceding sections set out the range and magnitude of the potential environmental impacts
from LCPs if abatement techniques are not applied.

The actual impacts can be managed by the selection of appropriate techniques according to the
principles of BAT. The following chapters of this document set out the techniques that are
available to mitigate the potential environmental impacts.

Consequently, the actual impacts of a given LCP will depend on the total package of mitigating
measures that are applied during the plant design, operation, and decommissioning.

1.3.8 Introduction to the integrated approach of protecting the
environment as a whole

Below, the integrated approach is discussed from three points of view [ 130, Finland 2000 ]:

o mutual influence of the emission reduction techniques for different pollutants through the
inherent characteristics of the LCP process in question;

o dependence on the performance of a given pollutant emission abatement technique on
other environmental aspects and on the use of energy and consumables as well as on
economics;

o the need to find an appropriate balance between environmental benefits (reduction of
different pollutant emissions), cross-media effects and economics.

An example of mutual influence in LCP pollution is the interdependence between the emissions
of NOx from a low-NOx burner, the unburnt carbon, CO and hydrocarbons. Attempts to
minimise the NOyx formation at some point cause the unburnt fraction of the fuel to increase
rapidly. This not only reduces combustion efficiency, but also creates new pollutants, CO and
unburnt hydrocarbons. Furthermore, EN 197-1 defines a limit for loss on ignition (method to
measure unburnt carbon, determined in accordance with EN 197-2) of the fly ash, beyond which
the fly ash is no longer recyclable in cement or in the construction industry, creating the need
for fly ash disposal in landfill.

Another example is the dependence of NOx and N,O formation on the fluidised bed combustion
temperature. NOy formation can be minimised by decreasing the bed temperature of the FBC
boiler, but, at some point, the rate of N,O formation starts to increase. A compromise has to be
found between combustion temperatures and a judgement on which one will achieve the best
overall balance. In addition to the oxides of nitrogen, sulphur capture in the bed of a FBC boiler
by limestone addition is also influenced by the bed temperature.

Yet another example is the catalytic reduction of NOx. While it provides an effective means to
reduce NOyx emissions, it introduces a tiny ammonia emission (ammonia slip) into the
environment. Moreover, the transportation, handling and storage of ammonia itself create an
environmental hazard. The risk is less severe at smaller plants where an aqueous solution of
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ammonia is customarily used but at large plants where pure ammonia is used the consequences
of an accident may be severe.

When considering the performance of a pollution abatement technique versus the economic cost
of applying that technique, as well as the requirements for energy and consumables and the need
to handle any waste substances created, the general rule of thumb in many techniques is that
better results can be achieved by investing more money. An example is sulphur reduction in
FBC boilers. The degree of sulphur capture by limestone addition into the FBC bed improves as
more excess limestone is used. Therefore, a high sulphur reduction simultaneously demands an
increased use of limestone. This in turn means higher amounts of ash to deposit somewhere.
Both the use of limestone and the increased amount of ash are environmentally undesirable side
effects of improved sulphur capture in a FBC boiler. Another result of a high calcium content in
the ash may be that it renders the ash unusable. The situation with respect to calcium
consumption is qualitatively similar in semi-dry flue-gas desulphurisation.

In wet scrubbing desulphurisation, excess calcium is not needed. Moreover, it cannot be used if
commercial-quality gypsum is the desired end-product. However, to achieve a higher reduction
efficiency, a larger scrubbing reactor is required, and more electric energy is used in the
scrubbing suspension circulation pumps, the induced draught fans associated with the scrubber
and in the associated heat exchangers. When high sulphur reduction is desired, the increase in
calcium consumption and gypsum production is small, but more electric energy is consumed
and thus more CO; is released to the air.

The particle removal efficiency of both the electrostatic precipitator and the bag filter can be
increased almost indefinitely by increasing the size, and hence also the cost of the equipment.
The conditions with respect to the selective catalytic reduction of NOy are analogous: by adding
more catalyst elements, better reduction and lower ammonia slip can be achieved.

1.3.9 Plant-specific data collection for the LCP sector

Information and data on environmental performances of large combustion plants were collected
at European level, among other ways, by means of plant-specific questionnaires in 2012. The
purpose of the questionnaires was to obtain plant-level information and data regarding the
environmental performance of existing combustion plants/installations.

Each questionnaire/LCP was assigned a specific individual code (e.g. 543-1), which is used in
the rest of this document to identify each LCP. For the assessment, the codes were completed by
coupling the number identifying the plant, with the following characters:

° V for validated questionnaires (questionnaire filled in and sent by the operator, checked
by the relevant Member State, double-checked by the EIPPCB, updated and sent again by
the operator via the Member State — e.g. 543-1V).

o NV for not completely validated (questionnaire filled in and sent by the operator, checked
by the relevant Member State, double-checked by the EIPPCB, but not updated by the
operator — e.g. 432NV).

. No character added (questionnaire filled in and sent by the operator, checked by the
relevant Member State, double-checked by the EIPPCB, without a reply from the
operator — e.g. 536).

o C for 'corrected' questionnaires when the uncertainty of measurement related to the
reported data was re-added to these data in order to make all the submitted data
comparable (i.e. without subtraction of the uncertainty). The ‘correction’ was done by re-
adding the absolute value, or a percentage, depending on the type of information provided
in the questionnaire. Where no information on uncertainty was provided, a 'by-default'
uncertainty corresponding to 2 % for CO emissions, 3 % for NOx and SOy emissions, and
4 % for dust emissions was re-added.
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The collected data and information have been extensively used in the BREF and the combustion
plants' performances shown in tables or graphs are flagged by means of the above-mentioned
codes. In the case of graphs for emissions to water, there is no correction of the uncertainty. The
list of codes and plant names can be found in Annex I. [ 3, LCP TWG 2012 ]

The reported air emission data used for the analysis are without subtraction of the measurement
uncertainty. Information on the averaged uncertainty assigned to measured results from
European combustion plants, derived from data collected at plant level through the
questionnaires is given in Annex IV.
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2 PROCESSES FOR ENERGY GENERATION

2.1 Combustion principles

A boiler requires a source of heat at a sufficient temperature to produce steam. Fuels, when used
for the generation of steam, are generally burnt in the furnace or combustion chamber of the
boiler. Steam generators might also use thermal energy in the form of waste heat from another
process.

Combustion can be defined as the rapid chemical combination of oxygen with the combustible
elements of a fuel. There are just three combustible chemical elements of significance: carbon,
hydrogen and sulphur. Sulphur is usually of minor significance as a source of heat.

Carbon and hydrogen, when burnt to completion with oxygen, are transformed to CO, and H,O
according to the following reactions:

C+ 02 —> COZ
2H2 + 02 —> 2H20

Air is the usual source of oxygen for boiler furnaces. These combustion reactions are
exothermic and the heat released is about 32 800 kJ/kg of carbon burnt and 142 700 kJ/kg of
hydrogen burnt. The energy of fuels cannot be calculated by the sum of energy from the
hydrogen and carbon content alone, as the chemical energy of molecular formation also needs to
be taken into account. Also sulphur and other elements in the fuels contribute to the energy
release. As water is released in a gaseous form during combustion, the heat transferable to the
steam generator is the theoretical heat of combustion minus the latent heat of the water vapour
of the flue-gas. This energy is expressed as the ‘lower heating value’ (LHV) or 'net calorific
value'. The LHV can be compared to the ‘higher heating value’ (HHV) or 'gross calorific value',
which is defined for all the combustion products at environmental conditions (1 bar, 25 °C) and
takes into account the latent heat of vaporisation of water in the combustion. Most of the
additional energy is only available with the condensation of gaseous H,O from the flue-gas to
liquid H,O at temperatures below the water dew point.

The objective of good combustion is to release all of this heat, whilst minimising losses from
combustion imperfections and superfluous airflows. Proper combustion requires a temperature
high enough to ignite the constituents, good mixing or turbulence, and sufficient time for
complete combustion.

In a boiler furnace (where no mechanical work is carried out), the heat energy derived from the
reaction of the combustible elements with oxygen depends on the ultimate products of
combustion and not on any intermediate combinations that may occur in reaching the final
result.

A simple demonstration of this law is the reaction of 1 kg of carbon with oxygen to produce a
specific amount of heat. The reaction may occur in just one step to form CO, or, under certain
conditions, it may occur in two steps: firstly forming CO, which produces a much smaller
amount of heat, and secondly through the reaction of the CO to form CO,. However, the sum of
the heat released in the two steps is the same as the 32 800 kJ/kg generated when carbon is burnt
in the single step to form CO,.

The fact that carbon can react in these two ways with oxygen is of the utmost importance in the
design of combustion equipment. Firing methods must assure complete mixture of the fuel and
oxygen to be certain that all of the carbon burns to CO, and not to CO. Failure to meet this
requirement will result in appreciable losses in combustion efficiency and in the amount of heat
released by the fuel, since only about 28 % of the available heat in the carbon is released if CO
is formed rather than CO,.
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2.2 Common technical combustion processes

The chapter is intended for those interested in gaining a general understanding of the industry
and for those interested in the interrelationship between industrial processes and the topics
described in subsequent sections.

221 General fuel heat conversion

In this section, information is only given as a summary to provide an overview of different
combustion technigues. Where necessary, the specific combustion processes are given in more
detail in the relevant fuel chapters. Combustion techniques are generally applied at about
atmospheric pressure, but can be developed for higher pressure. In all combustion systems,
almost 100 % of fuel energy is converted to heat. This conversion efficiency is called ‘fuel
utilisation’.

Generally in most applications, this released net fuel heat is transferred to, and applied in, steam
processes, gas turbines or reciprocating engines. The unburnt carbon-in-ash, CO, and VOCs
contains the losses of fuel energy during the combustion process.

In gasification processes for solid or liquid fuels, heat is released in two steps: in a first step
when the fuel is gasified, and in a second step when the product gas is burnt.

The choice of system employed at a facility is based on the loads, the availability of the fuels,
and the energy requirements. Facilities using these systems also need other ancillary processes.
These ancillary processes include supporting operations such as coal processing and pollution
control. [ 131, EPA 1997 ]

2.2.2 Pulverised and atomised firing

Boiler types
There are two types of furnaces/boilers where the solid fuels are pulverised or the liquid fuels
are atomised before combustion:

° Dry bottom ash furnace/dry-bottom boiler (DBB): This type of boiler is operated at
temperatures far below the melting point of the ash. To avoid slagging, the ash
temperature is low enough not to stick to the walls, and ash collected at the bottom is
solid. In the centre of the flame, temperatures are often higher than the melting point of
the ash particles and the temperature at the furnace outlets is much lower compared to the
flame temperature, ensuring a solid, non-sticky state of the particles. From 0 % to 20 % of
the ash is transferred to the dry-bottom of the boiler and is extracted as bottom ash, the
remaining 80-100 % of the ash is transported with the flue-gas and then removed
downstream. The DBB technique has the highest installed capacity of coal combustion in
the world. New plants using this technique with single unit capacities of up to 1 100 MW,
are in operation for lignite combustion in Europe. In the US and Japan, units have been
built with even higher capacities for coal combustion.

. Slag tap furnace/wet-bottom boiler (WBB): This type of boiler is operated at
temperatures above the melting point of the ash to ensure a liquid ash with sufficient
fluidity to flow down the protected walls. The liquid ash is quenched in a water-filled
collector. These furnaces need special ceramic lining to withstand the molten ash
temperatures and high-temperature chemical attack. A large amount of ash is transported
to the walls and flows in a liquid form down the walls and through the bottom outlet. Fly
ash in this type of combustion system can be recycled to the combustion chamber to
produce boiler slag as a residue instead of fly ash. The wet-bottom boiler is mainly used
for the combustion of coal (e.g. anthracite), where the amount of volatiles is relatively
low. Waste co-incineration is often relatively easy in slag tap furnaces.
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Firing systems

In pulverised/atomised fuel firing, the fuel gas mixture is injected via nozzles into the
combustion chamber and burnt with combustion air. Separate ignition/pilot burners are used
during start-up, for unstable combustion situations and/or for shutdown. These burners are
supplied with fuel oil ignition/support feed in most cases, but can also use natural gas or finely
ground dry lignite. Different coal burner configurations for coal and lignite boilers are shown in
Figure 2.1.

L

Tangential-fired
{corner-fired)

Wall-fired Wall-fired
single (front) wall opposed

Source: [ 132, Rentz et al. 1999 ]

Figure 2.1: Different coal burner configurations (main systems applied)

o Wall- or front-fired systems: In horizontally wall-fired systems the burners are located
in rows, either on the front wall only or on both the front and rear walls. The latter is
called ‘opposed firing’.

o Tangential- or corner-fired systems: In tangential- or corner-fired systems, the burners
are located in each of the four corners of the furnace. The burner nozzles are directed so
that the streams of coal and air are projected along a line tangent to a small circle, lying in
a horizontal plane, at the centre of the furnace. A rotative motion, similar to that of a
cyclone, is imparted to the flame body, which spreads out and fills the furnace area. The
ignition at each burner is aided by the flame from the preceding one. In many cases, the
windbox nozzles can be automatically tilted to control the furnace exit-gas temperature,
to maintain the heated or reheated steam at the system design temperature. A corner-
firing system is always a tangential-firing system, but a wall-firing arrangement can also
be built as tangential-firing system. Figure 2.2 shows an example of a tangential-fired
combustion chamber.

Large Combustion Plants 45




Chapter 2

Source: [ 114, Khan et al. 2014 ]

Figure 2.2: Tangential-fired combustion chamber

° Vertically fired systems: The first pulverised coal systems had a configuration called
vertical or arch. They are now principally used to fire coals with volatile matter of
between 8 % and 15 % (dry basis). The firing system produces a long, looping flame in
the lower furnace with the hot gases discharging up the centre.

Boilers designed for burning liquid and gaseous fuels are very similar to boilers that are used
for the combustion of coal. While gaseous fuel is directly combusted with air, liquid fuels are
sprayed into the furnace via nozzles, generating very small droplets atomised by high-pressure
steam or air and producing a high amount of volatiles. Only heavy fuel oils produce significant
amounts of ash. All clean gaseous and liquid fuels can be fired by burners at the bottom of the
furnace.

A typical heavy fuel oil boiler is shown in Figure 2.3.
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Figure 2.3: Heavy fuel oil boiler

All burner designs are supplied directly with air.

When designed for gas burning only, the combustion chamber is slightly smaller but, in most
cases, these boilers are designed to also burn liquid fuel in emergency situations or for multi-
fuel firing.

2.2.3 Fluidised bed combustion

Fluidised bed combustion takes place with the injection of fuel into a hot turbulent bed formed
of inert material and ash, where primary combustion air has also been injected from the bottom
of the fluidised bed boiler for fluidisation of the bed.

Sand is normally used in the first bed material for the first start-up of the boiler. The bed of
particles, including fuel (between 1% and 3 % of the bed material), ash and sorbents, is
fluidised by upwards flowing air and flue-gas in a furnace. Due to the combustion temperatures
of about 850 °C and the long residence time, the burnout of the fuel is very high and, therefore,
the related emissions of combustion products are relatively low.

For this FBC type of furnace, solid fuel generally has to be coarsely milled, as fine particulates
would be blown out of the fluidised bed, and excessively large particulates would stop
fluidisation.

Small units operate at static fluidisation. With growing boiler sizes and with low reactive fuels,
the application of circulating fluidised bed combustion is preferred. To utilise the whole
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furnace, volume particulate extraction, cyclone separation and the recycling of coarse particles
to the bed are integral to the concept. A few pilot FBC plants are operated at higher pressures,
integrating a gas turbine for flue-gas expansion. These systems are called pressurised fluidised
bed combustion (PFBC) systems. Despite technical problems faced in the development period
of this system, a few plants are operating today.

Currently two different types of fluidised bed boilers exist: bubbling fluidised bed combustion
(BFBC) and circulating fluidised bed combustion (CFBC). Figure 2.4 shows a scheme of both
types of fluidised bed boilers. Fluidised bed combustion is used for industrial and power
applications where different solid fuels such as coal, lignite, peat and particularly biomass are
burnt.
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Figure 2.4: Schematic of the bubbling fluidised bed boiler and the circulating fluidised bed boiler

Fluidised bed combustion is not very different from other combustion techniques. Bubbling
fluidised bed combustion resembles spreader stoker grate firing in many respects. The main
benefit for combustion is the better temperature control. Circulating fluidised bed combustion
resembles pulverised fuel combustion or burner combustion. One difference though is the
comprehensive temperature control of the furnace, which ensures ignition of the fuel without the
need for a high-temperature flame.

The temperature of a fluidised bed is typically 750-950 °C. The lower limit comes from the
combustion reactivity of the fuels, and the upper limit from the starting point of the fuel ash
sintering.

Fuel does not need to be pulverised or dried for use in fluidised bed boilers. Mechanical
crushing of the fuel is sufficient to facilitate its feeding into the bed. Fluidised beds can tolerate
high moisture content because of the stabilising effect of the bed. Some size limitations are
connected with the rotary fuel feeders. On the other hand, the pre-processing of reactive fuels is
safer if they contain a moderate amount of moisture. The risks of explosive dust formation and
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fires in fuel processing and transportation are normally controlled by keeping the fuel moisture
content above 40 %.

As far as environmental considerations are concerned, FBC systems are able to reduce SO,
emissions by limestone injection and can achieve a relatively low level of thermal NOx
formation because of the low combustion temperature. This is one of the reasons why this
combustion technique is being intensively developed more and more nowadays. Moreover, a
wide range of fuels can be combusted in the same facility because these boilers are not very
sensitive to the fuel specifications.

In the bubbling bed freeboard above the bed itself, the combustion of the pyrolysis gases can
produce temperatures in excess of 1 200 °C and this can promote the formation of thermal NOx.
As a general rule, NOx formation in a properly designed fluidised bed can be kept below the
NOx formation in PC boilers.

The fluidised bed combustion option is a balancing act between the partially conflicting
requirements of NOy, N,O, and SO, control, and the control of unburnt hydrocarbons, CO, and
char.

Fuels with a low ash melting point cannot be burnt in a fluidised bed, because the fluidisation
will be disturbed quite rapidly by the accumulation of melted ash. Heavy physical impurities
such as metal particles in domestic waste cannot be fluidised either, as they sink onto the air
distribution plate, disturb the fluidisation, and are difficult to remove from the furnace.
However, new solutions for keeping the bed operational with these fuels have been successfully
implemented.

2.2.31 Bubbling fluidised bed combustion (BFBC)

Bubbling fluidised bed combustion (BFBC) is a modern combustion technology, especially
suited for burning inhomogeneous biofuels. In BFBC, the fuel is fed into the bed. Biofuels
pyrolyse instantly once in contact with the hot bed. Of the combustion air, 30—40 % is used as
the fluidising air and the rest is used for the combustion of pyrolysis gases in the so-called
freeboard above the bubbling bed. Most of the finest particles also burn in the freeboard. The
combustion temperature in the freeboard can be up to 1 100-1 200 °C, or even higher locally.
The bubbling bed actually operates as an adiabatic combustor of fuel, and the low combustion
temperature is a result of using a substoichiometric air ratio in the primary combustion zone.

BFBC consists of a 0.5-1.5m high bed on a fluidising air distribution plate. The fluidising
velocity is about 1 m/s. The density of the bubbling bed is about 1 000 kg/m®. Typical bed
materials used are sand, fuel ash, dolomite, limestone, etc. The particle size distribution in the
fluidising bed material is typically within 0.5-1.5 mm, as smaller particles are carried out with
the fluidising gas flow, and larger particles sink onto the distribution plate. The left of Figure
2.5 shows how the furnace of a BFB boiler, marked light blue, with the fluidised bed at the
bottom, is wide to keep the gas velocities low enough for the fluidised material to stay in the
furnace.

In the freeboard of the BFBC furnace, other burners can be located and operated simultaneously
with the bed. For example gas, oil and coal burners have been used.

2.2.3.2 Circulating fluidised bed combustion (CFBC)

Circulating fluidised bed combustion (CFBC) differs from BFBC in two ways. The bed material
particle size is smaller, i.e. 0.1-0.6 mm, and the fluidising velocity is faster, i.e. 4-6 m/s. These
changes affect the fluidising conditions so that part of the bed material is carried out from the
bed, transiting through the furnace to the second pass of the boiler. These particles are separated
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from the flue-gas flow by a cyclone or by other separation methods and recirculated back to the
fluidised bed. The separation can be carried out in the middle of the second pass and, in part, at
the outlet of the boiler pass, where electrostatic precipitators and bag filters can also be used.

In CFBC, air is blown into the bottom of the furnace, partly as primary air injected through a
grid and partly as secondary air some metres above the grid. The velocity of the air is high
enough to carry the bed solids along with it, thereby filling the entire combustion chamber. The
hot combustion gases carry the particles to the top of the combustion systems and into heavy-
duty cyclones or other separation units, where they are separated and recirculated back into the
bottom of the main combustion chamber as is represented on the right side of Figure 2.5. To
enable SO, removal, crushed limestone or dolomite is added to the bed. The circulating bed
systems increase the reaction time and the level of gas mixing, therefore generally leading to a
more efficient combustion and fixation of sulphur.
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Source: [ 115, NOVOX 2013 ]

Figure 2.5: BFBC bhoiler (left) and CFBC boiler (right) schemes

CFBC includes a bubbling fluidised bed at the bottom of the furnace. The suspension density
above the bed decreases with furnace height, as the bed material is recycled in the furnace along
the furnace walls. This high share of circulating inert material smoothes the temperature profile
throughout the furnace. The heat transfer surfaces therefore can be located at different places in
the furnace or in the bed material circulation loop. In the furnace, heat is transferred very evenly
to all heat transfer surfaces, because the heat radiation of the dense suspension is not dependent
on the radiation properties of the flue-gases.

A cyclone is the most common solids separation method used in CFBC boilers. Experience
from existing CFBC plants have shown that cyclone efficiency is a crucial parameter for the
proper functioning of the whole CFBC system. The cyclone efficiency has a major impact on
the carbon burnout, limestone consumption, SO, and CO emissions, and the temperature profile.
The cyclone efficiency is mainly important for fuels such as low reactive fuels and fine grain
fuels (coal slurry), because the better the cyclone efficiency, the longer the char particles are
kept in the furnace and less furnace inventory is lost via the cyclone.

The increase in cyclone efficiency greatly enhances the solid circulation rate, thus ensuring a
constantly high heat transfer in the furnace. Thus, the most favourable conditions for low NOyx
and low SOy emissions can be reached for a wide fuel range and load range. Optimisation of the
cyclone design is a key issue for good performance of a CFBC boiler.
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Supercritical CFB boilers have exceeded 450 MW, since 2009 and 600 MW, since 2014
(Baima, China). Most boiler suppliers are able to develop CFB plants up to 900 MW..

The latest developments of CFBC plants have been focusing on the low-emission combustion of
a broad range of coals, including poor quality bituminous coal with high sulphur and high ash
contents, but also low-ash anthracites and low-calcium lignite. Other objectives have been to cut
operating costs (mainly limestone and ash disposal costs). Furthermore, different steps to
increase plant efficiency and to reduce CO, emissions have been developed, e.g. introducing
super-critical CFB technology (Figure 2.6) and further expanding the capabilities to combust
difficult coals (Figure 2.7).

Source: Foster-Wheeler in [ 327, EPPSA 2011 ]

Figure 2.6: CFBC plant for high efficiency Figure 2.7: CFBC plant for low-quality lignite

(Lagisza, 966 MWth, (Turow, 3 x 557 MWth, 195/181
361/306 kg/s, 275/50 bar, kg/s, 170/39 bar, 568/568 °C)
560/580 °C)
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2.2.33 Pressurised fluidised bed combustion (PFBC)

Based on the experience gathered with atmospheric fluidised bed combustion systems, the
development of pressurised fluidised combustion (PFBC) started in the mid-1970s. The
technology is a combination of the Rankine steam cycle and Brayton gas turbine cycle. PFBC
systems offer the advantage of smaller plant sizes than conventional FBC plants for the same
output. Because of the low combustion temperature, no thermal NOy is formed, and fuel NOyx
can be reduced during combustion by the introduction of ammonia into the freeboard or into the
flue-gas duct. As in the case of atmospheric FBC, it is possible to differentiate between
bubbling and circulating bed systems. PFBC plants were commissioned in the 1990s and the
early 2000s.

The main parts of a PFBC system are: the fuel preparation and handling section; the pressurised
bubbling or fluidised bed boiler; the flue-gas clean-up section; the gas turbine (including the gas
turbine expander and the air compressor); and the steam/water circuit of the steam turbine.
Figure 2.8 shows a schematic drawing of a bubbling bed PFBC system.
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Figure 2.8: Schematic drawing of a bubbling bed PFBC system

In the scheme shown in Figure 2.8, coal is crushed and then mixed with limestone (dolomite).
The mixture is fed via a pneumatic conveying system or a slurry feed pump across the pressure
boundary and is then injected into the combustor from a series of feed points. Combustion air is
first pressurised using a suitable gas turbine compressor and routed to the combustor
containment vessel through the outer annulus of a coaxial duct, while hot combustion gases
return to the turbine through the central passage. Combustion takes place inside the pressure
vessel at a temperature of 850 °C to 900 °C and a pressure of approximately 1.6 MPa. The
combustion chamber is equipped with immersed heat exchangers, which allow for a constant
combustion temperature and which produce high-pressure steam, which is utilised in the steam
turbine. The hot flue-gases are first cleaned using ceramic candle filters or cyclones and then
expanded through a gas turbine connected to the air compressor and a generator. A Brayton
cycle gas turbine expander drives the air compressor supplying air required for the combustion
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process. Turbine exhaust gases are fed to a heat recovery steam generator and are used for boiler
feed-water preheating and steam generation. The steam turbine produces about 80 % of the total
electricity produced by the utility.

Currently, PFBC systems are able to achieve thermal efficiencies of up to 45 %. Further
improvements are limited because of the comparatively low gas turbine inlet temperature, which
is determined by the combustion temperature in the fluidised bed boiler. Several process
schemes to increase the gas turbine inlet temperature, e.g. by an additional firing using natural
gas or fuel oil, or by partial gasification of the feed coal prior to combustion and utilising the
fuel gas in the gas turbine, have been proposed and are being investigated. These process
configurations offer considerably higher efficiency values, but no pilot or demonstration plant
has yet been built. As mentioned earlier, inherent emission control is one of the main features of
PFBC technology. [ 132, Rentz et al. 1999 ]

2.2.3.4 NOx and N,O control in fluidised bed combustion

The formation of thermal NOx is low in fluidised bed combustion because of the low
combustion temperature. Most NOx formed in FBC boilers is generated from the nitrogen
content of the fuel, and is efficiently controlled by staging the combustion air. The staging in
CFBC is always quite strong because of the poor horizontal mixing of gases over a dense
suspension area. The dense suspension suppresses the turbulence, and the combustion zone of
volatile fuel components spreads upwards from the feeding point. Staging of combustion air can
also be implemented in BFBC.

Fuel nitrogen can also form nitrous oxide (N,O). N,O emissions are higher from FBC boilers
than from PC boilers. The share of fuel nitrogen that forms nitrous oxide decreases to an
insignificant value if the bed temperature is increased to over 950 °C. On the other hand, a high
combustion temperature can cause an increase in the emissions of nitrogen oxides (NO and
NO,). In BFBC, the risk of nitrous oxide emissions can be more easily avoided, as the
temperature in the freeboard can be kept much higher than 950 °C.

2.2.4 Grate firing of solid fuels

Grate firing is the oldest firing principle used in boilers. Today grate-firing systems are highly
developed and moving grates are typically used in these systems. Depending on the particular
fuel characteristics, moving grates are arranged in a horizontal position (e.g. travelling grate
systems) or in a sloped position (e.g. pusher-type grate systems or vibrating grates). Moving
grate systems burn solid fuels on the grates with air passing through the system floor. Normally
there is only limited fuel preparation needed. Large pieces of solid fuel may be reduced in size
in order to supply a more or less homogeneous particle size distribution into the combustion
chamber for burning on the grate. The maximum size of the fuel particles is often determined by
the feed systems for the combustion chamber and depending on the technical conditions of the
grate.

Grate or spreader stoker combustion systems burn solid fuels on the grate or stoker system with
air passing through the system floor (see Figure 2.9). Most coarse solid fuels can be burnt in
these systems. On a mass-burn grate, the fuel is initially dried and then pyrolysed as it moves
along the grate and finally the char is burnt and the ash is discharged at the end of the grate. In
spreader stoker firing, part of the fuel burns in suspension. The heavier fuel particles land on the
grate and burn more or less uniformly across the grate surface.

The combustion process in grate firing is not as well controlled as it is in pulverised fuel burners
or in fluidised beds. The combustion chemistry and the temperature can vary even for the same
kind of fuel particles, depending on their location on the grate. On a grate, all fuels will first be
dried, then pyrolysed and, finally, the char is burnt on the grate. The pyrolysing share of fuel
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energy can be about 80 % with biofuels. Modern grate-firing control enables an optimal burning
air supply and, therefore, a low content of unburnt compounds in the flue-gases.

Practice shows that fuel can be fed as a mixed size grading, usually from 30 mm downwards,
including very fine particles. Grate combustion systems work with a steady reservoir of fuel in
the combustion chamber, but the fuel can be left on the grate without the fans running, and can
be rekindled quickly in the event of sudden demand for steam. If problems arise with the air
supply, a bypass operation is necessary. Grate firing is a technology applied for coal- and
biomass-fired boilers used for heat inputs up to 150 MW, mainly applied in industrial and local
district heating plants.
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Source: [ 134, Bell et al. 2000 ]

Figure 2.9: Travelling grate firing for coal combustion

In the spreader stoker system, the fuel can also be fed onto the grate by a so-called spreader
located on the furnace wall (see Figure 2.10). The spreader throws the fuel on the grate against
the direction of the grate movement. Thus, the longest burning time can be achieved for the
largest particles, as they are thrown furthest from the ash discharge.
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Figure 2.10: Spreader stoker grate firing for solid fuels
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2.3 Direct conversion

231 General

The expansion of hot pressurised (flue-) gas in gas turbines and in internal combustion engines
allows the generation of mechanical and, subsequently, electrical energy. Such systems have
been developed from mobile systems and are often applied in remote sites, like islands, or in gas
transmission networks. The transfer of combustion heat at a high temperature to steam with
exergetic losses caused by temperature limitations is avoided in these processes. For this reason,
interest in direct expansion methods is increasing. These systems can be started very quickly
and so can meet peak demands. Additionally, these technologies do not necessarily need water
for cooling. Nonetheless, they can be coupled to steam processes to increase the overall
efficiency, i.e. in a combined cycle.

2.3.2 Combustion engines

Combustion or reciprocating engines have one or more cylinders in which fuel combustion
occurs. Engines convert the chemical energy of fuels into mechanical energy, in a design similar
to a marine engine (HFO and/or gas oil engine type) or automotive Otto (lean-burn gas engine
type) engine. To produce electricity, the moving piston transfers the energy from the
combustion to a generator connected to the rotating engine shaft.

Reciprocating engines for power plants are typically designed to operate on either four- or two-
stroke cycles. Both larger baseload engine-driven power plants with an output of up to about
600 MW, (formed by a number of single engines) and decentralised smaller simultaneous heat
and power (CHP) production plants are common worldwide. High-efficiency medium- and low-
speed engines are suitable for baseload operation. Medium-speed diesel engine units with a fuel
input of up to 50 MWy, or more and gas diesel engines (‘high pressure’ and ‘low pressure (dual
fuel)’ types) with a fuel input of up to 40 MW, are available on the market. Low-speed diesel
engine units have a fuel input of 130 MW,, or more. Four-stroke spark-ignited lean-burn gas-
type engine units have a fuel input of up to about 45 MWy, [ 135, Wartsild 2000 ]

Compared to gas turbines, combustion in reciprocating engines is not continuous and takes
place in closed combustion chambers. During combustion, the pressure and temperature
increase is very high and this allows a high conversion efficiency for small units. Most systems
use gas oil or heavy fuel oil as liquid fuel, but gaseous fuel use is also possible. Often special
measures are necessary to reach current emission standards.

In Europe, few such plants exist in interconnected systems for power generation with liquid
fuels. The applications with liquids are mainly limited to isolated systems (e.g. operated on
islands) where a natural gas grid is not available. Gas-fired stationary engine plants are common
today, such as medium-sized CHP plants and large peaking plants for grid stabilisation.

The advantages of the reciprocating engine for this kind of application are many, e.g. high
thermal efficiency (low fuel consumption), optimum set-up for matching different load
demands, short construction time, easy maintenance and robust design. The best electrical
efficiencies (at alternator terminals) range from about 38 % to 48 % (depending on the engine
size, and depending on whether it is a new engine and/or whether it is single or combined
cycle), calculated on the lower heating value of the fuel.

Other attractive advantages of the engine-driven combustion plant are that these combustion
plants can be located in urban areas or in industrial areas close to the consumers of the heat and
electricity. Less transmission lines are then needed and the associated energy losses and land
demand can be minimised. Engine-driven CHP plants are well suited for industrial applications,
local utility companies, residential and commercial buildings, etc. Heat can be recovered as
steam, hot water, hot air, etc. Possible options for using the recovered heat include:
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o district heating/cooling;
o desalination processes;

o air preheating for some processes.

23.21 Diesel engines

Diesel engines are flexible in terms of fuel and can use fuels such as gas oil, heavy fuel oil, gas,
crude oil, biofuels and, in a few cases, even emulsified fuels. In a diesel engine, air is forced
into the cylinder and is compressed by the piston. Fuel is injected into the cylinder and is ignited
by the heat of the air compression.

The optimum heat to power ratio for a reciprocating engine plant is typically about one (in a
high-grade heat plant), compared to a low-grade heat system which typically has a heat to power
ratio of 3/2 or higher.

Liquid fuel pressure can be boosted to about 1 100-1 800 bar (dependent on engine type) to
achieve a droplet distribution small enough for fast and complete combustion. The nozzle
design for the fuel inlet is one of the key factors for the combustion process. Combustion is
realised partially at constant volume with an increase in the pressure, with the main combustion
process occurring at constant pressure. Combustion is not continuous but occurs only during
one part of the cycle. End-of-compression pressure and temperature are important parameters to
ensure good combustion. The maximum pressure must be limited to prevent damage. The
engine materials can bear temperatures of about 1 200 °C, which allows a maximum cycle
temperature of 2 500 °C. Thus the efficiency of this kind of engine is around 40-50 %.

2.3.2.2 Spark-ignited (SG-type) engines

A spark-ignited gas Otto engine often works according to the lean-burn concept. The expression
‘lean-burn’ describes the ratio of air-combustion/fuel in the cylinder, which is a lean mixture,
i.e. there is more air present in the cylinder than needed for combustion. In order to stabilise the
ignition and combustion of the lean mixture, in larger engine types, a pre-chamber with a richer
air/fuel mixture is used. The ignition is initiated with a spark plug located in the pre-chamber,
resulting in a high-energy ignition source for the main fuel charge in the cylinder. This engine
type is designed for use with low-pressure gas as a fuel. Spark-ignited engines with a fuel input
of up to 40 MWy, are on the market.

2.3.2.3 Low-pressure dual fuel (DF-type) engines

The dual fuel (DF) engine is an engine type that recently became available on the market,
developed for countries where natural gas is available. This engine type is versatile with regards
to fuel, it can be run on low-pressure natural gas or liquid fuels such as gas oil, heavy fuel oil,
bio oils, etc., and it can operate at full load in both fuel modes. In the gas mode, the engine is
operated according to the lean-burn principle, i.e. there is about twice as much air in the
cylinder compared to the minimum needed for complete combustion of the gas. This allows a
controlled combustion and a high specific cylinder output without immediate risk of knocking
or self-ignition when the process is well controlled. In gas engines, the compression of the
air/gas mixture with the piston does not heat the gas enough to start the combustion process, and
therefore some additional energy needs to be added, which is done by injecting a small pilot fuel
stream (e.g. gas oil). A liquid fuel such as gas oil has a lower self-ignition temperature than
natural gas and the heat in the cylinder close to the top position is enough to ignite the liquid
fuel, which in turn creates enough heat to cause the air/gas mixture to burn. The amount of pilot
fuel ranges from 1% to 2 % of the total fuel consumption at full load. The engine works
according to the diesel process, in the liquid fuel mode, and according to the Otto process in the
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gas mode [ 136, EUROMOT 2001 ]. In view of the different thermodynamic cycles when
operating a dual fuel engine, the engine cannot be optimised for each fuel and a level of
compromise is inherent. The DF engine is primarily optimised for gas operation. Thus the
compression ratio possible for a DF engine will be lower than for a modern diesel engine and, as
a consequence, the NOyx emission is higher for the DF-type engine in liquid mode than for a
modern optimised diesel engine if there is no NOy abatement technique.
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Source: [ 277, Wartsila 2001 ]
Figure 2.11: Natural gas-fired engine
2324 High-pressure gas diesel (GD-type) engines

High-pressure gas injection engines operate according to the diesel process in both liquid and
gas fuel modes. In the gas mode, a pilot fuel oil (e.g. HFO) (typically 3-5 % of the total fuel
heat input) and a high-pressure gas at about 350-400 bar pressure are needed. The engine can
operate at full load, both in liquid and gas fuel modes. High-pressure gas diesel engines up to
about 40 MWy, or 20 MW, are available on the market.

2.3.3 Gas turbines

Gas turbines are used for the transformation of chemically bound fuel energy into mechanical
energy. They are applied for the production of electrical energy and to drive pumps and
compressors. The number of gas turbines used worldwide has grown significantly over the last
decades, and nowadays gas turbines are increasingly used for electricity production in base and
intermediate loads, and can also be used for emergency and peak demand, in large grids. In the
case of islands, gas turbines operate with liquid fuel, mainly gas oil in medium or baseload
operation. This increase may be explained by the abundant supply of natural gas at a favourable
price in the past and by the development of a new generation of gas turbines with higher output,
efficiency, and reliability.

Stationary gas turbines are classified into three groups according to their design characteristics
and thermodynamic parameters:

. heavy-duty gas turbines;
o aero-derivatives (gas turbines derived from aircraft engines);
o small and micro-gas turbines for a decentralised power supply.

[ 1, Eurelectric 2012 ]
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Gas turbines are used within a wide range of thermal capacities, from small gas turbines at
about 100 kW,, up to large gas turbines of 380 MW,. Gas turbines can be fuelled with various
gaseous fuels and liquid fuels. Natural gas is the usual gaseous fuel for gas turbines, but gases
with low or medium calorific value are also applied, such as coal gas from coal gasification
units, gas from blast furnaces, and gas from biomass gasification units. Heavy-duty gas turbines
are capable of burning a variety of liquid fuels, from naphthas to residuals. Operating with ash-
forming fuels, such as crude and residual oils, requires comprehensive treatment systems (e.g.
desalting or particulates removal). The oil is raised to the necessary input pressure before
combustion in the gas turbine.

Gas turbines are installed in different types of combustion plants, such as combined cycle units,
cogeneration plants, and integrated coal gasification units (IGCC). Aeroderivative gas turbines
are available up to 100 MW,, with efficiencies of up to 42 %. They are also largely used on
offshore platforms. Heavy-duty gas turbines with power outputs from 150 MW, to 380 MW,
can reach efficiencies of up to 39 % (open cycle). Figure 2.12 shows examples of heavy-duty
gas turbines from different manufacturers.

Source: [ 116, EUTurbines 2013 ]

Figure 2.12: Heavy-duty gas turbine electricity-generating units from different manufacturers

Sequential combustion, as shown in Figure 2.13, allows for a significant enhancement in heavy-
duty gas turbines used in the simple cycle mode without a combined steam cycle. One
advantage of these gas turbines is that the efficiency can be improved without constantly
increasing the turbine inlet temperature, while the classical heavy-duty gas turbine process with
high turbine inlet temperatures increases the complexity of the design of the downstream
process, due to the high exhaust gas temperature.
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Figure 2.13: Scheme of a gas turbine process with sequential combustion

Figure 2.13 shows the scheme of a process with sequential combustion (1-2-3-3,-3;-4). The
process pressure ratio (p,/p1), the turbine inlet temperature of both turbines (Tsand Tg;), and the
outlet temperature of the first turbine (T3) form three parameters which allow for setting an
optimised gas turbine outlet temperature (T,4) in a combined process.

The classical heavy-duty process (1-2'-3'-4") with high turbine inlet temperatures (Ts) also
generates very high exhaust gas temperatures (T4), for which the design of the downstream
steam process requires an increased complexity. It may be beneficial if the downstream cycle is
designed for good exergy. An increase in the pressure ratio and turbine inlet temperature, which
is possible in an aircraft engine and the derived gas turbines for power generation
(aeroderivative gas turbine = 1-2"-3"-4"), leads to exhaust gas temperatures which are too low
for an optimised combined operation. [ 1, Eurelectric 2012 ]

Gas turbines can be used in specialised cogeneration (CHP) plants. Industrial complexes can
produce electricity on site when large heat to power ratios exist, i.e. ranging from 1.5 to 3.

Gas turbine systems are widely used to generate electric power. The turbines are gas and steam
power plants, and peak load systems.

The open cycle gas turbine process is characterised by the relatively high temperature of the
fluid flow discharged from the gas turbine. This energy may be partly used for instance to
generate steam for operating steam cycle processes, as shown in Figure 2.14. This increases the
fuel utilisation significantly by converting the open cycle gas turbine into a combined cycle gas
turbine. [ 1, Eurelectric 2012 ].
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Figure 2.14: Combined cycle power plant cogeneration principle 1+1 system

The application of gas turbines in CHP units is increasing as a means of improving overall
efficiency and reducing emissions. As the efficiency of open cycle gas turbines varies from
approximately 30 % to 42 %, the efficiency of combined cycles can be up to 61 %, while in a
combined heat and power plant fuel utilisation values as high as 90 % can be obtained. It should
be emphasised that the efficiency values mentioned apply to new, well-maintained gas turbines
at full load and under ISO conditions. At other conditions, the values may be significantly
lower.

A gas turbine basically consists of three elements: a compressor, a combustion chamber and an
expansion turbine (Figure 2.15). Ambient air is taken in by the compressor through the air
intake system, filtered and then compressed to a pressure between 10 and 30 bar in
aeroderivative or larger industrial gas turbines. Since a gas turbine uses large amounts of
combustion air, the presence of even low concentrations of contaminants in the air can result in
a significant fouling of the gas turbine. This could be due to contaminants precipitating on the
blades of the compressor, directly affecting the performance of the gas turbine. The combustion
air is therefore filtered to prevent this from happening.
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Figure 2.15: Gas turbine (159 MW) with a silo combustion chamber

In the combustion chamber(s), fuel and compressed air are burnt at temperatures of between
1000 °C and 1 450 °C. After the combustion process, the gas expands through the turbine and
generates electric power in the generator, drawing off the power needed to drive the
compressors, or the shaft transferring mechanical power in the case of mechanical drive
systems.

Gas turbines are designed with one or two shafts. Single-shaft gas turbines are configured with
one continuous shaft and, therefore, all stages operate at the same speed. These units are most
suited to generator drive applications, where a significant speed variation is not required or is
even not wanted. In some cases, a reduction gear is applied between the gas turbine and the
generator.

In a multi-shaft gas turbine, the low-pressure part of the turbine (the power turbine) is separated
from the high-pressure part, which drives the compressor. The low-pressure turbine is able to
operate at a wide range of speeds, which makes it ideally suited to variable speed applications.
However, this feature is less important for application in power plants, because the driven
equipment (i.e. the generator) is operated at a constant speed during normal operation, related to
the grid frequency.

The materials applied in stationary gas turbines can be classified into three main groups:
stainless steel (iron-based), nickel-based alloys, and cobalt-based alloys. In general, the
materials adopted for compressors are the same as those applied in the high-pressure parts of the
steam turbines. Nickel-based materials are usually applied for combustor parts. For gas turbine
blades, nickel-based superalloys are applied because of their good mechanical properties at high
temperatures.
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In order to improve the corrosion and oxidation resistance of superalloys, which is not optimal
especially at higher temperatures, coatings are applied on turbine blade materials (necessary as
at low temperatures, condensates of moisture and acid solutions are corrosive to the
components).

Gas turbines are inherently very noisy, therefore they are built into special noise attenuation
enclosures, with silencers integrated into the gas turbine air intake and exhaust gas outlet
channels.

N ‘-'.‘” .; ’ﬁ %

Figure 2.16: Recently built gas turbine combined cycle power plant in Belgium

The main requirements of any fuel for use in gas turbines are:

high calorific value;

high consistency of heat input to the turbine;

high cleanliness;

low corrosiveness, either to accessories or to hot turbine blades;

low deposition and fouling tendencies, especially on hot turbine blades.

In the open cycle configuration, the combustion gases are released directly into the atmosphere
at a temperature of > 450 °C.
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2.4  Steam processes

241 General

Most power plants operate using a steam process that uses the fuel energy to generate steam at a
high pressure and temperature, both necessary for high efficiency. The heat transfer from the
fuel is used to evaporate the boiler water and to overheat steam. In the steam turbine, the steam
is expanded across the pressure drop in the turbine. The pressure drop depends on the cooling
medium temperature. The extent of the pressure defines the maximum electrical efficiency.
Cooling is necessary to condense the steam. The condensate is then preheated and pumped to
the boiler for a new cycle.

2411 Typical elements of a steam cycle
The process of generating electricity from steam comprises four parts: a heating subsystem (fuel

to produce the steam), a steam subsystem (boiler and steam delivery system), a steam turbine
(Figure 2.17), and a condenser (for condensation of the used steam).

Figure 2.17: Steam turbine of a coal-fired power plant

Heat for the system is usually provided by the combustion of coal, natural gas, biomass or oil.
The fuel is conveyed into the boiler’s furnace. The boilers generate steam in the pressurised
vessel in small boilers or in a water-wall tube system (Figure 2.19) in modern utility and
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industrial boilers. Additional elements within or associated with the boiler, such as a
superheater, reheater, economiser and air heater, improve the boiler efficiency.

Residues from the combustion process include flue-gases and, when coal, biomass or oil is used
as fuel, ash.

High-temperature, high-pressure steam is generated in the boiler and then enters the steam
turbine, as shown schematically in Figure 2.18. At the other end of the steam turbine is the
condenser, which is kept at a low temperature and pressure. Steam flowing from the high-
pressure boiler to the low-pressure condenser drives the turbine blades, which powers the
electric generator.
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Source: [ 139, Cortés et al. 2000 ]

Figure 2.18: Schematic of an ideal combustion Rankine steam cycle

Steam expands as it works, hence the turbine is wider at the end where the steam exits. The
theoretical thermal efficiency of the unit depends on the gradient between the high pressure and
temperature in the boiler and the low temperature and pressure in the condenser.

Low-pressure steam exiting the turbine enters the condenser shell and is condensed on the
condenser tubes. The condenser tubes are maintained at a low temperature by the flow of
cooling medium. The condenser is necessary for efficient operation by providing a low-pressure
sink for the exhausted steam. As the steam is cooled to condensate, the condensate is
transported by the boiler feed-water system back to the boiler, where it is reused. Being a low-
volume incompressible liquid, the condensate water can be efficiently pumped back into the
high-pressure boiler.

A constant sufficient flow of low-temperature cooling medium in the condenser tubes is
required to keep the condenser shell (steam side) at a proper pressure to ensure efficient
electricity generation. Through the condensing process, the cooling medium is warmed. If the
cooling system is an open or a once-through system, this warm water is released back to the
source water body. In a closed system, the warm medium is cooled by recirculation through
cooling towers, lakes or ponds, where the heat is released into the air by evaporation and/or
sensible heat transfer. If a recirculating cooling system is used, only a small amount of make-up
water is required to offset losses by evaporation and the cooling tower blowdown, which must
be discharged periodically to control the build-up of solids. Compared to a once-through
system, a recirculated system uses about one twentieth of the water. [ 131, EPA 1997 ]
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241.1.1 Boiler

In general, three types of boilers are commonly used: natural circulation, forced circulation, and
once-through boilers.

Figure 2.19 indicates the major differences between the natural circulation concept and the
once-through boiler concept.

Natural circulation Once-through
(Drum) (BENSON)

Superheater

Evaporator T

Economiser - -8

Operating pressure 10 — 180 bar 20 — 400 bar
Water wall tubing vertical spiral or vertical

Source: [ 140, Siemens 2000 ]

Figure 2.19: The natural circulation and once-through boiler concepts

In natural circulation boilers, the density difference between the water/steam mixture at the
outlet (top) and the steam/water at the inlet (bottom) is used to generate a natural circulation. In
forced circulation boilers, additionally to the density difference, circulation is supported by
circulating pumps. In once-through boilers, the water flow is determined by the feed pump, and
the water is evaporated during one single passage. The advantages of the once-through boiler
are:

° steam generation is possible at any pressure;

. highest achievable efficiency is possible with supercritical steam parameters;
. high plant efficiency, even with part loads;

. short start-up times;

. sliding-pressure operation with high load transients;

. suitable for all fuels available on the world market.
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Boiler components
The boiler or steam generator is a combination of the following components:

o Economiser: The feed water is heated in the economiser to a temperature 10 °C below
the saturation point. The economiser is the first heat exchanger of the boiler collecting heat from
the lower temperature flue-gas at the exit of the boiler.

o Evaporator: In the combustion chamber, the energy of the fuel is released and
transferred across the boiler and heat-exchanger walls to the water/steam circuit. The heated
water is then evaporated in the boiler evaporator to at least saturated steam for subcritical
pressure water/steam conditions, or to superheated steam for supercritical conditions. Usually
the evaporator tubes constitute the combustion chamber walls and are aligned in a vertical or a
spiral arrangement. Modern plants work with supercritical water/steam pressure, i.e. a pressure
above the critical point in the water-steam diagram. At supercritical pressure, the conversion
occurs without a phase transition, so the evaporation energy is zero and only a peak in heat
capacity represents the change in the continuous fluid.

o Superheater: The superheater uses the highest temperature flue-gas area of the boiler to
produce superheated steam. Usually the superheater stage consists of several heat exchangers
with an injection in between. This injection controls the live steam temperature. Live steam
temperatures are in the range of 540-570 °C for supercritical units and in the range of about 600
°C for ultra-supercritical units. Superheated steam has a temperature significantly above the
pressure-dependent condensation temperature. Such temperatures are necessary to facilitate the
high pressure drop in the steam turbine and thus avoid condensation during the expansion of
steam in the high-pressure steam turbine. Part of this expanded steam is bled off and used to
transfer heat to the feed water.

o Reheater: The bulk of the steam is reheated by the flue-gas in the reheater systems to
extract further work and to achieve a higher efficiency in the subsequent medium-pressure
steam turbine. The hot reheat steam temperature is controlled, e.g. by means of water injection
or burner tilt. Reheating is typically used at large power plants. Very large units can also have
another superheating stage to further enhance power output.

24.1.1.2 Steam turbine

In the steam turbine, the thermal energy of the steam is converted to mechanical work (i.e.
turbine shaft rotation). This occurs between the steam inlet point and the condenser, with the
steam expansion being used as the driving force. The steam expansion is coupled with a
pressure drop and with an adiabatic decrease of the steam temperature. During this adiabatic
steam expansion, the temperature of the steam decreases in association with a pressure drop
from about 180-300 bar to 0.03 bar for modern LCPs. For larger plants, due to the large
difference in pressure, steam expansion is normally effected in three stages: high-pressure (HP),
intermediate-pressure (IP) and low-pressure (LP) stages of steam turbines. In most cases, these
steps allow the steam to be reheated in reheaters before re-entering the next lowest pressure
steps in the steam turbine. For smaller plants, two stages are applied (IP and LP).

24.1.1.3 Condenser

Finally, in the condenser located downstream of the low-pressure section of the turbine, steam is
condensed back to water (condensate). After expansion in the steam turbine, some condensation
and kinetic energy remains in the steam and is not transferable to mechanical energy. Efficient
condensation systems allow a reduction in the pressure of the steam turbine to well below
atmospheric pressure (vacuum of down to 0.03 bar, depending on the cooling medium
temperature and the cooling water mass flow), which is desirable to extract the maximum
amount of mechanical energy. This maximises the extraction of mechanical energy from the
expansion of steam in the turbine. At CHP plants the condenser can be cooled with district
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heating water. With this application the condensing pressure is higher but the steam condensing
heat can be utilised for the heating of buildings or industrial processes.

24114 Cooling system

Cooling techniques are applied to remove the condensation energy from the steam, i.e. the
thermodynamically unusable energy of the process. For some detailed information on cooling
techniques, refer to the ICS BREF.

The effect of choice of cooling technology on overall plant efficiency is of importance at
combustion plants. This leads to the following ordering of cooling system technologies: once-
through cooling, natural draught tower-cooled recirculating systems, mechanical draught tower-
cooled recirculating systems (including hybrid systems) and dry cooling systems, e.g. air-cooled
condensers. Where sufficient volumes of water are available, wet cooling systems result in the
highest plant efficiency and electrical output under nearly all conditions. In this case, the
environmental impacts of water discharged to the receiving water body have to be considered.
Recirculating tower-cooled systems offer slightly lower thermal efficiencies than those
achievable with once-through cooling but may be used at locations where water availability is
limited or the impact of entrainment and impingement and thermal discharges needs to be
reduced. Dry cooling technologies are limited to developments at locations with very restricted
water resources or with particular environmental concerns related to water use.

2.4.2 Vacuum condensing power plant

So-called condensing power plants use ambient cooling sources to condense the steam at the
lowest available temperature and under vacuum conditions.

Low-temperature cooling water from the sea, a river or lake enables the highest efficiency,
followed by warm, summertime temperature water from the same sources. Cooling using an
intermediate cooling cycle or cooling towers is generally the least effective technique, due to the
higher temperatures of the cooling medium. A temperature gradient between the steam and the
cooling medium, and the environment is always needed. As electrical efficiency varies with the
ambient temperature, reference data are calculated for standard 1SO conditions.

2.4.3 Combined cycle

The idea of combined cycles has grown out of the need to improve the simple Joule cycle
efficiency by utilising the waste heat in the turbine/engine exhaust gas. This is a natural solution
because the gas turbine/engine is a relatively high-temperature machine and the steam turbine a
relatively low-temperature machine.

The flue-gas temperature at a gas turbine outlet for example is about 500 °C or more. This
temperature creates the possibility to apply an additional steam cycle process. Such a system
combination optimises the gas and steam processes to increase the overall electric or mechanical
efficiency.

Combined cycle systems are also used for cogeneration or CHP with additional back-pressure
heat recovery of condensation energy. As electrical efficiency varies with the ambient
temperature, reference data are calculated for standard 1SO conditions. Few combined cycle
systems are used in the natural gas transmission system, because their high investment is only
reasonable if the use of compressors is high on a yearly basis (e.g. > 6 000 h/yr). In general, the
economic feasibility of combined cycle systems depends on the number of annual operating
hours.[ 6, Marcogaz 2012 ].
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Figure 2.20 shows a gas turbine combined-cycle power plant built in Finland.
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Figure 2.20: Gas turbine combined-cycle power plant

2.4.4 Supplementary firing of combined-cycle gas turbines

Combined cycle gas turbines operate at maximum electrical efficiency at full load. The heat
recovery steam generator (HRSG) can be designed with supplementary firing of fuel after the
gas turbine in order to increase the quantity or temperature of the steam generated (see diagram
in Figure 2.21). Without supplementary firing, the efficiency of the combined cycle power plant
is higher, but supplementary firing lets the plant respond to fluctuations in the load. For this
reason, supplementary firing of a HRSG is often used for small-scale peak load heat operation
in industrial and district heating. This application is often used to improve the cost-effectiveness
and flexibility of combined cycle power plants, e.g. in seawater desalination plants in the
Middle East. In addition, the incremental pollution of NOy is very low, due to the lower oxygen
content of the combusted flue-gas. The use of a premix burner ensures this low level of
emissions .[ 1, Eurelectric 2012 ].
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Figure 2.21: CHP based on combined cycle where the steam turbine condenser cooling for the
steam cycle is provided by a district heating network

2.4.5 Repowering of existing power plants

Repowering existing coal-/oil-/gas-fired power plants operating a steam process with an
additional gas turbine is considered nowadays due to the lower CO, emissions of such plants
when running on gas. The additional advantages of such an arrangement are the small area
necessary for a gas turbine/engine, the high flexibility of such systems, and the fact that the
main equipment and components, as well as auxiliary equipment and infrastructure, already
exist.

The first applications were the so-called Kombianlagen (combi-plants), where the exhaust gas
of the gas turbine was utilised in the steam generator as combustion air with gas or coal as fuel
for the steam boiler. Coupling of the existing system with coal for the steam boiler and gas for
the gas turbine ensures the flexibility of the gas turbine.

Another repowering option is to use the expanded exhaust gases of a gas turbine or stationary
engine to preheat the feed water of another thermal power plant. The economic advantage of
such an arrangement is dependent on the relative prices of the primary (e.g. coal) and secondary
(usually gas) fuels used in this process.

Repowering can improve the efficiency of an existing plant by up to 5 percentage points (e.g.
from 40 % to 45 %)
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2.5 Cogeneration or combined heat and power (CHP)

Cogeneration uses a single process to generate both electricity and usable heat. Cogeneration or
‘the combined generation of heat and power’ (CHP) is a proven technology, and is mainly
applied to industrial plants, district heating systems and smaller local consumers.

Only 40-60 % of the fuel energy (measured as the fuel lower heating value, LHV) can be
converted into electric power at electricity-only power plants. The rest is lost as low temperature
waste heat into the air or water or both. Because a lot of heat is also needed by the end users in
space heating and in many industrial processes, the question arises as to how this rejected heat
of condensing power plants can be made useful. The thermodynamic answer to this is quite
simple: raise the temperature of the rejected heat to the useful level required, e.g. to 70-120 °C
for space (district) heating and 120-200 °C for industrial processes. However, this may happen
at the cost of power generation.

Cogeneration is a means of improving the energy efficiency by influencing the energy supply
system structure. In every case, cogeneration can save fuel compared to the separate generation
of heat and power. If the local heat load is big enough, and the cogeneration plant consequently
big enough, cogeneration can also save money. Cogeneration may not be feasible if there is
insufficient demand for residual heat or steam.

Steam turbines driven by combustion plants have been used for industrial cogeneration systems
for many years. High-pressure steam generated in a conventional boiler is expanded within a
turbine to produce mechanical energy, which can then be used to drive an electric generator.
The power generated depends on how far the steam pressure can be reduced through the turbine,
whilst still meeting the site's heat energy needs.

For cost-effective heat generation, higher temperatures are necessary compared to the
temperature of a vacuum condensing power plant. One possibility is the extraction of steam for
heating use. This steam is lost for electricity production in the low-pressure steam turbine. The
other possibility for combined heat and power is to use the district heating network for turbine
condenser cooling. Condensation then takes place at about 100 °C to 130°C and at above
ambient pressure. In any case, heat extraction from an optimised water steam circuit reduces
electrical efficiency. But as the amount of recovered heat increases, the lost electricity is
compensated as usable heat. The typical factor between heat produced and the lost power varies
between 4 and 7 depending on the temperature of the recovered heat. With lower extraction
temperatures, this factor increases. However, technical and health criteria limit the lowest
temperature for district heating systems. Fuel utilisation rates are between 75 % and 99 % in
cases where production of electricity and production of heat are combined.

The industrial application of heat can range between high temperatures and low temperatures
above ambient temperature. The source of the heat and the heat transfer media (steam, water or
other heat transfer fluids) are selected according to the required temperature. In this case, the
industrial heat loss can be recovered by a heat recovery steam generator and can be used to
generate steam for a lower quality heat supply. The heat consumption is usually more constant
in the case of industrial applications than in the case of district heating, which depends on the
outdoor temperature. In the latter case, CHP plants are not dimensioned for peak consumption.
An example from the Helsinki region is in Figure 2.22, where, in the coldest periods, peak load
heating plants are run for a fraction of the time that baseload CHP plants are operated.
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Figure 2.22: Duration curve of the district heating operation in the Helsinki region in 2003

Waste gas heat from steam processes gas or ‘waste’ condensation heat from a back-pressure
steam turbine can be recovered for low-temperature applications. The same conditions as given
for district heat applications apply for such utilisation of condensation heat. In general,
industrial applications are not limited to winter periods with higher demands for district heating,
thus, industrial applications tend to be more cost-efficient.

If no use for the heat supply is available for cogeneration with the gas turbine outlet heat, then
recovery for electricity generation with a vacuum condensing power plant may still be possible.
In this case, fuel energy utilisation is limited, similar to direct electricity generation with a heat
recovery steam generator (HRSG). For this production of electricity, no additional fuel is
necessary. With supplementary firing, the production of electricity can be increased. When
additional fuel is used to increase the steam production, energy efficiency may decrease as a
consequence.

Further details about energy efficiency are given in Section 2.7.
Further information on cogeneration is given in Sections 3.1.1.1 and 3.2.3.2.

Table 2.1 provides information on gross heat and electricity generation from CHP plants and
plants generating only heat or electricity in the EU-28 (2013).
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Table 2.1:  Heat and electricity generated by CHP plants in European countries in 2013

Gross electricity generation using Gross heat production using
combustible fuel in 2013 combustible fuel in 2013
(tonnes of oil equivalent) (tonnes of oil equivalent)
CHP plants Plants gener_at_ing CHP plants Plants generating
only electricity only heat

39 843.3 82 085.5 35 467.4 13 340.6
Belgium 736.7 1548.1 686.3 8.1
Bulgaria 423 1452.7 1056.7 142.8
Czech Republic 1175.2 2 485.1 2 036.7 469
Denmark 1816.5 4.6 1924.1 737.7
Germany 6 908.2 25 684.9 8 252.9 3227
Estonia 101.9 984.4 251.4 260.9
Ireland 0 1599.2 0 0
Greece 781.6 2752 41.5 0
Spain 0 6 985.4 0 0
France 678.8 2548.3 1258.6 1145.6
Croatia 169.3 215 217.8 62.6
Italy 6 585.6 8 643.3 3079.5 74.1
Cyprus 1 339 1 0
Latvia 251 0.6 417.7 153.8
Lithuania 208.4 0 447.2 342
Luxembourg 111.2 8.2 56.7 4.9
Hungary 376.3 772.5 526.9 551.3
Malta 0 190.5 0 0
Netherlands 2493.4 3511.6 21317 133.7
Austria 483.1 486.8 969.7 838.8
Poland 12 608.9 No data 4273.8 2 500.4
Portugal 16.5 1301.6 0.8 0
Romania 879.4 935.1 1581.9 247.3
Slovenia 418.7 46.8 170.5 51.4
Slovakia 430 39.3 563.7 262.4
Finland 13745 756.5 2784.7 1131
Sweden 813.8 2.4 2735.3 995.7
United Kingdom 0 18 791.4 0 0
Norway 32.1 9.1 227.6 226.3
Montenegro 0 123.9 0 0
Former Yugoslav
Republic of Macedonia 311 355.7 214 284
Albania 0 0 0 0
Serbia 1212.6 1265.7 76.5 488.5
Turkey 339.6 13 402.6 740.6 0

Source: [ 117, Eurostat 2013 ]
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District heating networks

Combined heat and power production (CHP) plants have a very high level of total fuel
utilisation, achieved by integration and connection of a district heating network with power
production. In cases where the heat demand is steady, the CHP plant is dimensioned to fulfil the
demand of heat, and the power production process is dimensioned to fit into this heat
production.

CHP is widely utilised in cold climate regions of the EU. Cold climate means in this context
climate with long periods of sub-zero Celsius temperatures and peak low temperatures down to
minus 30 °C. In these conditions, the system reliability and security of supply are very
important. To achieve the required high level of supply security, the network consists of one or
more main CHP plants, and peak and reserve boiler plants. The heat demand typically varies,
along with ambient temperature, hot water consumption and wind. In summer there is only a
low demand of heat, mainly for hot water production. The heat demand of the network typically
starts to increase when the ambient temperature falls below about +15 °C. [ 7, NOVOX -

Finland 2012 ]

With regard to district heating boilers, which are typically located within or close to populated
areas, district heating may be beneficial on the local air quality. A few large and well
maintained boilers with flue-gas cleaning and with high stacks can replace a large number of
individual heating installations with low stacks and possibly less controlled combustion. As a
result, the total emissions can be considerably reduced. The effect of this is that local air quality
in the cities, towns and villages heated with district heating boilers may be far better than it
would be if individual heating alone was used.

Industrial CHP

The need for steam at industrial plants varies with the production cycles of the plants. The
variation is sometimes rapid and unpredictable because of disturbances in the steam consuming
processes. This causes variation and rapid changes in the combustion process of the CHP-plant
delivering steam to this type of steam client.

Supply of steam to the industrial users is typically secured by reserve boilers connected to the
steam network and usually is not participating to electricity production. A reserve boiler is
usually gas or fuel oil fired boiler with fast start up during the failure of the main boiler as
industrial plants usually should be secured at least for fast heat supply. Typically reserve boilers
annual operating hours are very low, only operating during main boiler annual planned
shutdown or unexpected disturbance situations. Some systems are equipped also with steam
accumulator vessels, to secure the steam pressure and delivery during quick load changes.

The reserve steam supply units connected to industrial steam networks are typically existing
boiler plants which are no longer economical to operate continuously. [ 8, NOVOX - Finland

2012]

Industrial complexes can produce electricity on site when large heat to power ratios exist, i.e.
ranging from 1.5 to 3.

Cogeneration using gas turbines

Gas turbines can be used in industrial CHP plants. Obtaining a supply of heat from a CCGT
plant is most likely to be achieved by extracting steam from the plant’s steam turbine system.
For a district heating scheme, this is likely to be low-pressure steam which is passed through an
on-site heat exchanger to produce hot water which is then piped off-site. For industrial
applications this may be steam at higher pressures which is piped directly to the customer. In
practice, however, the waste heat from the plant’s condensers is unlikely to be of any use due to
the low temperature (around 25 °C) although there are some exceptions, such as use of
condenser water at a slightly higher temperature for liquid natural gas re-gasification.
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Cogeneration using engines

Stationary engines are well suited and commonly popular for cogeneration i.e. for hot water
production, steam generation (sometimes with an additional steam turbine for enhanced
electrical efficiency), desalination of seawater, district cooling systems and for heating air. The
total fuel efficiency of this kind of installation is very high, up to 90 % in some applications.
The heat to power ratios for engine CHP applications are typically from 0.5 to 1.3. [ 136,
EUROMOT 2001 ]

A common heat recovery application for CHP plants with engines is to generate low pressure
steam for industrial purposes. The pressure range is usually from 3 bar to 16 bar, but higher
steam pressure and extended steam production can be achieved with supplementary firing or
auxiliary fired boilers. Steam at 8 bar is well suited for desalination and absorption chillers,
while certain industrial processes might require higher steam pressures.

The second solution for boosting the steam generating capacity is to equip the HRSG with
supplementary firing. For larger spark-ignited gas engines, the oxygen content is typically 11 to
12 vol-% and for a high pressure gas diesel engine, often higher. This oxygen can be used as the
main combustion air for supplementary firing. The system also makes it possible to generate
high-pressure steam and it has a good thermal efficiency for the additional fuel for the
supplementary firing. So far, there are only a few reciprocating engines which exist equipped
with supplementary firing, due to the challenges of combining the combustion flame with the
pulsing of the engine flue-gas and the relatively low oxygen content of the flue-gas. [ 135,

Wartsila 2000 ]

An interesting CHP concept is the feed-water preheating, where the waste heat from the engine
flue-gas and cooling circuits are used for increasing the efficiency of an existing, e.g. steam
boiler plant. The electrical efficiency of a gas engine plant can be raised by equipping the plant
with a steam turbine. Steam turbines most used in this application are single stage condensing
turbines and the steam pressure typically applied is 12 bar to 20 bar. In this case, the electrical
yield from the plant is increased typically by 8-10 percentage points depending on the engine
type used and on the condensing cooling temperature.

Cogeneration using coal- and/or lignite-fired plants

Steam turbines driven by fossil-fuel-fired boilers have been used for industrial cogeneration
systems for many years. High-pressure steam raised in a conventional coal- or lignite-fired
boiler is expanded within a turbine to generate mechanical energy, which can then be used to
drive an electric generator. The amount of power generated depends on how much the steam
pressure can be reduced though the turbine whilst still being able to meet the site heat energy
needs. In some cases, the turbine is equipped with a separate or integrated low pressure cylinder,
which enables electricity production independent of the heat supply

CHP readiness of combustion plants

Given the advantages of cogeneration in terms of general energy efficiency and overall pollutant
emissions, the question of the CHP readiness is raised. In the UK, it is recommended that new
built combined-cycle gas turbines (CCGT) are 'CHP-ready' (CHPR) and that the 'CHP-lockout'
(where the design of a power plant precludes the later take off of heat) is avoided. The degree to
which any new CCGT power plant is CHPR is location-specific, based on the current and
potential future heat supply opportunities in that particular area. The same principles of CHPR
for new biomass power plants are under assessment.

A CHP plant is ideally built to supply both heat and power right from the start, with a known
heat load size and profile used to produce an optimum design. In contrast, a CCGT plant which
is CHPR is initially built to supply power only, with varying degrees of uncertainty at the design
stage over the type and quantity of future heat it may need to supply, if any.

In general terms, it is likely to be easier to retrofit greater quantities of low pressure steam take-
off from a lateral exhaust steam turbine than from an axial exhaust steam turbine. This may
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therefore influence the choice of turbine if there is a significant chance of a new CCGT being
required to supply CHP in the future. Otherwise, the need to be CHPR is likely to have little
influence on the choice of steam turbine, due to the range of other options, such as the use of
cold reheat.

Location specific CHP-readiness

When existing old boilers come to the end of their working lives, they may be replaced with
CCGT power plants built on the same site, due to the ease of electricity grid connection and
access to cooling. Because the locations of these sites tend to be away from population centres,
new CCGT power plants are not usually built as CHP plants due, to the absence of heat
customers in the immediate vicinity. However, this will not always be the case, and where there
is a realistic potential for future CHP opportunities in the vicinity of a CCGT power plant, this
is taken into account when considering design options. [ 9, UK-TWG 2012 ]

Cheng Cycle

The Cheng Cycle is a CHP technology applied to existing or new gas turbines, linked with a
steam cycle applied at the gas turbine but not with a combined cycle system. Heat is recovered
from the flue-gas through a heat recovery steam generator (boiler) (HRSG), allowing the
generation of steam or water for industrial purposes or district heating. But instead of
associating a steam turbine to the HRSG to produce electricity out of the remaining heat/steam,
the Cheng Cycle redirects the steam to the gas turbine to produce additional electricity and, at
the same time, to reduce NOx emissions.

Applying such a technique to a simple gas turbine improves the overall energy efficiency by
allowing recovery of the flue-gas heat. It is an option for variable load demands from both
clients: steam and electricity users. Around 300 plants with such a system are reported to be in
operation worldwide. [ 4, deBiasi 2013 ]
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2.6 Integrated gasification combined cycle

The ‘integrated gasification combined cycle’ (IGCC) merges gasification with gas cleaning,
synthesis gas conversion, and turbine power technologies to produce clean and affordable
energy (see Figure 2.23). This integration of energy conversion processes provides more
complete utilisation of energy resources, and offers high efficiencies and ultra-low pollution
levels. Furthermore, an IGCC can convert virtually any carbon-based feedstock into products
such as electric power, steam, hydrogen, and value added chemicals. Different technical
combinations enable industry to use low cost and readily available resources and wastes in
highly efficient energy conversion options. These options can be selected to meet any of a
whole host of market applications.
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Source: [ 142, Siemens 1999 ]

Figure 2.23: Main features of an oxygen-blown IGCC

IGCC is currently applied in a few Italian refineries to convert by-products and residues into
valuable hydrogen for the cracking process and CO for generating heat and power (covered
under the refinery BREF). Three IGCC plants operated in Spain, the Netherlands and the Czech
Republic, convert coke, coal, and biomass into power for the national grid. There are also few
other IGCC plants operated worldwide.
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2.7 Energy efficiency

The energy efficiency of a power plant is an essential indicator for the assessment of the
efficient conversion of fuel energy into electricity, hot water, steam or mechanical energy. Thus,
energy efficiency is of particular importance. The energy efficiency level gives information
about a low or efficient utilisation of the fuel energy. Assuming the same utilised fuel, it is also
an indicator for the specific CO, emissions (CO./kWh) released during the energy conversion
and the amount of fuel used (g fuel/lkWh). Using the heat losses from the power process for
industrial or district heating purposes increases the energy efficiency in combined heat and
power production.

In a survey of countries worldwide, including Australia, China, France, Germany, India, Japan,
Nordic countries (Denmark, Finland, Sweden and Norway aggregated), South Korea, the United
Kingdom and Ireland (aggregated), and the United States, the weighted average power-
generating efficiency for all countries together in 2011 is 35 % for coal, 48 % for natural gas,
40 % for oil-fired power generation and 38 % for fossil fuel power in general [ 118, Hussy et al.
2014 1. According to today’s state-of-the-art (year 2011), net efficiencies of about 45 % using
ultra-supercritical steam conditions are achieved for coal-fired power plants at an inland site
with wet cooling (wet cooling tower operation). When the waste heat is used in CHP
applications, the total efficiency can increase up to above 100 % when using a flue-gas
condenser. [ 1, Eurelectric 2012 ] [ 5, Eurelectric 2012 ] [ 3, LCP TWG 2012 ].

The energy efficiency depends on several factors, the most important being the following:

° power plant type (steam conditions);

. type of fuel (coal, lignite, gas, oil, biomass, etc.);

° location of the plant site (i.e. northern or southern Europe);

° cooling system (cooling tower, fresh water cooling, air-cooled condenser);
° ageing and fouling;

° capacity;

° operation mode in terms of operated hours over the year;

. heat recovery, e.g. via CHP mode;

. load factor;

° number of start-ups and shutdowns.

[ 1, Eurelectric 2012 ]

In the following sections, a detailed differentiation between different energy efficiency
definitions is given, as thermal energy flux is often mistaken for electrical energy flux.
Furthermore, those influences which have an effect on the electrical efficiency during daily
operation are described.

There are different ways of describing the energy efficiency of a combustion plant so it is
necessary to say how the efficiency is defined, and under what conditions it is measured. There
are also a number of national guidelines, such as VDI 3986, describing acceptance tests and the
measurements of certain efficiencies.

The energy efficiencies defined below VDI 3986 are to be understood as efficiencies at a certain
electrical output and normal operating mode, as the power station is operated in daily generation
mode (e.g. number of mills, number of burners, with or without calorifier). They are calculated
from averaged measured values attained from the values recorded over a certain period of time.
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2.7.1 Carnot efficiency

The ideal efficiency of a thermal process or ‘Carnot’ efficiency is a measure of the quality of the
conversion of heat into work between two temperature levels. The Carnot efficiency can be
written as:

Nc = 1-T0/T

Here, T, is the ambient temperature and T the temperature at which the heat is yielded or taken
up, both expressed in kelvin (T (K) =T (°C) + 273.15).

The Carnot cycle can be used as a comparison cycle since it illustrates the theoretically maximum
attainable efficiency of a thermal process. Due to irreversibility in real processes in the form of finite
temperature differences in the heat transfer processes and fluid friction losses in the work processes, it
is not possible to reach the theoretical Carnot efficiency in a real power plant process (e.g. Rankine
cycle). Figure 2.24 compares the ideal (Carnot) efficiency with the efficiencies actually achieved
by the combustion (thermal) techniques currently in use.
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Figure 2.24: Ideal (Carnot) efficiency compared to the efficiencies actually achieved by the thermal
energy generation techniques currently in use

Large Combustion Plants 79




Chapter 2

2.7.2 Thermal efficiency

The definition of thermal efficiency considers only the actual cycle process used in the
combustion plant. The efficiency is then the ratio of the useful mechanical output to the heat
flow transferred to the cycle process media (as a rule, air or water).

In this context, the useful mechanical output is the mechanical output from the turbine, when the
feed pump is driven by a turbine which is operated with extraction steam from the main turbine.
As the condensate pump also contributes to raising the pressure, it is considered to be part of the
feed pump, from a thermodynamic point of view. Its mechanical output must therefore be
subtracted from the mechanical output of the turbine. The mechanical output of the turbine, in a
thermodynamic sense, is in this case the output resulting from the steam mass flow and the
enthalpy difference. If the feed pump is driven by an electric motor, then the useful mechanical
output is equal to the difference between the mechanical output of the turbine minus the drive
outputs of the feed pump plus the condensate pump. This also applies when the feed pump is
driven directly by the turbine shaft. The heat flow transferred to the process is that heat flow
transferred to the water/steam cycle.

In the case of a combined gas/steam turbine process, the useful mechanical output is the
mechanical output of the steam turbine plus the mechanical output of the gas turbine, when the
feed pump is driven by a turbine which operates with extracted steam. However, the output of a
condensate pump has to be subtracted from this. If the feed pump is driven by an electric motor,
then the useful mechanical output is equal to the difference between the mechanical output of
the turbine and the drive output of the feed pump plus the condensate pump. The heat flow
transferred to the circuit process in a gas/steam turbine process is equal to the heat flow
transferred to air in the combustion chamber of the gas turbine, plus the heat flow transferred to
the water/steam cycle in the steam generator by combustion. In a pure heat recovery steam
generator, the heat flow transferred to the water steam cycle is zero. [ 147, VDI 1998 ]

2.7.3 Electrical efficiency

For the definition of electrical efficiency it is important that the system boundaries are defined
carefully. A simplified scheme is shown in Figure 2.25. All components within the system
boundaries can have an impact on the auxiliary power and therefore an impact to the net values.
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Figure 2.25: System boundaries for efficiency definition

The electrical efficiency is defined as the ratio of delivered or generated effective electrical
output of a power plant to the supplied fuel input. In the power plant, the output is delivered in
the form of electricity (electricity generation only).

Gross and net power are distinguished depending on the produced effective electrical output of a
power plant. The gross power is the electrical power, which is delivered at the generator
terminals of the power plant. The net power of a power plant is the power released to the
external electrical grid (transmission network). The difference with the gross power output is
due to the deductions for the power consumption of all technical facilities, e.g. electrical pumps,
coal mills, conveyer belts, air conditioning and ventilation systems, lighting, etc. Therefore, the
net power of a power plant is of greater importance than the gross power.

_ Pel,net _ Pel,gross_ I:)aux
ﬂnet T e - .
M fyel Hu M fyel Hu

In Europe, lower heating value (LHV) is generally used for the determination of efficiency. In
other countries, e.g. in the US, the higher heating value (HHV) is predominantly used to
determine the efficiency calculation. According to the fuel constituents (water and hydrogen
content in the fuel), the ratio between the higher heating value and the lower heating value
ranges from 1.03 to 1.11.

The load has a significant influence on the electrical efficiency of a power plant. In part load
operation, the electrical efficiency decreases stepwise. The main reason for this is that most of
the components in the power plant process do not reach their design conditions, regarding
pressure, temperature and mass flow.
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In part load operation, the boiler excess air increases due to cooling of the burners that are not in
operation. This causes additional losses. The resulting impact on electrical efficiency is
illustrated below.

Impact of load on the efficiency (coal fired power plant)
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Source: [ 1, Eurelectric 2012 ]

Figure 2.26: Relative deviation of electrical efficiency depending on load for a coal-fired power
plant

2.7.4 Mechanical efficiency

For the production of mechanical energy, e.g. to drive natural gas compressors in the gas
transmission network, the efficiency is simply equal to the efficiency of the machine itself, as
there are no internal uses reducing the product at the shaft of the gas turbine or gas engine. The
efficiency of machines for mechanical drive has improved over time, and continues to do so.
Older gas turbines have lower efficiencies compared to new ones. The size of the machine is
also relevant, smaller ones having lower efficiencies than large ones. This effect can be seen in
Table 2.2.

Table 2.2:  Typical efficiencies at the output shaft of gas turbines in relation to their thermal

power
Efficiency (%)
Plant type ISO conditions Remarks
New plants | Existing plants

: For existing plants
Gas turbine 15-50 MW 30-35 27-35 depending on their age
Gas turbine For existing plants
50-100 MW 36-40 27-38 depending on their age
Gas turbine > 100 MW 36-40 32-38
Source: [ 6, Marcogaz 2012 ]
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2.7.5 Operating (annual) energy efficiency

Even today, electricity cannot be stored in large quantities in the electric grid, so operators have
to permanently carry out load adaptations. That means that the power plants may run in
frequency support load (part-load operation).

Besides the load fluctuations caused by electricity/industrial consumers, load fluctuations are
also increased due to the priority grid access for renewable power plants (e.g. wind power
plants, photovoltaic plants, etc.), feeding electricity into the grid often intermittently.

The fluctuating feeding of electricity leads thermal power plants to adapt their load operation,
i.e. running in less efficient part-load operation when necessary, or even to be put out of
operation.

In addition, it has to be taken into account that the net efficiency of a power plant is only
reached with so-called 'delivery terms'. The delivery terms correspond to a theoretical ideal
value if the external operating conditions of a power plant are optimal. Besides the load
fluctuations mentioned above, external conditions, over which the operator has no control,
include ambient air temperature and ambient air pressure.

Operating conditions strongly influence the mean efficiency. The measured efficiency of the
plant is different from the design efficiency, as real operation rarely complies with ideal
conditions (due to fouling, slagging, de-superheating, non-ideal condenser conditions,
blowdown, etc.), due to start-ups and shutdowns, and as the characteristics of the fuel used
rarely comply exactly with the characteristics of the design fuel (calorific value, water content,
ash content, etc.). The ageing of a normally maintained plant (fouling, slagging, erosion, leaks,
etc.) also leads to efficiency deteriorating over time. This can be offset by component
refurbishments and upgrades, as shown in Table 2.3. [ 1, Eurelectric 2012 ]
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Table 2.3: Commonly applicable efficiency improvement techniques at combustion plants

Technique Efficiency improvement

Replace/upgrade burners Up to 4-5 percentage points
A 40 °F increase in flue-gas temperature equals a

~1 percentage point efficiency loss

A 300 °F decrease in gas temperature represents about
6 percentage points improvement

Combustion optimisation 0.5-3.0 percentage points

Instrumentation and controls 0.5-3.0 percentage points (in addition to optimisation)

Reduce slagging and fouling of heat

transfer surfaces

Reduce air leakages 1.5-3.0 percentage points

Source: [ 1, Eurelectric 2012 ]

Improved economiser

Improved air preheater

1-3 percentage points

Annual energy efficiency is also covered in discussions of the net energy efficiencies defined in
Sections 2.7.2 and 2.7.3. It is calculated from the quotient of the usable delivered power and
heat and the total amount of supplied energy within the same reporting period (with reference to
the calendar year of operation).

2.7.6 Total fuel utilisation

The total fuel utilisation or thermal utilisation efficiency (often indicated as fuel efficiency, total
efficiency, net total energy efficiency, fuel utilisation factor or energy efficiency) of a power
plant takes into consideration the concurrent production of electricity and heat. It is an indicator
to help judge the effectiveness of the conversion of a combustible fuel (lignite, coal, biomass,
oil, gas) into the combination products heat and electricity.

The total fuel utilisation is calculated as the quotient of the sum of the electrical and thermal net
outputs over the supplied fuels.

— I:>el,net + Qnet
mfuel Hu

net

The generation of heat (process steam or district heating) and electrical energy can increase the
thermal utilisation efficiency to about 70-90 % or even more. This is usually the case when
there is sufficient district heat demand, like in industrial applications. However, when the heat
demand depends on outdoor temperature in municipal heating for example CHP production may
not achieve the full heating load.

During the combined production of electricity and heat, approximately 3 to 20 percentage points
of primary energy are saved, compared with the separate production of electricity and heat.
With careful handling of primary energy sources and given the potential to reduce greenhouse
gas emissions, the combined production of electricity and heat is of particular importance.

The annual thermal efficiency of the combined production of electricity and heat depends on the
yearly stability of the heat and electricity consumption.
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2.7.7 Unit efficiency for steam withdrawal

In a power plant unit, steam extracted for heating or process purposes is no longer available for
power generation. In this case, in order to be able to compare the unit efficiency with the
efficiency of pure power generation, the electrical output which could be obtained from the
extracted heating steam if it were to expand to the condenser pressure has to be added to the
electrical output.

For the extraction of heating steam, a correction for the power loss is used as shown in the
diagrams presented in VDI 3986. In these diagrams, the power loss characteristic depends on
the flow temperature, with the return temperature as an important parameter for single-stage,
double-stage and triple-stage heating. The diagrams apply to condenser pressures of 30, 40, 70
and 80 mbar.

In the case of process steam extraction, the condensate can be returned to the circuit. The
influence of the returned condensate can be separated from the influence of the extracted steam.
The correction for process steam extraction is also shown in the diagrams presented in VDI
3986.

2.7.8 Exergy concept and exergy efficiency

Since electricity can be converted into heat but the reverse process is not completely possible,
electricity then has a higher value than heat. As heat contains a greater share of convertible
energy at higher temperatures than it does at lower temperatures, the quality of heat at higher
temperatures is higher than at lower temperatures. These issues are covered by the concept of
exergy, which expresses the convertibility of energy in qualitative terms. This can be achieved
by using quality factors (QF), which give the fraction of exergy in a total quantity of energy.
The quality factor of electricity and mechanical energy is 1 (electricity is pure exergy). The
quality factor of heat, however, depends on the temperature at which the heat is available. The
expression for converting one unit of heat at temperature T into work has long been known. It is
called the ‘Carnot factor’, and has been discussed in Section 2.7.1. The Carnot factor is, quite
simply, the quality factor for heat. This factor is always less than 1, becoming 0 at ambient
temperature. [ 143, Electrabel 1996 ]

By applying such simple quality factors to the energy input (ENnenergy input) and the useful energy
output (ENyserul energy output) OF @ process, the exergetic efficiency of a combustion process can be
calculated and compared to the fuel efficiency. The exergetic efficiency (ne) can then be
expressed as follows:

Nex = 2(QF - Enygerui energy output)/Z(QF ’ Enenergyinput)

By using this methodology, a comparison of the energetic and exergetic efficiencies can be
made, as shown in Figure 2.27.
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Ty =Ambient temperature in Kelvin (0 °C =273 K) E = Electrical energy output (%)

Ty = Temperature of the supplied heat (in K) H = Usable heat energy output (%)

QF = Quality factor (exergy/energy ratio) L = Thermal losses (%)

TN = Carnot or quality factor for heat (=1-T/Ty) | = Fuel energy supplied (= 100 %)
Energy 100% EXAMPLE : Industrial combined heat and power generation.
output Gas turbine (new technology) and recovery steam boiler.

80% Assumptions: Tw= 473 K (200 °C)
] E=38% QF(F) =1
I E H=40% QFH) =042
O L=22%

60%

40%

EO =total energy output=E+H

20% EO =078

Tex = €Nergy yield = E x QF(E) + H x QF(H)

T T T T T T T T 1 Mex=0.55 (= 0.38 x 1+ 0.4 x 0.42)

0 0102 03 04 05 06 07 08 09 1
QF

0

Source: [ 143, Electrabel 1996 ]

Figure 2.27: Example demonstrating the methodology for calculating the exergetic efficiency

The results from different types of combustion techniques are presented in Table 2.4.
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Table 2.4: Examples of energetic and exergetic efficiencies of different types of combustion plants

. Tw
Fuel Electrical | Usable heat External | Temperature | Quality factor Quality Total energy Exergetic
. . energy energy energy . output EO L
Combustion technique supplied output output losses of supplied of heat factor of (fuel efficiency
0, =1- ici
(=100%) | (%) (%) (%) Qf(a)t (QF =1-Ty/T) | electricity | triciency) (Mex)

Heat generation
Type: heating boiler for space heating, 100 0 90 10 343 0.2 NA 0.90 0.18
where Ty, = 70 °C (343 K)
Electricity generation
Type: combined cycle (recent high-yield 100 55 0 45 NA NA 1 0.55 0.55
combined cycle technology)

Industrial CHP plant

Type: steam boiler + back-pressure steam
turbine, (where Ty, = 200 °C (473 K) steam
for industrial process)

Industrial CHP plant

Type: combined cycle with steam tapping,
where Ty, = 200 °C (473 K)

(steam for industrial process)

Industrial CHP plant

Type: gas turbine (new technology) with
recovery steam boiler, where T,y = 200 °C
(473 K)

Industrial CHP plant
Type: gas turbine with recovery steam 100 32 48 20 473 0.42 1 0.80 0.52
boiler, where T,y = 200 °C (473 K)

Industrial CHP plant

Type: gas turbine with recovery steam boiler
with back pressure steam turbine where Ty
=200 °C (473 K)

Small scale CHP plant

Type: gas engine with heat exchanger

where Ty, = 70 °C (343 K) (for space 100 35 55 10 343 0.20 1 0.90 0.46
heating and small-scale industrial
applications)

NB:

NA: Not available.

Source: [ 143, Electrabel 1996 ]

100 20 60 20 473 0.42 1 0.80 0.45

100 50 12 38 473 0.42 1 0.62 0.55

100 38 40 22 473 0.42 1 0.78 0.55

100 35 45 20 473 0.42 1 0.80 0.54
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2.7.9 Influence of climate conditions on efficiency

The climate expressed in terms of wet- and dry-bulb temperatures is an extremely important
site-specific condition. It influences both the choice of cooling and the possible end temperature
of the process. The contradiction of cooling with air and/or water is that when the cooling
demand is high it becomes more difficult to achieve the requirements, particularly in areas
where high air temperatures and high water temperatures coincide with lower water availability
during part of the year. A certain operational flexibility of the cooling system can then be very
important and may be achieved by combining water and air cooling. Sometimes, however, a
certain loss of efficiency has to be accepted.

To reach the required end temperature, the cooling medium must have a lower temperature than
the medium to be cooled, but this depends on the dry- and wet-bulb temperatures. A wet-bulb
temperature is always lower than a dry-bulb temperature. The wet-bulb temperature depends on
the measured temperature of the atmosphere, the humidity, and the air pressure. For latent
(evaporative) heat transfer, wet-bulb temperature is the relevant temperature. It is theoretically
the lowest temperature to which water can be cooled by evaporation. For sensible heat transfer,
dry-bulb (dry air) temperature is relevant, where air is the coolant.

For the selection of the type and design of the cooling system, the design temperature is
important and usually relates to summer levels of the wet-bulb and dry-bulb temperatures. The
greater the difference between these temperatures and the higher the dry bulb temperatures, the
more difficult it will be to reach low end temperatures with dry air-cooled systems. As
mentioned earlier, this can lead to efficiency losses. Measures can be taken to overcome this
loss, but they require a certain investment.

As an example, Table 2.5 shows how, for different climate conditions in Europe, the choice of a
dry or a wet cooling system can affect process efficiency losses due to the Carnot cycle. In the
example, the approach for wet cooling is considered to be 4 K and this has to be added to the
wet-bulb temperature to get the minimum end temperature of the coolant. The approach for dry
cooling is set at 12 K to be added to the dry-bulb temperature. The larger the difference between
the wet and the dry end temperatures, the higher the loss of efficiency (in this example), where
losses of 0.35% per kelvin on average occur. At the same time, for example, with a 5 %
efficiency loss, the efficiency of a conventional power plant would be 38.6 % instead of 40 %.

88 Large Combustion Plants



Chapter 2

Table 2.5: Examples of effect of climatic conditions in Europe on the loss of efficiency of power plants
Parameter
L Dry-bulb temp. Wet-bulb temp. Temperature End temp. End temp. Efficiency loss
Country and station (') y(1 %) (9 P 19%) O P diffperence dry systemp(3) wet systemp(“) AT V(Vlzt)'dry ) /

) (69) (K) () (9] (%)
Greece Athens 36 22 14 48 26 22 7.7
Spain Madrid 34 22 12 46 26 20 7.0
France Paris 32 21 11 44 25 19 6.7
Italy Rome 34 23 11 46 27 19 6.7
Austria Vienna 31 22 9 43 26 17 6.0
Germany Berlin 29 20 9 41 24 17 6.0
Netherlands Amsterdam 26 18 8 38 22 16 5.6
France Nice 31 23 8 43 27 16 5.6
UK London 28 20 8 40 24 16 5.6
Germany Hamburg 27 20 7 39 24 15 5.3
Norway Oslo 26 19 7 38 23 15 5.3
Belgium Brussels 28 21 7 40 25 15 5.3
Spain Barcelona 31 24 7 43 28 15 5.3
Finland Helsinki 25 19 6 37 23 14 4.9
Denmark Copenhagen 26 20 6 38 24 14 4.9
Portugal Lisbon 32 27 5 44 31 13 4.6
UK Glasgow 23 18 5 35 22 13 4.6
Ireland Dublin 23 18 5 35 22 13 4.6
(%) The given data in the table are illustrative of the variation of the climate in Europe. Other references may provide slightly different data. The exact data of a site can be analysed by a

meteorological institute.

() Statistically only 1 % of the maximum temperatures are above this data.
(%) Approach 12 K.
(%) Approach for wet system: 4K.
(®) Loss of efficiency 0.35 % per AT K on average.
Source: [ 144, Eurovent 1998 ]
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2.7.10 Relationship between energy efficiency and environmental
issues
2.7.10.1 Impact of the abatement techniques on plant energy efficiency

The operation of the abatement techniques installed to prevent or reduce the emission of
pollutants usually requires the use of additional electricity and/or heat. This is associated with a
number of energy-consuming processes, including the following operations:

. additional flue-gas fans to compensate for pressure drops;

. pumps for the recirculation of liquids and slurries;

. mechanical shaking or pressurised air blowing for filter cake removal,
. high-voltage fields in ESPs;

. flue-gas reheating e.qg. in the case of tail-end SCR.

The main techniques used in LCPs for the reduction of channelled emissions to air are described
in Section 3.2.2. Table 2.6 provides a summary of the typical values for energy consumption of
secondary abatement techniques. Primary techniques, such as the use of fuels with low sulphur
contents or of low-NOyx burners, usually have no or minimal direct energy consumption.
However, some primary techniques, for instance certain techniques to reduce NOyx emissions,
may affect the parameters of the thermodynamic cycle and thus may present some trade-offs
with energy efficiency, as also described in Section 1.3.8. The extent to which these effects
occur is fuel- and process-specific and is described in the fuel-specific sections where
information is available.

Table 2.6:  Typical energy consumption of secondary abatement techniques
Main . L
. Energy consumption as % of | Reference Section in
pollutant Technique . .
gross electrical output this BREF
addressed
ESP 0.32 % 3.221.1
Dust Bag filters Upto 0.6 % 3.2.2.1.2
Wet scrubbers Upto3% 32214
Wet FGD 1-3% 3.2221
Seawater scrubber 0.8-1.6 % 3.2.2.2.2
Spray dry 0.5-1% 32226
SO absorber/scrubber
X CFB dry scrubber 0.3-1% 3.2.2.2.7
DSI 0.2 % 32228
In-furnace sorbent 0.01-0.2 % 3.2.2.2.9,3.2.22.10
injection
NO SNCR 0.1-0.3 % 3.2.2.3.12
x SCR NI 3.2.2.3.11
SOy NOy DeSONOy 2% 3.2243
SOx NOx .
Activated carbon 1.2-33% 32241
metals
NB:
NI: No Specific Information provided
CFB: Circulating fluidised bed; DSI: Duct sorbent injection; ESP: Electrostatic precipitator; SCR: Selective
catalytic reduction; SNCR: Selective non-catalytic reduction; FGD: Flue-gas desulphurisation.
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2.7.10.2 Effect of increasing the plant energy efficiency on emission levels

According to [ 145, UBA AT 2000 ], increases in efficiency have the following effects on fuel
consumption, waste heat and emissions.

n
Savings in fuel Ne=1-—+
N2
Ae
Reductions in waste heat Aa=
1-ng
. . _+
Reductions of CO, emissions AC=1- n—
2
36eV,ex 1 1
Reductions in pollutant gas emissions Ag = H— A (— - —) (mg/kKWh)
u 1 2
Variables:
mh efficiency before improvement
72 efficiency after improvement
VR volume of flue-gas/kg fuel (m*/kg)
X emission concentration (mg/m®)
H, lower calorific value (MJ/kg)

2.7.11 Losses of efficiency in combustion plants

The heat energy resulting from the combustion of fuels is transferred to the working medium
(steam). During this process, part of the energy is lost. The operation of the steam generator
requires continuous surveillance. The heat losses from the steam generator can be categorised as
follows:

o Losses via the flue-gas. These depend on the flue-gas temperature, air mix, fuel
composition and the level of fouling of the boiler.

o Losses through unburnt fuel, the chemical energy of which is not converted. Incomplete
combustion causes CO and hydrocarbons to occur in the flue-gas.

o Losses through unburnt material in the residues, such as carbon in bottom and fly ash.

o Losses via the bottom and fly ash from a DBB and the slag and fly ash from a WBB.

o Losses through conduction and radiation. These mainly depend on the quality of
insulation of the steam generator.

In addition to the heat losses, the energy consumption needed for the operation of auxiliary
machinery (fuel transport equipment, coal mills, pumps and fans, ash removal systems,
cleaning of the heating surfaces, etc.) also has to be taken into consideration.

Poor combustion lowers the economic viability, increases the environmental impacts and is
detrimental to the safety of the plant. The following parameters affect the viability of the plant
and may, therefore, be monitored to keep the plant’s efficiency as high as possible:

. fuel composition;

. fineness of grind;

o flue-gas composition (02, CO2, CO);
. air mix and flue-gas volume flow;

. air leaking into the combustor;
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° boiler fouling;

° temperatures of the combustion air and flue-gases;
° temperature behaviour within the heating surfaces;
. reduction of draught;

. flame profile;

° combustible proportion of residue (annealing loss).

The operation mode in terms of operated hours over the year, load factor and number of start-
ups and shutdowns may influence the efficiency of the combustion plant.

2.7.12 General technical measures to improve LCP efficiency

Cogeneration (CHP)

The generation of heat (process steam or district heating) and electrical energy increases the fuel
efficiency (fuel utilisation) to about 70-90 % or even more. Cogeneration (CHP) is also
regulated by other directives (Energy Efficiency Directive, 2012/27/EC, and Cogeneration
Directive, 2004/8/EC) and is dependent on local conditions.

Combustion

The fuel is mixed with air and burnt in the boiler. It is not possible to obtain an ideal mix
between the fuel and air, and therefore more air than is necessary for stoichiometric combustion
is supplied to the boiler. Furthermore, a small percentage of the fuel does not fully combust. The
flue-gas temperature must be kept high enough to prevent condensation of acid substances on
the heating surfaces.

Unburnt carbon-in-ash

Optimisation of the combustion leads to less unburnt carbon-in-ash. It should be noted that NOyx
abatement techniques using combustion modification (primary measures) show a tendency of
increased unburnt carbon. Increased unburnt carbon could also worsen and harm the quality of
the coal fly ash and make difficult, or even prevent, their utilisation for certain applications,
with the risk that they may not comply with the specifications and requirements laid down in
relevant national and European standards.

Air excess

The amount of excess air used depends on the type of boiler and on the nature of the fuel.
Typically, 12-20 % excess air is used for a pulverised coal-fired boiler with a dry-bottom. For
reasons of combustion quality (related to CO and unburnt carbon formation) and for corrosion
and safety reasons (e.qg. risk of explosion in the boiler, if there is a flameout due to a low excess
of air and then reignition where there is sufficient excess air), it is often not possible to reduce
the excess air levels further.

Steam

The most important factors in increasing efficiency are the highest possible temperature and
pressure of the working medium. In modern plants, the partially expended steam is reheated by
one or more reheating stages.

Flue-gas temperature

The flue-gas temperature leaving the clean boiler (depends on the fuel type) is traditionally
between 120 °C and 170 °C, kept high enough to minimise risks of acid corrosion by the
condensation of sulphuric acid. However, some designs sometimes incorporate a second stage
of air heaters or a flue-gas heat recovery system to lower this temperature below 100 °C, but
with special claddings on the air heater and the stack which makes this reduction economically
unprofitable.
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Vacuum in the condenser

After leaving the low-pressure section of the steam turbine, the steam is condensed in
condensers and the heat released into the cooling water. In order to ensure the maximum
pressure drop over the steam turbines, it is desirable to reduce the vacuum to a minimum. In
general, the vacuum is dictated by the temperature of the cooling water, which is lower with
once-through cooling systems than with a cooling tower. The best electrical efficiency is
possible by seawater or fresh water cooling and a condenser pressure of approximately 3.0 kPa.
Air cooling usually results in significantly lower efficiency.

Variable pressure and fixed pressure operation

In fixed pressure operations, the pressure before the turbines at all load levels is kept more or
less constant by changes in the flow cross section at the turbine inlet. In variable pressure
operations with the turbine inlet cross section at its maximum, the power output is regulated by
changes in the pressure before the turbines.

Generally, the cycle efficiency is higher when the throttle loss of the valve upstream of the
turbine is minimised. Boilers with a fixed pressure operation mode experience an efficiency loss
particularly in part load.

Condensate and feed-water preheating

The condensate coming out of the condenser and the boiler feed water are heated by steam to
just under the saturation temperature of the extracted steam. The thermal energy from the
condensing process thus feeds back into the system, reducing the amount of heat otherwise
released from the condenser, therefore improving the efficiency.

The optimisation measures taken to improve the efficiency of power plants between 1993
and 2000, which resulted in a CO, reduction of 11.0 million tonnes per year, are shown in
Figure 2.28.

Steam
generator
39 %
Others
8 %
Process
Turbine optimisation
25 % 14 %

Auxiliary power
14 %

Source: [ 146, Hourfar 2001 ]

Figure 2.28: Improvements in the efficiency of power plants between 1993 and 2000
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2.8 Unloading, storage and handling of fuel and additives
28.1.1 Solid fuels and additives

Fuels

Solid fuels such as coal and lignite are supplied by ships, trains and lorries, depending on the
transport distance involved and what transport systems are available at mines and LCP sites.
Unloading normally takes place with belt conveyors. LCPs near mines or harbours may also be
supplied with fuel directly from the mine or harbour by belt conveyors.

Coal and lignite are normally stored in open stockpiles (coal yards) with a storage capacity from
a few days up to three month use, and in several cases even enough supply for up to one year of
operation. This additional storage capacity helps fuel supply security, as it lessens the
dependence on transport logistics. The capacity of the storage facility depends on various
parameters, such as, for example, fuel prices and availability, the company’s stock policy,
security of the supply and on weather conditions. For newbuild plants, layout considerations and
availability footprint will also be considerations Fuel is normally transferred from the stockpile
to the plant using belt conveyors. A buffer storage (e.g. coal bunkers with a capacity for a few
hours operation, usually from 4 to 24 hours) exists within the LCP to cover periods when
delivery from the coal yard is not possible.

The storage and transport of fuel can cause dust formation. For this reason, open stockpiles may
be sprayed with water to control fine dust particle emissions, unless the fuel’s moisture is
already high enough that spraying is not necessary. During open loading and unloading of the
stockpile, the height of the fuel drop onto the stockpile or between belt conveyors has to be as
low as possible to avoid fugitive dust emissions. In urban regions, transport systems are often
closed systems and operated with pressures below atmospheric pressure to minimise fugitive
emissions. Bag filters are often used to clean the collected air of dispersed fuel particles.

A sealed surface with drainage systems is an option to prevent soil and groundwater
contamination from coal storage. It is not however a technique applied within the industry in
Europe. Experiments on a plant in Denmark have shown that precipitation on a pile of coal
penetrates the stack by 75cm over a year. Normally the free void in stored coal is
approximately 30 %, implying 1 m® coal can contain 0.3 m® water. Coal in working storage will
therefore be removed and fired before the precipitation has penetrated the stored volume and
leached to the subsurface. In long-term storage areas, secondary techniques such as dozing the
coal yard in order to compress the coal storage are generally used. This also prevents self-
ignition and reduces fugitive dust emissions.

For certain solid fuels, full enclosure during both transport and storage is now being specified.
This is, for instance, the case with petroleum coke, where fine dust enriched with higher levels
of nickel, vanadium and PAHs can be released by transport and storage unless specific
mitigating actions are taken.

The approach to fuel transportation, unloading, storing, and the handling of biomass and peat is
different to that of coal. In particular, these fuels are prone to self-heating and ignition. Short
storage times are preferred where feasible.

Peat in particular is reactive and can self-heat/self-ignite or decompose slowly if kept in storage
for a long time. Typically, only a few days' consumption of peat is actually stored at the power
plant site. Peat is usually stored, even for periods of years, in stockpiles in the production area.
Likewise, biomass is also prone to smouldering; therefore an effective monitoring system may
be put in place to mitigate uncontrollable outbreaks of fire.

To minimise the risk of self-ignition, fuel mixing and downsizing before storage are taken into
consideration. [ 86, Eurelectric 2013 ].
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Peat and/or biomass are transported by articulated lorries, trailers, rail, ships and barges or, for even
shorter distances, by tractor-trailers.

Peat has many characteristics that put special demands on the handling and transportation
equipment. These include:

o relatively low calorific value because of the rather high moisture content (40-50 wt-%);
. low density;

o tendency to freeze (due to the high moisture content);

o risk of self-heating/self-ignition;

o bridging;

o dust-raising propensity;

. frequent considerable amount of mechanical impurities like wood and stones, or, in
wintertime, frozen peat.

The impact of peat transportation depends on the method of transport and the distance. The
environmental impact from rail transportation is of minor importance as only some noise will be
generated. Road transportation causes noise and results in vehicle emissions. Life cycle analyses
carried out, however, show that the emissions from peat production and transportation are of minor
importance compared to the emissions from combustion.

In some countries, biomass and peat are usually local fuels and as they are collected near the
combustion plant the impact of the transportation is low. In industrial plants, biomass may come as
a by-product from the mill.

Choice of fuel-receiving station, storage facilities, transportation to the boiler, etc. depend largely
on the type of fuel. Some plants are, due to fuel quality, equipped with screens where large stones
and pieces of biomass (i.e. wood) are removed. At some sites the larger pieces of wood are added
back to the fuel after they have been crushed. Depending on the fuel and operating conditions,
some biomasses are shredded and possibly mixed with other types of fuel. This may be carried out
when receiving the fuel or just before transport to the boiler. A typical fuel-handling system (co-
combustion of peat, wood, and coal) is presented in Figure 2.29.
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Figure 2.29: Peat, wood and coal handling system

Closed silos and storage areas with dedusting devices are necessary when storing fine dusty
biomass. Chips and bark are stored for longer periods in open stockpiles, with covered storage
reserved for the screened and crushed fuel that is to be used for daily use.

Fuel is normally transferred from the stockpile/receiving station/silos to the boiler using belt
conveyors. Dust generated during peat unloading and handling can cause local harm in the plant
area. Closed conveyors can be used to reduce the impact of any dusty material.

A major hazard of peat-fired power plants is the risk of fire and explosion. Dry peat ignites by
sparks or hot surfaces like bearings very easily, and also dry, fine dust may explode even before
it reaches the boiler; either on the peat conveyors, or even in the articulated lorry transporting
the peat. It is, therefore, a general safety rule that the moisture content of milled fuel peat be at
least 40 % during transport to the plant and 38 % when received in the plant. This reduces the
risk of dust explosion and of the spreading of fire in cases of self-ignition and also eliminates
the raising of fugitive dust out of the fuel.

Peat/biomass handling operations are among the major noise sources at the peat/biomass-fired
power plant.

The approach to the transportation, unloading and storage of straw is different to that of coal,
other types of biomass and peat. The handling of straw for large CHP plants is almost solely
based on bales, each weighing approximately 400-700 kg. Trucks carrying 20 or 24 bales
transport the bales from the fields or farmers’ storage area to the plant. The trucks are unloaded
by a specialised overhead crane, whilst a quality check (weight and moisture) of the straw is
simultaneously performed. The data from the quality checks are stored on a central logistics
computer. The straw batches (10 or 12 bales per batch) are transferred either to a vacant position
in the straw storage area or directly to the processing equipment. The storage is mostly fully
automated and designed to hold about two to three days' full load capacity of the boiler.
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The pelletised biomass used in Europe is generally wood, which has a lower calorific value and
lower density than coal. It is also dusty and must be handled correctly in order to control
fugitive dust emissions and manage or eliminate fire, explosion and health risks. Handling of
wood pellets can result in significant dust emissions if appropriate measures are not
incorporated into the design. Ignition sources are eliminated and biomass self-ignition is
prevented by elimination of moisture and minimising storage and handling times. Biomass
pellets can be reactive, especially if wet, and must be kept in a dry store. Generally biomass
pellets are stored in dedicated silos or storage buildings where their temperature and any
decomposition can be monitored.

Biomass pellets is one of the preferred biomass types when transporting long distances because
of compaction, easier handling, reduction in moisture and avoidance of the need for
phytosanitary treatment among others. Large volumes of wood pellets are transported by rail or
ship directly to the LCP or to a harbour close to it.] 85, Eurelectric 2012]

Additives

Additives and chemical treatment reagents are often used for a variety of purposes in a
combustion plant. They may be used in abatement equipment, such as desulphurisation plants,
and for reducing nitrogen oxides, as well as in water and waste water treatment plants. For
instance, chemical reagents are used as additives for boiler make-up water and biocides are used
in cooling systems.

The supplier or employer specifies the appropriate storage of these materials. As reagents can
react together, the storage and handling methods applied usually involve segregating any
reactive materials. Liquids are usually stored in drums or tanks in open or enclosed bunded
areas, and acid- or chemical-resistant coatings are also used. Fine pulverised solids such as lime
are generally stored indoors in silos, in drums or bags and with isolated drainage systems.
Coarse structured solid raw materials are often stored in open storage areas. Pneumatic or
mechanical (e.g. screw conveyors, bucket elevators) transportation systems are used to transport
the materials.

The distribution of gases within the site is normally carried out inside pipelines, which are
situated overhead, and which include good damage protection systems. Health and safety
regulations govern the storage, handling and distribution of liquid or gaseous ammonia, which
are used in SCR and SNCR plants to reduce NOyx emissions.

2.8.1.2 Liquid fuels

Liquid fuels are supplied by pipeline, ship, train or lorry, depending on the availability of
transport systems at the oil well, refinery and LCP site. Liquid fuels are processed in refineries
for direct use in engines, domestic combustion systems and LCPs. Unloading is normally
carried out with pipelines.

Fuel oil is stored in vertical steel cylindrical (vented or floating roof) storage tanks. The tank
capacity varies from 1 000 m® to 100 000 m®, depending on the number of tanks and the size of
the station. The tanks are generally grouped inside a bund (retention basin), which can hold all
or a part of the volume in the event of a leak or other damage to the tanks (e.g. fire, explosion,
pipe breakage); the actual capacity of the bund depends on national regulations and oil quality.
For example, the bund capacity may be 50-75 % of the overall maximum capacity of all the
tanks and at least equal to the maximum volume of the largest one. The bund must be perfectly
sealed and should incorporate oil interceptors to prevent the discharge of oil into site run-off
water.

Depending on climatic conditions at the site and the type of fuel oil stored, storage tanks may
need to be equipped with heating systems to bring the fuel oil (in particular heavy fuel oil) up to
the appropriate temperature for its transfer and in order to ensure correct atomisation in the
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burner, which is an important pollution control technique. In such cases, the tanks have to be
properly insulated. There are two types of heating systems which can be generally used to warm
up the fuel oil: ‘bottom’ heaters, which warm up the entire volume of fuel oil; or ‘recovery’
heaters, which are located just before the suction piping and heat up the fuel oil only as it is
leaving the storage tank. Light distillate oil does not need to be heated for pumping or for
atomisation.

Regular checks of the tank contents to identify leaks and to check the fill level are common
practice. Automatic systems, incorporating alarms, are used to check the fill level. Inertised
atmospheres are occasionally used. Regular checks of the storage facilities and piping are
common practice and part of good plant management.

Pipelines used for liquid fuel delivery incorporate intermediate tank storage. Fuel distribution
from the site storage tanks to the burners is usually by overhead pipelines or by service trenches,
or less commonly by buried pipeline. Barriers are used to protect overhead pipelines against
damage. When using underground pipes, state of the art is to use double-walled pipes with
automatic control of the spacing and special constructions (e.g. steel pipes, welded connections
with no valves in the underground section).

If there is a risk of groundwater contamination, the storage area should be impermeable and
resistant to the fuel stored. Depending on the flashpoint of the liquid fuel, there may be a risk of
explosion.

2.8.1.3 Gaseous fuels

Gaseous fuels are delivered to LCPs via pipeline, either from the gas well or from liquefied
natural gas (LNG) decompression and storage facilities. Natural gas from different wells varies
in quality. Often gas clean-up may occur at the production site to reduce transport problems in
pipelines.

The natural gas high-pressure grid in the EU-27 is approximately 235 000 km long. Figure 2.30
shows the European natural gas network in 2011. The high-pressure grid delivers gas to a low-
pressure distribution grid which is 1 649 400 km long. Compressor stations (167 in total) are
only used in the high-pressure grid. The purpose of a compressor station is to restore the
pipeline pressure to the desired level if it is decreased too much in the pipeline. The pressure
loss depends on the distance from the previous compressor station, but also on the flow rate. To
ensure the contracted gas flow the pipeline, pressure has to be raised again after 100 km to
250 km depending on the local and technical situation.
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Figure 2.30: European natural gas network in 2011

A range of gases may be used in gas combustion plants. If the pressure of the supply pipeline
exceeds the required input pressure of the LCP, the gas pressure needs to be regulated. This may
take place in an expansion turbine in order to recover some of the energy used for compression.
Heat from the power plant can be used to heat up the gas and thus to increase electricity output.
Fuel gas is then transported in pipes to the LCP.

Gas turbines only use clean gases for direct firing. Here also, natural gas may have to be
decompressed, if the pressure of the pipeline exceeds the required input pressure of the gas
turbine. Adiabatic cooling of the expanded gas can be used to cool the fresh air entering the gas
turbine’s compressor. Fuel gases at atmospheric pressure from other sources have to be
pressurised to the necessary input pressure of the combustion chamber of the particular gas
turbine. Fuel gas may be also preheated.

Natural gas storage is an industrial process where gas is generally injected into an underground
porous rock system or salt cavern, which can store the accumulation and then supply the gas to
meet the market demand, in terms of hourly and daily flow rate. The storage gas stations include
gas compression plants and processing plants.
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In order to be transported by LNG carriers, natural gas is subject to the liquefaction process. The
liquefaction temperature of natural gas is -162 °C at atmospheric pressure. The natural gas is
liquefied and stored in tanks in the producing country before being loaded into an LNG vessel.
The LNG-receiving area of the plant has, in general, a berthing area for the LNG carriers,
unloading arms and a transfer line to the tanks. The LNG is unloaded from carriers and sent
through a pipeline. The storage area consists of tanks where submerged pumps are placed for
the movement of LNG.

The regasification area is made up of pumps for the movement and pressurisation of the LNG
and of the submerged combustion and/or seawater vaporisers. The liquefied natural gas is drawn
from the tanks and sent through the pipeline to the vaporisation units where the LNG is heated
to reach its gaseous state. The natural gas is then injected into the transmission network which
transports it to end users.

100 Large Combustion Plants



Chapter 3

3 GENERAL TECHNIQUES TO PREVENT AND/OR REDUCE
EMISSIONS AND CONSUMPTION

3.1 Applied common techniques

Techniques are described in this section if they apply to more than one combustion process or
type of fuel firing described in Chapters 4 to 9. Further details are provided in Chapters 4 to 9 if
the techniques apply to a specific process or to the combustion of a specific fuel perform in a
specific manner.

3.1.1 General primary techniques to reduce emissions/consumption

Some techniques have a general positive and global impact on emissions and/or consumption
due to their better energy efficiency or to their full integration into the combustion process.

3.1.1.1 Cogeneration or combined heat and power (CHP)
See Section 2.5.

3.1.1.2 Integrated gasification combined cycle

See Section 2.6.

3.1.1.3 Combined-cycle combustion

See Section 2.4.3.

3.1.14 Fuel switch or choice

The possibility of choosing a fuel or switching fuel from solid to liquid or gas, or from liquid to
gas, is considered 'subject to conditions' in this document, as the technical, economic and
political feasibility of a fuel switch or choice is largely determined by local circumstances. The
possibility to change the fuel is also subject to a strategic evaluation of the fuel policy at a
national level and to market availability.

In general, the use of fuels with a lower content of ash, sulphur, nitrogen, carbon, mercury, etc.
is an option to consider.

Choosing or switching to low-sulphur fuel, keeping the other basic fuel parameters (e.g. lower
heating value, ash and moisture content) within the boiler design fuel range, is a measure which
can significantly reduce SO, emissions. In cases where supply is available, a choice or change
of fuel may be a viable option. This may include fuels with high internal desulphurisation due to
the limestone (or other active compounds) content of the fuel ash. For coal, 5 % limestone
content is typical. For lignite and peat, desulphurisation effects may be higher than for coal,
even up to 80 %, depending on the fuel and the combustion system. Also, biomass can be used
for multi-fuel firing, contributing to SOx emissions prevention. However, this measure greatly
depends on the type of fuel and the abatement technique used, and therefore is discussed in
Chapters 4 t0 9.

Natural desulphurisation can reduce SO, emissions by as much as 90 %, e.g. by burning some
low-quality lignites and peat with a low sulphur and a high alkaline ash content, resulting in
very low SO, emissions, comparable to those achieved by the application of common secondary
techniques.
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Combustion plants located in iron and steel facilities aim at using the available process gases as
much as possible, taking into account that in this sector the composition and quantities of
fuels/process gases that are combusted may be highly variable. Process gases are directed to the
combustion plants depending on their availability, as they are distributed in order of priority to
the consuming plants in the steelworks.

3.1.1.5 Combustion modifications (process control)

Combustion-related techniques (process control) involve combustion modifications, including:

. capacity derating;

o burner modifications;

o in-furnace combustion modifications;

o air and fuel modifications (e.g. flue-gas recycling, fuel air premixing, the use of additives,
fuel mixing, drying, finer grinding, gasification, pyrolysis).

Additives introduced into the combustion system support complete combustion, but can also be
used as primary techniques to reduce emissions of dust, SO,, NOx and fuel-specific metals.

Possible techniques related to combustion modifications are given in Table 3.1. Details for these
primary techniques are very specific to the fuel and combustion system applied and are given in
Chapters 4 to 9. Reciprocating engine primary techniques are described in Chapters 6 and 7.
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Table 3.1:

Description of primary techniques for emission control

Combustion modifications

Fuels/parameters Capacity Air and fuel Burner In-furnace
: o A combustion
derating modifications modifications o
modifications
Lower volume Gasification, pyr_o!y5|s Liquid ash !_IQUId ash remova!
- of fuel, fuel additives, in slag tap furnace;
flow and higher |. . removal,
. ie. low melting coarse ash control
Solid fuels/dust oxygen surplus . cyclone burner |. . :
additives for slag tap| . in circulating
reduce TR in slag tap -
furnace with liquid ash fluidised bed
temperature furnace .
removal combustion
Reduced Use of low-sulphur fuel | g o iy o
temperature and sorbent fuel separate Injection of
Solid fuels/SO, P additives, i.e. lime and| P2 absorbents, i.e.
reduces sulphur limestone for fluidised additive limestone
volatilisation . injection
bed combustion
Reduced Mixing  and  finer Staged
Solid fuels/NO temperature grinding of fuel a}nd Low-NOyx combustion and
reduces thermal |(flue-gas recycling| burners reburnin
NOx reduce NOy production g
Reduced Gasification, pyrolysis
Liquid fuel/dust | [SMPerature oe siel, additives for NA Optimised
reduces . combustion
. low soot combustion
slagging
Use of low-sulphur fuel
Liquid fuel/SO, NA and  additives  for NA NA
absorption
Staged
Eafr(]juecfzgure Flue-gas recyeling | | - No combustion®,
Liquid fuel/NOx P reduces thermal and X reburning.
reduces thermal burners
NOy fuel-bound NOx Water and steam
addition
Reduced o y Staggd —
ue-gas recycling, . combustion* **,
Gaseous fuel/NOy temperature Low-NOyx
reduces thermal burners

NOx

fuel air premixing**

Reburning, water
and steam addition

NB:

* Not applicable to existing gas turbines.

** Staged combustion is applied differently in gas turbines and furnaces.

NA: Not available

Source: [ 123, Eurelectric 2001 ]

The use of additives to the fuel can be a fuel supply measure for small combustion systems or a
primary combustion technique at LCP sites. LCP-integrated fuel modification techniques
necessary for optimised combustion, such as fuel mixing, fuel additives, crushing, and grinding
of solid fuels, are dealt with in Chapters 4, 5, 6, and 8 when applicable. Some LCP-integrated
fuel-side measures currently under development are special integrated fuel preparation
techniques. This includes techniques to enhance efficiency, such as the pre-drying of solid fuels,
and gasification or pyrolysis of solid or liquid fuels, with the necessary syngas cleaning for
combined-cycle applications (see Chapter 4).
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3.1.2 Techniques to prevent and/or reduce dust emissions

During the combustion of fuels, the mineral matter (inorganic impurities) converts to ash and
part of it leaves the boiler as fly ash along with the flue-gas. The particulates suspended in the
flue-gas as fly ash constitute the primary particulate matter entering the dust control device. The
characteristics and the amount of the fly ash depend on the fuel used, on the fuel characteristics,
on the type of combustion and on combustion optimisation. The performance of the dust control
device is affected by changes in the resistivity and cohesiveness of the fly ash, which depend on
the fuel characteristics. The type of combustion affects the particulate size distribution in the fly
ash and hence affects dust emissions. Fine particulate matter may also contain higher
concentrations of metal elements than coarser particles. This is because fine particles have a
greater total surface area available for metals to condense on.

Different techniques, such as electrostatic precipitators (ESPs), bag filters and wet scrubbers,
are commonly used to remove dust from the flue-gas. Because mechanical dust arrestors such as
cyclones and SOs; injection cannot be used alone, these techniques are not considered or
analysed as stand-alone techniques in this document. Figure 3.1 presents an overview of the dust
control devices currently in use.

Hot-side ESPs

Electrostatic ait Lo =

Reverse air ‘ 4{ Fibreglass ‘

Particulates Inside-out type
control Fabric filters — Shake/Deflate }——{ Teflon ‘

Ll Outside-in type
Pulse - Jet ‘ 4{ Ryton ‘

Other materials
Moving bed

—— Wet scrubbers ————

scrubbers Wet lime/

_ Fly ash scrubbers
| Combined
SO, /Particulate Wet limestone/

Fly ash scrubbers

Source: [ 43, EPPSA 2012 ]

Figure 3.1: Overview of dust control devices

ESPs with fixed/rigid electrodes are the technique most widely used. Cold-side ESPs are located
after the air preheater and operate over a temperature range of 80-220 °C. Hot-side ESPs are
located before the air preheater, where the operating temperature range is 300-450 °C.
However, bag filters, which generally operate over a temperature range of 120-220 °C, have
also become increasingly important. The bags for a bag filter used in a coal combustion plant
have an estimated lifetime of between 5 000 and 40 000 hours. The bags for a bag filter used for
straw combustion have an estimated lifetime of between 12 000 and 16 000 hours. For ESPs,
small cracks may form in the emitting electrodes after 50 000 hours of operation.

The choice between an ESP and a bag filter generally depends on the fuel type, plant size and
configuration, and boiler type. Both techniques are highly efficient devices for dust removal,
which can be further improved by flue-gas conditioning. ESPs plus bag filters are also applied
to reduce PMy,, PM, s and mercury. For specific coals, the use of SO; injection (with or without
NH; injection) is used in combination with an ESP to reduce dust emissions. Wet scrubbers are
used far less than ESPs and bag filters as a principal technique to remove dust, and then mostly
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in the US. They can have high power consumption and generally achieve lower dust removal
efficiencies, especially for fine particles, than ESPs and bag filters. Wet scrubbers used for
desulphurisation, however, provide co-benefits in terms of reducing dust emissions.

According to the global inventory of electric power-generating plants "UDI World Electric
Power Plants Data Base" (WEPP) 2014, there are around 630 power plants that use bag filter
alone or in combination with other dust abatement techniques. 48 % of them are located in
North America, 23 % in European countries, 14 % in Asia, 7 % in Africa, 6 % in Australia/New
Zeeland and about 2 % in Latin America. The same source reports about 4 800 power plants
using ESP alone or in combination with other dust abatement techniques. 53 % of them are
located in Asia, 19 % in European countries, 18 % in North America, 4 % in Russia and CIS
countries, 2% in Africa, 2% in Latin America, 2% in the Middle East and 1% in
Australia/New Zeeland.

3.1.3 Techniques to prevent and/or reduce SOx emissions

Sulphur oxides are emitted through oxidation of the sulphur contained in the fuel. Measures to
remove sulphur oxides, mainly SO,, from flue-gases during or after combustion have been used
since the early 1970s, first in the US and Japan and then, in the early 1980s, in Europe.
Nowadays there are many different ways of reducing the SO, emissions generated by the
combustion of fossil fuels.

The investment cost for a DeSOyx plant varies a lot, according to the method chosen. The
operating cost mainly depends on the amount and type of reagent, water and electricity
consumption, maintenance, and residues disposal costs if not reused. The DeSOx system needs
proper maintenance in order to work optimally. In addition, it is bulky and consequently
additional space is needed for the combustion plant.

Flue-gas desulphurisation (FGD) techniques can be classified as shown in Figure 3.2.
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Figure 3.2: Overview of secondary techniques used to reduce sulphur oxide emissions

3.1.3.1 Wet scrubbers

Wet scrubbers, especially in limestone-gypsum processes, are the leading FGD techniques.
They have about 80 % of the market share and are used in large utility boilers. This is due to
their high SO, removal efficiency and their high reliability. Limestone is used in most cases as
the sorbent, as it is available in large amounts in many countries and is cheaper to process than
other sorbents. By-products are either gypsum or a mixture of calcium sulphate/sulphite,
depending on the oxidation mode. If the gypsum can be sold, the total overall operating costs
may be reduced.

The first successful wet limestone scrubber plant was constructed in 1972 by Mitsui Miike
Engineering Company (MIMC) at the Omuta coal-fired plant of Mitsui Aluminium in Japan.
The plant used lime slurry and produced sludge of calcium sulphite/sulphate and fly ash, which
was disposed of in a pond. Since then, wet limestone scrubbers have become popular in the US.
The penetration of this technique has taken more time in other countries, mainly because of the
large land requirements for sludge disposal. The first wet limestone scrubber plant producing
gypsum for a coal-fired utility boiler was constructed at the Takasago power plant of EPDC
(Electric Power Development Company), which began operation in 1975. Initially the plant had
start-up problems but the reliability of the operation has exceeded 99 % since 1977.
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Sodium scrubbing was popular in the late 1960s in Japan. The by-product, sodium sulphite, was
sold to the paper industry. The sodium scrubbing process is simple and was applied to a large
number of small oil-fired boilers. Several magnesium scrubbing systems are also used in
relatively small industrial boilers, mainly due to the low capital costs involved. In magnesium
scrubbing systems, waste water containing magnesium sulphate can be discharged into the sea,
after the removal of dust and dust-absorbed metals, as magnesium sulphate is already a
constituent of seawater. The process, therefore, has an advantage over other systems if a plant is
located near the coast. The by-product of wet ammonia scrubbers can be used as an agricultural
fertiliser.

Dual alkali processes have been in commercial operation in the US since the mid-1970s. Wet
limestone scrubbers suffered from gypsum scaling problems during their development, in the
1970s to the early 1980s, due to the lack of understanding of the scrubber chemistry and the
process design requirements. Dual alkali processes were used while system manufacturers and
plant operators solved the scaling problems. Recent developments in dual alkali processes,
enabling the use of limestone instead of the more expensive lime sorbent, and the production of
gypsum, may revive the use of this system.

The reagent in magnesium scrubbing is magnesium hydroxide, which is produced by adding
slaked lime to seawater in order to enhance alkalinity, taking care to avoid significant increases
of other trace elements associated with the slaked lime. The process has become popular since
the early 1980s, replacing sodium scrubbing, because magnesium hydroxide has become less
costly than sodium hydroxide or carbonate as the reagent.

In the ammonia wet scrubber, SO, is absorbed by aqueous ammonia, resulting in ammonium
sulphate, a by-product which can be used as fertiliser.

3.1.3.2 Semi-dry scrubbers

There are two main semi-dry scrubber types: the spray dry scrubber or absorber and the
circulating fluidised bed scrubber.

The spray dry scrubber or absorber (SDA) is a FGD technique, developed in the US and in
Europe in the early to mid-1970s. The first commercial use in combustion plants started in the
US in 1980, where the technique was applied to a coal-fired boiler. In the worldwide hierarchy
of applied FGD systems, SDA are second behind wet scrubbers. The SDA process is well
established as a commercially available technique.

The circulating fluidised bed (CFB) process has been in commercial operation in over twenty
coal- and/or lignite-fired utility boilers in Germany since 1987. Since the year 2000, this
technique has seen significant development as a semi-dry process for LCPs in Europe, with
more than 10 plants (from 100 MWy, up to 1 000 MW4,) equipped.

3.1.3.3 Sorbent injection

Boiler sorbent injection involves the direct injection of a dry sorbent into the gas stream of the
boiler. Typical sorbents include: pulverised limestone (CaCO3) and dolomite (CaCO3;-MgCO,).
In the furnace, the addition of heat results in the calcination of the sorbent to produce reactive
CaO particles. The surface of these particles reacts with the SO, in the flue-gas to form calcium
sulphite (CaSO;) and calcium sulphate (CaSO,). These reaction products are then captured
along with the fly ash by the dust control device, typically an ESP or bag filter. The SO, capture
process continues into the precipitator, and into the filter cake of the bag filter. The residues are
disposed of, for example, as landfill, although careful control is needed because they include
active lime and calcium sulphite. Possible uses of these residues are under investigation.
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The use of adsorbents in fluidised bed combustion systems is mainly in coal-fired plants.

Duct sorbent injection means injection of a calcium- or sodium-based sorbent into the flue-gas.
The most common types of duct sorbent injection are:

. dry hydrated lime, for which the sulphur capture can be improved by humidification in
some cases (depending on the flue-gas composition);

° dry sodium bicarbonate injection, which does not require humidification but may require
on-site milling for improved capture;

o lime slurry injection or in-duct scrubbing, which does not require a separate
humidification step.

Hybrid sorbent injection is a combination of boiler sorbent injection and duct sorbent injection
to improve the SOx removal efficiency.

SOx control in fluidised bed combustion

When a fuel containing sulphur is combusted, sulphur dioxide and sulphur trioxide are
generated. In a circulating fluidised bed, sulphur oxides can be captured by using dolomite or
limestone as a bed material. Dolomite, or limestone, is calcined in the bed by the influence of
heat, and the calcined lime then reacts with sulphur oxides to form calcium sulphate. The
temperature of the CFB (850 °C) is optimal for calcium-based sulphur recovery.

In a bubbling bed, the combustion of gases released from the fuel mainly occurs in the freeboard
zone, and the dense suspension only exists in the bubbling bed. Therefore, the efficiency of
sulphur recovery is much lower in BFBC than in CFBC.

3.14 Techniques to prevent and/or reduce NOx emissions

Techniques that are generally used to prevent and/or reduce emissions of nitrogen oxides are
divided into primary and secondary techniques. Primary techniques allow the control of NOx
formation and/or reduction in the combustion chamber, whereas secondary techniques are end-
of-pipe techniques to reduce NOx emissions.

Nitrogen oxides (NOyx) formed during the combustion of fossil fuels are mainly NO and NO,.
NO contributes to over 90 % of the total NOx in most types of combustion; this ratio may be
lower when primary techniques are applied to reduce NOyx emissions. As already mentioned in
Chapter 1, there are three different formation mechanisms for NOy: thermal NOyx formation;
prompt NOy; and the formation of NOx from nitrogen as a component of the fuel. A number of
primary techniques are currently used in LCPs in order to minimise the formation of NOx by
these mechanisms.

With data collected by EURELECTRIC, VDEW and VGB up to 1996, and updated by EEB in
2012, an indicative overview of denitrification in Europe is presented in Table 3.2.
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Table 3.2: Indicative DeNOx (secondary measures only) at large combustion plants in the EU-28
Number of sites and Plants with DeNOx and
electrical power controlled electrical power
Country NG of sit MW No of sites (! Electrical power
o of sites e o of sites (°) (MW,)
Austria 18 4852 13 3187
Belgium 31 5867 3 1220
Bulgaria NA NA NA 505
Czech Republic NA NA NA 380
Denmark 13 8447 10 3224
Germany 960 () 91 090 150 40 800
Greece 10 6138 NA NA
Hungary NA NA NA NA
Finland 30 5054 2 600
France 17 18 218 6 1850
Ireland 10 2955 NA NA
Italy 79 41873 19 19990
Luxembourg NA NA NA NA
Netherlands 15 9632 10 8650
Poland NA NA NA 1598
Portugal 6 4514 2 1856
Romania NA NA NA 2290
Spain 41 19 357 NA NA
Sweden 41 5303 11 2534
United Kingdom 26 37718 3 4458
EU-28 (2012) 1297 26 1018 229 93 142
(" Including fluidised bed combustion.
(® Including German industrial power plants of > 50 MW,
NB:
NA: Not available.
Source: [ 123, Eurelectric 2001 ] [ 120, EEB 2013 ]

3.14.1

Primary techniques to reduce NOx emissions

There are a wide variety of primary emission reduction techniques to prevent nitrogen oxides
formation in combustion plants. All these techniques aim to modify operational or design
parameters of combustion plants in such a way that the formation of nitrogen oxides is reduced
or so that nitrogen oxides already formed are converted inside the boiler/engine/gas turbine
prior to their release. Figure 3.3 summarises the primary techniques regarding combustion

modifications.
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Figure 3.3:  Overview of combustion modifications for reducing nitrogen oxide emissions

When combustion modifications are introduced, it is important to avoid adverse impacts on
combustion plant operation and the formation of other pollutants. So the following criteria for
low-NOx operations should be taken into account:

. Operational safety (e.g. stable ignition over the load range).

o Operational reliability (to prevent corrosion, erosion, fouling, slagging, overheating of
tubes, etc.).

° Minimal adverse impacts on the combustion plant's basic operating parameters (e.g. main
steam flow, superheated and reheated steam temperatures, and energy efficiency).

o Ability to burn a wide range of fuels.

o Complete combustion (to reduce the carbon-in-ash levels for boilers for making fly ash
saleable to the cement industry. Optimised combustion is also desired in order to avoid
high emissions of carbon monoxide).

° Lowest possible pollutant emissions, i.e. avoiding formation of other pollutants, for
example N,O.

° Minimal adverse impact on the flue-gas cleaning equipment and on the other systems of
the plant (fuel milling, etc.).

. Low maintenance costs.

In addition to combustion modifications, other primary techniques are also able to minimise
NOy generation such as milling in coal-fired plants and including developments in gravimetric
feeders, dynamic classifiers and advanced control systems' neural networks/optimisers.

3.1.4.2 Secondary techniques to reduce NOx emissions

Secondary techniques or end-of-pipe techniques reduce the nitrogen oxides (NOy) already
formed. They can be implemented independently or in combination with primary measures such
as low-NOy burners. Most flue-gas technologies to reduce NOx emissions rely on the injection
of ammonia, urea or other compounds, which react with the NOy in the flue-gas to reduce it to
molecular nitrogen. Secondary techniques can be divided into:
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o selective catalytic reduction (SCR);
o selective non-catalytic reduction (SNCR);
o a combination of the two.

The selective catalytic reduction (SCR) technique is widely applied for the reduction of nitrogen
oxides in flue-gases from large combustion plants in Europe and in other countries throughout
the world, such as Japan and the US.

The selective non-catalytic reduction (SNCR) technique is another secondary technique to
reduce nitrogen oxides already formed in the flue-gas of a combustion plant. It is operated
without a catalyst within a temperature window which greatly depends on the reagent used
(aqueous ammonia, urea or anhydrous ammonia).

The combination of both techniques is also increasingly applied with a compact catalyst system
installed at the boiler outlet, after an SNCR system, in order to further complete the NOx
reduction and to limit the NH; slip.

According to the global inventory of electric power-generating plants 'UDI World Electric
Power Plants Data Base' (WEPP) 2014, there are around 1430 power plants that use SCR alone
or in combination with other NOx abatement techniques. Of these, 52 % are plants located in
North America, 32 % in Asia and 13 % in European countries. The same source reports about
230 power plants using SNCR alone or in combination with other NOy abatement techniques.
Almost 63 % of them are located in North America, about 28 % in European countries and 7 %
in Asia.

3.14.21 Trade-offs between NOx abatement, CO/dust emissions and/or energy
consumption

Examples of trade-offs between NOyx abatement, CO/dust emissions and/or energy consumption
are given in Section 1.3.8. These trade-offs are very dependent on the techniques/fuel used and
on the plant configuration. More generally, when comparing the data for assessing the BAT
candidate techniques in this document, correlations and cross-impacts between these parameters
subject to potential trade-offs have been considered for deriving the conclusions and setting the
associated emission levels.

3.1.5 Combined techniques to prevent and/or reduce SOx and NOx
emissions

Combined SOx/NOyx abatement techniques have been developed with the aim of replacing
conventional FGD/SCR techniques. Some of the combined SOx/NOy abatement techniques
have only been applied in a very small number of units or exist more or less only as
demonstration plants and have not yet found a market penetration for commercial (cost) reasons.
Each of these techniques employs a unique chemical reaction to remove SOx and NOy
simultaneously. The development of combined techniques has been triggered by a major
problem of conventional SCR followed by the FGD technique, which is related to the oxidation
of SO, in the SCR reactor. Usually 0.2-2 % of the SO, is oxidised to SOs. This has various
effects on the flue-gas cleaning system. For low-sulphur coal for instance, SO; may improve the
removal efficiency of a cold-side ESP. However, SO; usually increases the deposits and
corrosion in the air preheater and gas-gas heat exchanger.

Combined SOx/NOyx abatement techniques can generally be divided into the following
categories:

Large Combustion Plants 111



Chapter 3

solid adsorption/regeneration (desorption);

° gas/solid catalytic operation;
. electron beam irradiation;

. alkali injection;

° wet scrubbing.

Within these categories several processes are still under development, whereas other techniques
are already commercially available and in operation in a number of plants.

3.151 Solid adsorption/regeneration

This type of process employs a solid sorbent or catalyst, which adsorbs or reacts with SOx and
NOx in the flue-gas. The sorbent or catalyst is regenerated for reuse. Sulphur or nitrogen species
are liberated from the sorbent in the regeneration step, which generally requires a high
temperature or reducing the gas for a sufficient residence time. The recovered sulphur species
are processed, for example in a ‘Claus’ plant, to produce elemental sulphur, a saleable by-
product. The nitrogen species are decomposed into N, and water by injection of ammonia or by
recycling to the boiler. In other processes such as the activated carbon process, copper oxide,
zinc oxide and magnesium oxide-vermiculite are involved in solid adsorption/regeneration.

3.151.1 Activated carbon process

As activated carbon has a very large specific surface area, it has been widely used as an air
cleaning and waste water treatment agent since the nineteenth century. It has also long been
known that activated carbon adsorbs SO,, oxygen and water to produce sulphuric acid.
Simultaneous SO, and NOyx removal becomes possible by adding ammonia.

The flue-gas from the boiler is first dedusted, passed through a heat exchanger where heat is
extracted for activated carbon regeneration, and then cooled in a water pre-scrubber. The gas
enters the first stage of the activated carbon (dry porous charcoal) bed at a temperature of 90—
150 °C. The sulphur dioxide reacts with oxygen and water vapour in the flue-gases (through
catalytic oxidation) to form sulphuric acid, which is adsorbed on the activated carbon.

Prior to entering the second-stage adsorber, ammonia is injected into the flue-gases in a mixing
chamber. Nitrogen oxides react catalytically with the ammonia in the second stage to form
nitrogen gas (N;) and water. The cleaned flue-gases and liberated nitrogen and moisture pass to
the stack for discharge. The reduction process takes place in an adsorber, where the activated
carbon pellets are transported from the top to the bottom in the form of a moving bed. The gas
flows across the layers, first entering the lowest part of the bed.

The sulphur-laden activated carbon passes to a regenerator where desorption is performed
thermally, by indirect heating using heat extracted earlier from the flue-gases, at a temperature
of about 400-450 °C. Carbon dust is removed and make-up pellets added, prior to recycling
them back to the absorber. As a result of the regeneration, enriched SO, gas is generated from
the desorber. The enriched gas is converted, using a Claus or another process, to elemental
sulphur, or sulphuric acid that can be sold as a by-product. Figure 3.4 shows a schematic
diagram of the activated carbon process.
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Figure 3.4  The activated carbon process

3.15.1.2 Other solid adsorption/regenerative processes

Other processes such as the copper/zinc oxide process are still being developed and are
therefore not discussed further in this chapter.

3.15.2 Gas/solid catalytic processes

This type of process employs catalytic reactions such as oxidation, hydrogenation or SCR.
Elemental sulphur is recovered as a by-product. Waste water treatment is not required. WSA-
SNOyx (Wet gas sulphuric acid with integrated selective catalytic reduction DeNOx step),
DeSONOy and SNRB are included in this category.

The WSA-SNOy process employs two catalysts sequentially to remove NOyx by SCR and to
oxidise SO, to SOs, condensing the latter to sulphuric acid for sale. About 95 % of the sulphur
and nitrogen oxides in the flue-gas can be removed. The process produces no waste water or
waste products, nor does it consume any chemical, apart from ammonia for NOx control.

In the DeSONOy process, flue-gases are first passed through an ESP to remove particulates,
followed by ammonia injection and SCR. The gases are then cooled by preheating combustion
air, and reheating the fully treated flue-gases prior to release to the atmosphere. The temperature
of the flue-gas is thus reduced to approximately 140 °C, which enables the catalytic oxidation of
SO, to SO; and its subsequent condensation to sulphuric acid (70 %). The latter step is
accomplished in a recirculating acid tower. The flue-gases are finally directed through a wet
electrostatic mist precipitator and are reheated prior to release.

In the SOx-NOx-Rox Box™ process (SNRB), a dry sorbent such as lime or sodium bicarbonate
is injected into the flue-gas upstream of a specially designed filter arrangement. This process
combines the removal of SO,, NOx and dust in one unit, i.e. a high-temperature catalytic
ceramic or bag filter. The process requires less space than conventional flue-gas cleaning
technology. The SNRB process aims to remove up to 90 % of the SO, and NOx and at least
99 % of the dust, but no information is available about whether this process is actually applied
to a large combustion plant. Therefore, no information on the general performance of the SNRB
process is given.

Large Combustion Plants 113




Chapter 3

3.1.6 Techniques to prevent and/or reduce metal emissions

Metals bound in most fossil fuels are liberated during combustion and may be released to the
atmosphere on particles or as vapours. The metals which are of most concern with respect to
fossil fuel utilisation are: As, B, Cd, Cr, Cu, Hg, Mo, Ni, Pb, Se, V and Zn. Some of these metal
elements are very toxic, especially if they are present in sufficient quantities.

Metals are partitioned into several output streams, mainly combustion residues such as fly ashes
but also flue-gas, which enter downstream pollution control devices (Figure 3.5). Because of the
large quantities of fuel consumed in energy generation, large amounts of potentially hazardous
metals can be released into the environment. Most metal elements are associated with dust.
Volatile elements preferentially condense onto the surface of smaller particles in flue-gas
streams because of the greater surface area. Hg is a highly toxic metal which may escape
capture by flue-gas control devices and which occurs in some waste fractions being co-
incinerated in combustion plants but also in coals, depending on their origin. Hg is emitted, to a
large extent, gaseously (see Figure 3.5).

An adequate method for obtaining data on emission values and on the behaviour of metals
during combustion and flue-gas cleaning is to establish a mass balance across the total
combustion plant considered (Figure 3.5). Metal mass balance investigations have been carried
out for various types of large-scale coal- and/or lignite-fired power plants [ 149, Clarke et al.
1992 ], [ 150, Maier et al. 1992 ], [ 151, Rentz et al. 1996 ], [ 152, Martel, C. 1998 ]. In this
figure, the oxidising effect SCR may have on elemental mercury is not considered.
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Figure 3.5: Mass balance of metals, fluoride and chloride in coal-fired combustion plants

Because volatile metal elements are more concentrated in the fine-grained dust material carried
downstream from the combustion chamber, the emission of these elements depends more on the
efficiency of the gas cleaning system than on the method of fuel conversion.

Several control techniques have been developed which are theoretically capable of removing a
large portion of certain metals from flue-gas. These systems can generally be divided into two
categories:
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. techniques that are commonly used to remove dust, SOx and/or NOx emissions;

o techniques that have been developed expressly to remove trace elements from the flue-
gas.

3.1.7 Techniques to prevent and/or reduce emissions of CO and
unburnt hydrocarbons

The emissions of unburnt gases, which can be divided into two main groups: carbon monoxide
(CO) and hydrocarbons (C4H,), can be prevented/reduced by advanced combustion techniques.
Emissions of CO and unburnt hydrocarbons are a consequence of incomplete combustion and
can be caused by excessively low combustion temperatures; too short a residence time in the
combustion zone; or by an inefficient mixing of the fuel and combustion air, leading to local
areas of oxygen deficiency and relatively uneven fuel particle size distribution.

Carbon monoxide is the most important unburnt gas. It is a stable compound even at high
temperatures if there is no oxygen present. Hydrocarbons, on the other hand, can be
decomposed and form soot at high temperatures in an oxygen-poor atmosphere. In general, it is
possible that emissions of unburnt hydrocarbons may be generated when a low combustion zone
temperature and inefficient mixing of fuel and air occur together.

3.1.8 Techniques to prevent and/or reduce halide emissions

Natural sources, the sea in particular, are the major source of chlorine, bromine and iodine in the
atmosphere. Human activities, especially industrial sources such as aluminium manufacture, are
the major global source of fluorine emissions. In many countries, the combustion of fossil fuels
is the largest source of chlorine (as HCI) from human activities and may also be a predominant
source of fluorine (as HF). Emissions of halides from combustion are in the form of highly
soluble acidic gases, which can contribute to acid rain.

The emission of halides depends on a number of factors: the initial halogens content of the fuel
and the form in which they are present, the combustion conditions (temperature, residence time,
etc.), and the use of various pollution control techniques. Those techniques originally designed,
for instance, to control emissions of SOx, such as limestone addition to the boiler and FGD, can
be especially effective in reducing emissions of the acidic halide gases. With rotating gas heat
exchangers, HF bypasses FGD systems at a rate of ~50 %.

3.1.9 Techniques to reduce greenhouse gas (GHG) emissions from
large combustion plants

Various methods, processes and technologies to reduce greenhouse gas emissions from fossil-
fuel-fired combustion plants, especially for the reduction of CO, emissions, are the focus of
many projects linked to the implementation of stringent climate change policies. Article 36 of
the IED establishes for all plants of > 300 MW, a legal requirement to assess certain conditions
related to the future feasibility of carbon capture and storage, and, in the event of a positive
assessment, to ensure the retrofittability to meet the necessary conditions for CO, capture.

CO, emissions reduction in large combustion plants is regulated in Europe through the EU
Emissions Trading System (EU ETS).

Some GHG of less global importance but still relevant for the combustion sector, such as N,O,
can be generated at FBC boilers. The combustion of older fuels leads to higher levels of
emissions (e.g. N,O emission levels from anthracite combustion are higher than N,O emission
levels from lignite combustion, which are higher than N,O emission levels from biomass
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combustion). The techniques to prevent or reduce such emissions are described in Section
5.1.3.6.

3.1.10 Water use and techniques to reduce emissions to water

A large combustion plant requires considerable water for producing process water and technical
water, cooling, energy generation, waste water treatment, and sanitary purposes. Water
consumption varies depending on the processes involved.

The water used may be obtained from the sea, rivers, lakes, etc. and it is possible to use both
seawater and water of a reduced quality for many of the processes. The feed water for the steam
cycle needs to undergo water treatment to reach the quality needed for deionised water.
Seawater can be used for feed water, cooling water or even for desulphurisation. Initiatives to
reduce water consumption largely depend on the source of the water. The technical water and
waste water from water treatment may be reused for the desulphurisation plant.

It is possible in coastal areas to use seawater that has been desalinated by reverse osmosis. The
process is normally based on the following process:

o seawater intake;

. filtering by self-rinsing filter;
o filtering by sand filters;

o filtering by cartridge filters;

. reverse osmosis and recovery of energy from the concentrate.
[ 88, Denmark 2013 ]

Section 1.3.3 gives an overview of the different sources of waste water that can be found in a
large combustion plant. The waste water encountered in combustion plants is composed of
polluted water arising from the various LCP processes and rainwater from the site. This water
may have to be treated in waste water treatment plants, where a reduction of pollutant
concentrations is achieved. This section outlines the techniques that are normally used to treat
the contaminated waste water streams before they can be discharged to the aquatic environment.

The amount and the quality of the waste water and, correspondingly, the configuration of the
waste water treatment plant which is appropriate for the needs of a particular LCP’s effluents
are site-specific and depend on many parameters, including the:

. type and composition of fuel;

. type of storage facilities for fuel and chemicals;

. type of fuel preparation;

. type of combustion processes;

. type of cooling systems;

. type of chemical conditioning applied for boiler water and cooling water;
. quality of raw water available;

o type of water treatment systems;

. type of flue-gas treatment systems;

. nature of combustion by-products (fly ash, wet ash, FGD gypsum, etc.); and
. management practices (disposal, sale).
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The individual waste water streams generated by the various operations in an LCP include:

. process waste water, in particular waste water from the FGD unit;
o collected rainwater run-off and firefighting water;
o sanitary waste water.

Due to their different compositions and quality (pollutants' characteristics and concentration),
the above-mentioned streams are usually collected by separate drainage systems and are
directed to separate destinations for further treatment in dedicated waste water treatment plants
(sanitary waste water in biological waste water treatment plants, and process waste water and
contaminated rainwater run-off in industrial waste water treatment plants).

The clean collected rainwater does not need to be treated and can be discharged directly to the
receiving water or used as fresh water for the plant's needs. [ 121, Eurelectric 2012 ].

The design of the LCP site's drainage systems is very important, as by employing well-designed
drainage systems the waste water management is optimised, achieving economies in water
consumption and in the design and operation of the waste water treatment plant.

Waste water is designed to flow, as far as possible, by gravity through the drainage systems to
the various components of the waste water treatment plant, in order to avoid intermediate
pumping and the associated energy consumption.

Waste water streams vary greatly in flow rate. Depending on their origin, the waste water
streams contain different substances:

o solid substances (e.g. suspended solids);
o fluid substances (e.g. oils, oil-water emulsions);
o water-soluble substances (organic, inorganic).

The waste water streams encountered most often in an LCP are listed below:

. waste water from raw water treatment plants;

o waste water from the cooling circuit systems;

o waste water from other sources in the steam generation process;
o waste water from flue-gas cleaning systems;

. acid washing water;

. sanitary waste water.

Inventory management tools give detailed information on the location, production,
environmental circumstances, emissions, etc. of the installation and thereby help detect
emissions that can be prevented or reduced.

Relevant basic data on the composition and quantity of waste water are compiled in a stream
inventory. The emitted streams are listed respective to their source, i.e. the production process
from which they originate. This is a key element in assessing their degree of contamination and
the nature of the contaminants, as well as the possibilities of reduction at the source. Stream
inventories may be the basis for waste water segregation and water treatment strategies. Waste
water streams that are typically segregated include surface water run-off, cooling water, and
waste water from flue-gas treatment.
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Relatively uncontaminated water (e.g. from cooling water blowdown) can often be reused for
other purposes requiring water of lower quality (e.g. for cleaning or flue-gas treatment). The
recycling is limited by the quality requirements of the recipient stream and the water balance of
the plant. Some waste water streams are usually not recycled (e.g. seawater used in cooling
systems). The optimum choice of the cooling system depends on the local conditions. Waste
water from wet FGD is sometimes recycled after treatment (US EPA 2013). Water recycling is
not applicable to waste water from cooling systems when water treatment chemicals and/or high
concentrations of salts from seawater are present.

A technique to reduce water usage and the volume of contaminated waste water discharged is
the handling of bottom ash from the boilers. Dry hot bottom ash falls from the furnace onto a
mechanical conveyor system and is cooled down by air or water in a closed cycle. No water is
used in direct contact with the ash for cooling or transportation. Dry ash handling is a technique
also described in Section 3.2.5 (Optimisation of bottom ash quality) and proposed as a new
source performance standard by the US EPA.

3.1.10.1 Waste water from raw water treatment plants
Typically, raw water is pretreated before being used in different areas of the LCP. The types of
pretreatment carried out are softening and demineralisation. These pretreatments typically

generate the following waste waters.

The waste waters from softening plants are:

spray water from belt strainers (cleaning of surface water);

filtrate from sludge draining (without chemical additions);

filtrate from sludge draining (after flocculation and precipitation);

back flushing water from sand filters.

The waste waters arising from various parts of the softening plant are usually recycled back into
the process.

The waste waters from demineralisation plants are:

° ion exchange (resins) regeneration effluents;

o reverse 0Smosis concentrates;

. ultrafiltration concentrates.

3.1.10.2 Waste water from cooling circuit systems

The waste water from cooling circuit systems mainly results from the blowdown of wet cooling
towers and the occasional drainage from the evacuation of the cooling towers basin. In once-
through cooling systems' inlet filter screen washings, cooling water discharge temperatures and
the concentration of biocides or other additives are considered.

Emissions from all types of cooling systems, including LCPs, to the environment are dealt with
in detail in the Industrial Cooling Systems BREF and are not included in the scope of this
document.
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3.1.10.3 Waste water from steam generation processes

The waste water from steam generation processes mainly includes:
o blowdowns from drum-type steam generators;

o laboratory waste water and sampling;

o discharges from the water-steam cycle;

o discharges from district heating systems;

o condensate polishing plant regeneration effluents;

o ash and slag handling and removal systems' effluents;
. boiler chemical cleaning effluents;

. boiler wet conservation effluents;

. wash water of steam generators, air heaters, gas heaters, ESPs, DeNOy, FGD plants and
various other equipment;

o oily effluents (dewatering of fuel oil storage and daily tanks, run-off from heavy fuel oil
and/or gas oil treatment systems, turbine or diesel engine houses, transformer areas, etc.).

3.1.104 Waste water from flue-gas treatment systems

All wet-type flue-gas cleaning systems produce waste water that, due to the fuel and materials
used, contains metals among other components. One of the main sources of waste water in this
context is the wet limestone scrubber that is used in a large number of combustion plants for
desulphurisation of the flue-gas, although this water volume can be reduced by using fuels with
a lower chlorine content and by designing the absorber to operate at a higher chloride
concentration. This results in a reduction in the purge to the waste water treatment plant, which
in turn reduces emissions to water. An example of a conventional waste water treatment system
is presented in Figure 3.6, but it is noted that there are many different types of systems,
depending on the different national regulations, the type of fuel and site-specific factors.

The pH value of FGD waste water is increased in order to precipitate metals. This is generally
achieved using either lime milk or caustic soda, causing the formation of metal hydroxides. By
adding flocculants (iron(I1l) chloride), flakes are formed. The addition of coagulation aids
(polyelectrolytes) allows the agglomeration of individual flakes, so that a greater flake
formation ensues. The sludge is then pre-sedimented, drained and disposed of or co-combusted
in the case of slag tap combustion. Part of the ‘thin” sludge is recycled to the flocculation stage
where the sludge particles serve as initial crystallisation nuclei promoting more rapid
flocculation.

The treated waste water from the pre-sedimentation stage can be supplied to a baffle plate
thickener for further sedimentation. The suspended micro-particles deposit on the inclined baffle
plates. The sludge falling off the plates is gathered at the lower point of the baffle plate
thickener and can also be recycled. The cleaned waste water is fed to the drain via the overflow
of the baffle plate thickener, provided the regulatory limit values are met. In addition, if the pH
value is required to be between 6 and 9.5, the water is neutralised. Although it is generally not
necessary, the content of ammonia in the waste water may lead to it first being fed to an
ammonia stripping plant before it is discharged to the drains. In some processes, e.g. with a
higher input of Hg from the co-combustion of wastes, it is customary to also add (organic)
sulphide after the addition of lime milk, thereby precipitating the metals as sulphides, which is
more effective than using hydroxide. The disadvantage is that the metal sulphides (greater
quantities) need to be disposed of, as by co-combusting these residues the sulphur would be
released as sulphur dioxide and Hg would be released again.
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Various plants treat FGD waste waters differently. While some of them use flocculants and
flocculation aids for example, others use only flocculation auxiliaries and organic sulphide.
There are, however, also operators who use flocculants, flocculation auxiliaries and organic
sulphide.

In the example shown in Figure 3.6, FGD waste water is pre-neutralised in an agitator with the
aid of lime slurry. The pH is further increased by additional dosing of lime slurry in the second
reactor. Initial flocculation and settling of heavy metal hydroxides occur in the circular
concentration reactor tank. Polyelectrolytic solution is fed into the supply line to the
concentration reactor tank, in order to avoid repulsion between hydroxide particles and to
accelerate sedimentation.

The treated water, with a pH of 6 to 9, may be transferred from the upper zone of the circular
concentration reactor tank to the main water inlet. If the pH is above 9, it is corrected with an
acid additive, e.g. hydrochloric acid. Part of the slurry withdrawn from the concentration tank is
fed as contact slurry to support flocculation in the first agitator. This slurry acts as an accelerator
for the precipitation of the hydroxides. Most of the slurry from the agitator is temporarily stored
in a slurry container, dewatered in a filter press and finally stored in a bunker prior to disposal.

I—4—1 Dosing of polly-electrolytic
Ca(OH); solution
FGD
waste water
Circular

pH correction
HCI

Waste water

Pre
neutralisation neutralisation

Slurry recirculation

Slurry container

Source: [ 123, Eurelectric 2001 ]

Figure 3.6: FGD waste water treatment plant

Two-stage precipitation processes (see Figure 3.7) are widespread in FGD waste water
treatment. Waste water from FGD first reaches an oxidation stage, in which conversion is
generally accomplished with sodium hypochlorite (NaOCI), particularly mercury dissolved into
Hg(ll). This is followed by the gypsum desaturation stage. Here, by the addition of calcium
hydroxide (Ca (OH),), the pH of the waste water is raised and iron(l11) chloride (FeCl3) may be
added for flocculation. With the addition of a flocculant, a sedimenting sludge is formed, which
is then deposited in a first sedimentation stage. A portion of this sludge from the sedimentation
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is recirculated to improve sedimentation capability. This step can, for example, be a circular
clarifier whose efficiency can be increased if necessary by the incorporation of lamellae. The
deposited slurry (about 99 % of the total sludge accumulation) consists mainly of calcium
sulphate and can therefore be used further as a resource.

The clear effluent of the first sedimentation stage then enters the metal removal stage. Here, by
the addition of organic sulphides, the metals are precipitated as sulphides, and the pH may be
further increased by the addition of calcium hydroxide.

The sedimentation capability of the metal sulphides is improved by contact between the sludge
and the polymers. In the second stage of the two-stage procedure only a small amount of sludge
is accumulated (about 1 %), which must be disposed of. The same construction of both
sedimentation stages offers the advantage that the system can also be operated as a single stage,
for example during times of revision. Another advantage of a two-stage procedure is that the
gypsum sludge and the mercury sludge accumulate separately.

—

Oxidation Flocculation Sedimentation Flocculation Sedimentation
Thickener
EXGNEED
FGD- NaQCl/ ClO, Ca(OH); PE (organo) sulfide |FeCl; PE
Waste Water l +—‘
—

Waste Water

Hg and other metals b

Filter Press are in the solution Membrane
Filter Press

Source: [ 169, TWG 2006 LCP BREF 2003 ]

Figure 3.7: Two-stage waste water treatment plant

ZLD (zero liquid discharge) is a combination of techniques that results in no waste water
discharges. Depending on plant-specific conditions, ZLD may be achieved for different waste
water streams and by using different combinations of techniques. After the neutralisation and
sedimentation unit (pH adjustment, ferric co-precipitation, flocculation, clarification, etc.), a
Softening-Evaporation-Crystallisation (SEC) system can be installed. The products of this
system are high-quality water, to be recycled, and salts, to be disposed of. Evaporation allows
plants to recover clean water for reuse, thereby reducing water usage. A few plants worldwide
use evaporation, including larger plants (e.g. Plants 211/212 (418+433 MWy, and Plant 253
(1420 MW,)). However, evaporation is energy-intensive, which may offset the environmental
benefits. For new FGD applications, the design can be optimised for the ZLD concept, taking
into account the possible additional cost and decrease in energy efficiency, by reducing the FGD
purge flow rate.

Figure 3.8 and Figure 3.9 show that, for sulphate and mercury emissions to water for example,
there is differentiation between plants operating with a wet abatement system for air pollutants
(wet FGD, FG condenser) and those operating without.
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Figure 3.8: Yearly sulphate concentrations in direct emissions to water — Comparison of plants
with and without a wet abatement system for air pollutants
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Figure 3.9: Yearly mercury concentrations in direct emissions to water — Comparison of plants
with and without a wet abatement system for air pollutants

The reported average levels of the direct emissions to water for each category of plant (i.e. those
fitted with a wet abatement system for air pollutants and those without) from a set of plants
operated in Europe are given in Table 3.3. In this table, no distinction is made concerning the
type of fuel burnt or the type of combustion plant. The ranges include emissions from coal-fired

122 Large Combustion Plants




Chapter 3

plants (which represent the majority of plants fitted with wet abatement systems), biomass-fired
plants, and gaseous- or liquid-fuel-fired plants for those not fitted with such abatement systems.
The plants themselves are boilers, gas turbines or engines. The concentrations of pollutants
emitted by plants fitted with a wet abatement system are generally higher, especially for metals.

Table 3.3:  Yearly emissions to water

Unit | Flue-gas treatment system used

Parameters With wet Without wet
abatement abatement

As <0.048 <0.028
Sh < 0.0051 <0.02
Pb <0.1 <0.1
Cr <0.083 <0.08
Co < 0.005 < 0.008
Cu <0.06 <0.13
Ni <0.05 <0.06
Mn <0.237 <0.35
\Y <0.015 <0.037
Cd <0.01 <04
TI <0.034 0.001
Fe " <3.85 <24
Hg mg < 0.004 <0.0015
Zn 0.47 <0.34
F <15.2 <99
Cl <18 250 <5525
TOC <348 <374
Total suspended
solids (TSS) <4l <126
Total P <2 <1.89
Sulphate as SO, <1704 <1135
Sulphide as S <0.3 <0.89
Sulphite as SO3 4.8 <5
Total N 0.7-303 <735
AOX <0.95 <0.225
THC <15 <7
Source:[ 3, LCP TWG 2012 ]

3.1.10.5 Acid washing water

Coatings caused by corrosion on the boiler water/steam side and in the condenser are cleaned
regularly to ensure effective heat transfer. This can be carried out mechanically, for instance
passing foam rubber bullets through the condenser, and supplemented by acid washing. Acid
washing is often performed by adding pure acids directly into water in the tanks. The generated
waste water from the tanks is acidic and requires neutralisation or disposal as hazardous waste
due to its high concentration of metals. For the condenser, removal of coatings is carried out
annually or even more seldom. Acid washing of the boiler is carried out at the commissioning of
the boiler and then only a few times in its lifetime. [ 88, Denmark 2013 ].
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3.1.10.6 Sanitary waste water

Sanitary waste water includes waste waters originating from toilets and canteens. Current flows
are usually estimated at approximately 75 I/person/day. Emissions are characterised by a high
organic content.

3.1.10.7 Other waste waters

Surface run-off water arises from the contamination of rainwater collected from building roofs,
paved areas and fuel storage areas (e.g. coal stockpiles). The contamination of rainwater occurs
when materials such as dust (coal particulates) from fuel storage, surface deposition, etc. or oils
are washed into the drainage system. The contamination of surface water can be prevented or
minimised by the use of sedimentation basins and good practice in the storage of fuel and other
raw materials, as well as by good maintenance and cleaning of the whole plant.

Surface run-off water may be collected separately. After a sedimentation step or chemical
treatment, it may be reused for other purposes in the production process, for instance in water
sprays to prevent dust formation from the storage of solid fuels.

In combustion plants, there are many other sources of waste water. Examples are: liquid
effluents from the cleaning stations for trucks delivering fuel (e.g. trucks transporting peat) and
other raw material; sealing water from pumps; and waste water from general operations,
including the cleaning of equipment, floors, etc. These liquid effluents are normally collected
and treated. Water from the sanitary system is normally discharged to the public sewerage
system.

To reduce the concentration of water pollutants, end-of-pipe techniques such as neutralisation,
flocculation, sedimentation and filtration may be used. These techniques are normally used
together in a final or central on-site waste water treatment plant.

3.1.11 Techniques to control releases to land/soils and for the
management of residues

When sludges and solid residues from flue-gas and waste water cleaning in LCPs cannot be
utilised, or whenever the current production exceeds demand, the surplus has to be disposed of
in an environmentally responsible and sound way (e.g. by applying the results of the
Environmental Impact Assessment (EIA) studies conducted). Acting in this way, the appropriate
choice of site, disposal method and monitoring ensures that this surplus can be deposited
without detriment to the environment. In common with other powdered materials, guidelines for
the manipulation (including transport) of ash ensure the efficient protection against accidental
exposure to dust. The aim is always to obtain by-products from the residues that can be used in
other industrial sectors, for example as building material.

The sludges and other residues from LCPs can be subdivided into sludge from water and waste
water treatment and residues from flue-gas desulphurisation and flue-gas dust precipitation.
Another generated residue consists of matter screened from surface waters that is encountered
on the rakes and screening facilities for the drawing-off of water.

The organic matter collected at the cooling water intake can be used as an energy source or
composted and used afterwards to improve soil quality. Residual matter must be deposited.
Sludges from the treatment of waste waters from FGD plants can possibly be reused as reaction
agents in the FGD plant, due to the calcium components. They are also used as additives in
coal-fired combustion plants to improve the ash melting behaviour.
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Sludges from the treatment of raw waters, such as surface water, are decarbonised and thus have
a high content of calcium carbonate (e.g. 30 % or more). Besides the above-mentioned
implementation in flue-gas desulphurisation and as an additive in coal boilers or other areas
where calcium additives are used, these sludges can be useful as calcium fertiliser and for soil
improvement in agriculture.

Residues from flue-gas desulphurisation, such as FGD gypsum and ammonium sulphates,
contain calcium and sulphur, which are used for fertilisation and in soil improvers in agriculture,
among other uses (e.g. construction sector). Only 0.1 % of residues from SDA are currently
used as fertiliser (see data from ECOBA), mainly due to metals (e.g. Cd, Hg). SDA products are
also used specifically as an underground filler, e.g. to stabilise underground mines. Other
desulphurisation products, such as sulphur or sulphuric acid, are only produced in small
quantities and are used exclusively in the chemical industry.

Residues from flue-gas dust removal are typically ashes, such as boiler slag from wet-bottom
furnaces; bottom ash from dry-bottom furnaces; and fly ash from coal-fired and lignite-fired
power plants. In fact, the utilisation of coal ash as a replacement for minerals or manufactured
products saves the extraction of raw materials, while preserving and conserving natural
resources, as well as reducing energy consumption and the emission of carbon dioxide (to the
extent that one tonne of fly ash replacing cement saves approximately 600 kg of CO,).

Owing to its good filtering properties, about 60 % of the bottom ash is used in road construction
and other surfacing and landscaping work. About 70 % of fly ash is used in the manufacture of
cement, concrete and concrete products, in which it is valued for its building properties. It is
also used in the production of mortar, bricks, masonry blocks, paving and mining mortar.

Ashes from lignite-fired power plants are mostly used as a leach-free stabiliser mixed with
waste water from FGD plants for the filling of exhausted open-pit mines. Part of the ash is used
for recultivation and surface covering. Certain qualities of lignite fly ash make it suitable for use
in concrete manufacture. There are also many other possible uses for ashes and for ashes from
fluidised bed combustion plants.

In summary, techniques to control releases to soil cover flue-gas and waste water cleaning
techniques, as well as techniques for residue and by-product utilisation, which result in a
reduction in the amounts of waste that would otherwise have to be disposed of in landfills. With
the increasing degree of utilisation, the quantity of waste that has to be disposed of is reduced,
which means the consumption of landfill volume becomes lower. The utilisation of by-products
may thus serve for soil protection and to conserve resources. However, care should be taken on
critical parameters which may need monitoring, such as long-term leaching behaviour, stability
of residues and monitoring and reporting of the quality of the residues. Therefore, unavoidable
and non-utilisable mineral residual waste may still be disposed of to landfill.

3.1.12 Techniques to reduce noise emissions
Most EU countries have their own environmental noise regulations.

Typically, the noise criteria are based on different area types or specific environments
(residential, commercial, industrial, etc.). These levels usually differ depending on the affected
area (residential or business) and the time of day (daytime, typically 7.00 to 22.00, or night-
time, typically an eight-hour period between 22.00 and 7.00, e.g. 22.00 to 6.00 or 23.00 to 7.00).
The operator of a plant usually has to give information on noise dissemination and measures
taken for noise abatement. Since most plants operate continuously all day and night, the target
noise levels during the night will determine the techniques for the whole site. In case of impulse
noise, it is a common practice to add 5 dB(A).
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The environmental noise requirement is defined with a noise receptor outside the project
property boundary line. Also, existing background noise must be taken into account when
defining the noise impact of a new combustion plant.

The main noise sources of thermal power plants are: fans (including inlets, outlets, stacks and
enclosures), pumps, turbines, engines, steam systems, buildings (including windows and
ventilation systems), cooling towers and transformers.

Effective reduction of noise emissions is achieved by strategic planning of plants and sites, by
good device design and by applying primary techniques which reduce noise at source or by
means of secondary techniques which reduce noise propagation where needed.

The most effective combination of techniques has to be identified individually for each plant or
production site and does not necessarily include noise reduction techniques at the source with
the highest emission, but with the highest impact value. Therefore, a combination of techniques
used at noise sources close to the affected areas may be the most efficient way to reduce
environmental noise.

The noise emissions in LCPs are usually technically manageable. Since increased distance from
the source lowers noise, planning of land used both on a community level and within a specific
industrial site is perhaps the best preventive measure to avoid noise problems. Inside the
building, the same principle applies, i.e. the layout design should separate the working areas
from noisy equipment.

Some common noise control techniques are:

° careful orientation and location of noise-emitting machinery, also taking into
consideration the change of frequency of the sound,;

. enclosure of noisy plant components (e.g. gas turbines, steam turbines and generators) in
sound-absorbing structures;

. use of anti-vibration supports and interconnections for equipment;

. ventilation of enclosures with low-noise fans;

. addition of cladding to the support structure of noisy equipment;

o fitting of high-level flue-gas silencers;

. location of boiler feed pumps in enclosures;

. building of a pump house around the pumps for circulating the cooling water;

. operation of low-noise fans in the cooling towers (it should be noted that the noise
emissions from once-through cooling water systems are less than from cooling towers);

. use of embankments or other noise barriers to screen the source of the noise.

Requirements stipulated by the authorities can encourage manufacturers to reduce the noise
generated by equipment and thus to create a competitive advantage.

In recent years, interest in noise has increased and has led to a series of noise regulations. The
objectives of such regulations are to ensure appropriate and sufficient protection for the
environment from plant noise and to provide planning security for the planners and future
operators of new plants with respect to compliance with the regulations. To achieve these
objectives, it may be practical to specify values, i.e. at receiver points (noise-sensitive receptors,
NSRs) in the neighbourhood and, at these points, sound levels for the noise emitted by the plant.
Based on these target values and the noise-relevant plant characteristics, a noise study may be
an indispensable part of the permitting phase. In such a study, an acoustic planning concept
should be worked out and sound propagation calculations applied to ensure and demonstrate
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that the target values can be complied with. Periodically (e.g. three times per year), the operator
should assess whether any new noise sources exist.

3.1.13 Cooling techniques

The operation of large combustion plants is governed by ‘Carnot’s principle’. The heat source,
i.e. the boiler, provides the energy required for the water vaporisation. The cold source, i.e. the
condenser, condenses the steam coming out of the low-pressure turbine. The condenser and the
cooling system are, therefore, the key parts of the facility. Regardless of the mode of cooling
adopted, it is in fact one of the main interfaces between the combustion plant and the
surrounding environment. The efficiency and availability of a power plant depend, to a great
extent, on the integrity and cleanness of the condenser and the cooling system.

A variety of applications can be found, all aimed at meeting process, site, environmental and
economic requirements. The environmental impact of cooling techniques used in large
combustion plants is described in the BREF on industrial cooling systems.

Each cooling system is designed to provide cold water suitable for maintaining turbine
operation at the optimum design point. But the cooling systems are not equivalent in their
capacity to take into account the daily and seasonal variations in source water and
meteorological conditions. Greater sensitivity of dry cooling systems to ambient conditions is to
be noted, entailing a greater impact on plant operating efficiency. [ 121, Eurelectric 2012 ]

Most plants in the 2012 data collection report the use of a direct once-through system for
cooling, where the coolant (i.e. water) is pumped from a source (e.g. river, sea, lake), it passes
through a heat exchanger (where the heat is transferred from the process to the coolant through a
partition wall) and finally it is discharged back to the receiving water. In many of those cases
the coolant passes through a cooling tower before it is discharged back to the receiving water. A
number of plants also report the use of an indirect once-through system. In this case, the primary
coolant (i.e. water) is pumped from a source, it passes through a heat exchanger (the heat is
transferred in the heat exchanger from the secondary cooling circuit to the primary coolant
through a partition wall) and finally it is discharged back to the receiving water. In the
secondary circuit, there is another heat exchanger where the heat is transferred from the process
to the secondary coolant through a partition wall. In some cases the primary coolant passes
through a cooling tower before it is discharged back to the receiving water. Open recirculating
wet cooling systems are also reported in the 2012 data collection, as well as closed circuit
systems. Few examples of hybrid (wet/dry) cooling systems are reported. [ 3, LCP TWG 2012 ]

3.1.14 Emission monitoring and reporting

This section is intended to give general information on the monitoring and reporting of
emissions from combustion plants. The methods and instruments used for the monitoring of
emissions are the relevant national or international methods (e.g. European Committee for
Standardisation (CEN); ISO; VDI Richtlinien; Netherlands Emission Regulations; UK
Guidance Notes: British Standards, etc.). For more detailed information on general monitoring
issues, reference is made to the JRC Reference Report on Monitoring of emissions to air and
water from IED installations.

3.1.14.1 Emission components

The most common emission components to air that are measured at LCPs or that are calculated
using emission factors and other methods are:
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For water pollution, the following parameters can be monitored:

diffuse dust emissions, e.g. from the unloading, storage

handling of fuel,

dust as stack emissions (including PMy, and PM,5s);
sulphur oxides (SOx);

nitrogen oxides (NOx);

nitrous oxide (N,O);

metals;

carbon monoxide (CO);

carbon dioxide (CO,);

hydrogen fluoride (HF);

hydrogen chloride (HCI);

ammonia (NHs);

hydrocarbons (as unburnt hydrocarbons, UHC);
volatile organic compounds (VOCs);

dioxins and/or POPs.

suspended solids;

metals;

salts (chloride and sulphate);
organic halides;

biocides;

phosphate;

altered pH values.

(short- and long-term) and

The pH value and the other components are reported as a whole or partly in the fuel-specific
chapters, depending on the fuel used and the availability of data. Methods of analysis are given
in relevant national and international guidelines on monitoring and analysis.

3.1.14.2 Reference conditions and parameters

For emissions to air, the following flue-gas parameters are determined to convert the emission
concentrations obtained to standard conditions, i.e. 273 K, 101.3 kPa, reference oxygen level
and dry gas:

the volumetric flue-gas flow (in order to calculate the concentration and emission mass

flow);

the flue-gas temperature;

the water vapour content of the flue-gas;
the static pressure in the flue-gas duct;

the atmospheric pressure;
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o the monitoring period/averaging period;

o the oxygen content.

In addition to the above-mentioned parameters, for good operation of the combustion plant and
the flue-gas cleaning system, additional measurements of certain parameters (such as voltage
and electricity (electrostatic precipitators), pressure drop (bag filters), pH of scrubbing fluid
(scrubbers)) and pollutant concentrations at various sites within the flue-gas ducts may be
necessary.

3.1.14.3 Sampling points
The sampling points meet the requirements of EN standards (i.e. EN 15259).

The sampling points need to be situated in a section of the flue-gas duct where representative and
homogeneous flow conditions and concentrations of pollutants are expected.

The measurement sites allow access to the sampling plane for typical sampling equipment
consisting of structures and technical equipment, for example working platforms, measurement
ports and energy supply.

3.1.14.4 Monitoring of emissions

The monitoring of emissions is carried out to determine the substances in the flue-gas or waste
water in order to check the compliance with the emission limit values of the permit, to report to
the authorities (e.g. to the E-PRTR), to control the combustion process or abatement system,
and/or to predict the environmental impact of the plant or process.

Monitoring analysis during normal operating conditions and OTNOC can be carried out by
direct measurements (i.e. direct source testing) or by using surrogate parameters. Direct
measurements can be continuous or periodic.

The minimum monitoring frequency depends on the type of pollutant, the fuel combusted, the
plant size, the monitoring practices and the implemented abatement techniques.

3.1.14.4.1 Continuous monitoring

In general, continuous direct measurements are the most accurate and preferred method of
monitoring emissions. Continuous emission monitoring of a number of components in gases or
in waste water is possible, and, in several cases, accurate concentrations (mg/Nm?, ppm or mg/l)
can be reported continuously or as mean values over agreed time periods (half-hourly, daily,
etc.). However, conditions for this are that the existing infrastructure is good and trained
personnel are available to operate the equipment (for calibration procedures, etc.). Prime mover
differences such as over/underpressures in the flue-gas, pressure fluctuations, flue-gas
temperature, etc. are to be taken into account in the choice of the equipment. In these cases,
discontinuous measurements, e.g. annual/six-monthly measurements, where practical, are
preferred.

Continuous monitoring and associated software allows the reporting of concentration values for
the main released pollutants in the required averaged standard (from half an hour to a month).
[10, METSO 2012]

In EN 14181:2014, a quality assurance system, based on different Quality Assurance Levels
(QAL1L, QAL2, QAL3) for automated measuring systems (AMSSs) is defined for emissions to
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air. This standard is applicable to AMSs installed at emission sources for the determination of
the flue-gas components and other flue-gas parameters. In EN 15267 Parts 1 to 3, the Quality
Assurance Level QAL and the procedures for achieving the required certifications are defined,
and these are applied before the AMS is installed at the emission source.

The EN ISO 5667-1:2006 standard gives some guidance on measurement and sampling for
emissions to water, distinguishing between continuous and periodic measurements, between
continuous and periodic sampling, and between composite and spot samples.

3.1.14.4.2 Periodic monitoring

Periodic measurements are the determination of a measurand at specified time intervals in the
case of emissions to air. For these measurements, the flue-gas sample is extracted from the
channelled emission and the pollutant is analysed instantly with portable measuring systems or
afterwards in the laboratory.

The number of consecutive individual measurements in one measurement series should be
specified in accordance with the measurement objective and in relation to the stability of the
emission. When measuring a stable emission, best practice is to take a minimum of three
samples consecutively in one measurement series.

The timing and duration of the emission measurement should be specified in the measurement
plan in accordance with the measurement objective. The most common sampling duration is
30 minutes, but 60 minutes is applied as well, depending on the pollutant and the emission
pattern of the process.

Related to emissions to water, composite samples and spot samples can be distinguished for
periodic measurements. Composite samples are the most commonly used samples. They are
obtained by mixing a proportional amount of periodically (or continuously) taken samples.
Composite samples provide average compositional data. Consequently, before combining
samples, it is verified that such data are desired and that the parameter(s) of interest do(es) not
vary significantly during the sampling period. Spot samples are discrete samples taken at
random time intervals. They are generally not related to the waste water volume discharged.

3.1.144.3 Indirect monitoring using surrogate parameters

Surrogate parameters are measurable or calculable parameters that can be used instead of the
direct measurements of specific pollutant values. The use of surrogate parameters, either
individually or in combination, may provide a sufficiently reliable picture of the nature and
proportions of the emission.

Predictive Emissions Monitoring Systems (PEMS) are systems used to determine the emissions

concentration of a pollutant based on its relationship with a number of characteristic
continuously monitored process parameters (e.g. fuel gas consumption, air to fuel ratio) and fuel
or feed quality data (e.g. the sulphur content) of an emission source. PEMS are used with some
gas turbines to determine NOx/CO/CO, releases. These systems are computer-based and rely on
the recording of a number of process variables, such as fuel flow, combustion temperature,
ambient pressure/temperature, etc. The parameters are then processed via an algorithm specific
to each installation to derive relevant pollutant concentrations in releases to air and mass
releases. The systems are usually calibrated by discontinuous monitoring once a year and have
been demonstrated to be very accurate. There are also proprietary packages, with some
packages commercially available.

Fuel analysis can be used to predict emissions of compounds such as SO, or CO, and elements
such as metals and other pollutants based on the application of conservation laws, if the fuel
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throughput is measured. The presence of certain elements such as sulphur and metals in the fuel
can then be used to calculate their presence in the raw flue-gas streams [ 153, ESAA 1999 ].
Assuming complete conversion of sulphur, SO, emissions, for instance, from oil combustion,
can be calculated based on the content of sulphur present in the oil.

3.1.15 Influence of load factors and modes on environmental

performances

Flexible operation of power plants can affect the emissions of NOx and CO and the energy
efficiency compared with stable operation, as is illustrated in

The load factor is defined as the ratio between the fuel thermal input at any time and the rated
thermal input.

November 2011
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January 2012
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Source: [ 122, ETN 2013 ]

Figure 3.10: Impact of load factor variation on NOyx emissions at a GDF Suez natural gas
combined-cycle plant, including five units of 385 MW,
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Figure 3.11: Example of NOy (mg/Nm?, left) and O, (%, right) (y axis) for different load factors (x
axis) at a BFB boiler in Sweden

Variation of energy efficiency with the unit load factor

The energy efficiency of a plant is at a maximum when running continuously and steadily at the
maximum rated output. This state defines the 'baseload reference’ level of efficiency. The effect
of reducing the plant output is a significant reduction in the net energy efficiency. The plant
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energy efficiency depends on both the output load and the ambient conditions. Typically, the
energy efficiency decrease between baseload and minimum load is about 4 to 13 percentage
points. Plant energy efficiency is therefore somewhat dependent on the mode of operation.

Variation of energy efficiency with the number of operating hours (load mode)

In addition to partial loading, the operating pattern can also have a significant effect on energy
efficiency, in particular the number of start-ups and shutdowns. A lower level of operation
during a year will result in a greater number of start-ups, because the plant is being run on a
two-shift pattern with daily start-ups and shutdowns, rather than continuously overnight. Start-
ups reduce energy efficiency; due both to the need to reheat the unit back to the operating
temperature and to the lower energy efficiency at lower loads while the output is progressively
increased. Shutdowns have a similar effect. Variations in ambient conditions and general
operation give rise to in-year baseload efficiency variations of typically about two percentage
points.

Influence of load modes and load factors on the environmental performance of
combustion plants

For the purpose of this BREF, data related to the number of hours operated yearly (load mode)
and to the way the plant is operated compared with its full capacity (load factor) have been
collected and assessed together with the environmental parameters (emissions, consumption,
efficiencies) and have been considered when setting the BAT-AELs. [ 12, UK-TWG 2012 ],
Plant 506 of [ 3, LCP TWG 2012 ].

3.1.16 Other than normal operating conditions (OTNOC)

To reduce emissions during other than normal operating conditions (OTNOC), a management
plan may be set up and implemented as part of the environmental management system, along
with the implementation of traceable concrete measures commensurate with the type of possible
OTNOC. These measures include:

° appropriate design of systems considered to cause OTNOC and that may have an impact
on emissions (e.g. low load design concepts for reducing the minimum start-up and
shutdown loads for stable generation in gas turbines);

. drawing up of specific preventive maintenance plans for these relevant systems, where
needed,;

° review and recording of emissions caused by OTNOC;
° implementation of corrective actions to return to normal operating conditions (NOC);

° periodic assessment of overall emissions during OTNOC (e.g. frequency of events,
duration, emissions quantification/estimation) and implementation of corrective actions if
necessary.

Monitoring of emissions during OTNOC is important as high pollutant emissions may occur
during these periods. Some countries include emissions monitoring provisions in environmental
permits.

There may be cases in which alternative monitoring is more precise than direct emissions
measurement, e.g. monitoring based on surrogate parameters if the monitoring device is not well
calibrated in the range of emissions. Using emissions arising from a typical OTNOC as the basis
for assessing the emissions of each OTNOC is also a possibility as long as these OTNOC can be
linked by quantifiable parameter(s).
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Start-ups and shutdowns

Commission Implementing Decision 2012/249/EU refers to the determination of start-up and
shutdown periods for combustion plants for the purposes of the IED.

During start-ups and shutdowns, plant emission levels may vary significantly and it is therefore
important to control these phases as much as possible, e.g. by limiting their duration or using a
less polluting fuel, hence limiting the amount of emissions. There are tools for monitoring and
analysing the start-ups, whether the plant is started manually or automatically using a sequence,
and the manufacturer start-up curves are taken into account at all times. Special automated
solutions enable the tracking of start-ups, comparisons to manufacturer curves and comparisons
of actual start-ups to each other. This helps the plant staff to find the best possible start-up
practices. [ 13, METSO 2012 ]

Other OTNOC

It is important to identify other than normal operating conditions as they may affect the level of
emissions or consumption of the combustion plant. The following situations are examples of
conditions that may be considered OTNOC:

o periods related to malfunction or breakdown of the abatement techniques;

o testing periods (e.g. commissioning periods, periods after modifications to the
combustion chamber, or testing periods of new/repaired abatement techniques or of the
combustion of a new fuel);

o periods corresponding to the use of emergency fuels for a very short period due to the
lack of availability of normally used fuels (serious shortage or sudden interruption) or to
disturbances in fuel feeding;

o periods of exceptional low-load operations due to unplanned malfunction of plant
system(s);

o periods related to sudden major combustion failures;

o periods related to malfunction of the auxiliary or monitoring systems (e.g. malfunctioning
of the analysis instrument or data transfer related to the process control);

o periods of calibration of monitoring systems requiring measurement points outside the
range corresponding to normal operating conditions;

o extraordinary/unforeseeable variations in fuel quality whereby the installation/equipment
performance cannot be guaranteed by the manufacturer (outside design specifications)
and/or where there is a failure in the application of the fuel quality check procedures;

o in the case of bypass of control equipment or a process, when the bypass is unavoidable,
e.g. to prevent loss of life or personal injury.
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3.2 Techniques to consider in the determination of general
BAT for the LCP sector

This section describes techniques (or combinations thereof), and associated monitoring,
considered to have the potential for achieving a high level of environmental protection in the
activities within the scope of this document. The techniques described will include both the
technology used and the way in which the installations are designed, built, maintained, operated
and decommissioned.

It covers environmental management systems, general process-integrated techniques and general
end-of-pipe techniques. Waste prevention and management, including waste minimisation and
recycling procedures, are also considered, as well as techniques that reduce the consumption of
raw materials, water and energy by optimising use and reuse. The techniques described also
cover measures used to prevent or to limit the environmental consequences of accidents and
incidents, as well as site remediation measures. They also cover measures taken to prevent or
reduce emissions under other than normal operating conditions (such as start-up and shutdown
operations, leaks, malfunctions, momentary stoppages and the definitive cessation of
operations).

Annex Il to the Directive lists a number of criteria for determining BAT, and the information
within this chapter addresses these considerations. As far as possible, the standard structure in
Table 3.4 is used to outline the information on each technique, to enable a comparison of
techniques and the assessment against the definition of BAT in the Directive.

This chapter does not necessarily provide an exhaustive list of techniques which could be

applied in the sector. Other techniques may exist, or may be developed, which could be
considered in the determination of BAT for an individual installation.

Table 3.4: Information for each technique described in this chapter

Headings within the sections
Description

Technical description

Achieved environmental benefits

Environmental performance and operational data
Cross-media effects

Technical considerations relevant to applicability
Economics

Driving force for implementation

Example plants

Reference literature

3.2.1 Environmental management systems

Description
A formal system to demonstrate compliance with environmental objectives.

Technical description

The Directive defines ‘techniques’ (under the definition of 'best available techniques’) as ‘both
the technology used and the way in which the installation is designed, built, maintained,
operated and decommissioned’.
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In this respect, an environmental management system (EMS) is a technique allowing operators
of installations to address environmental issues in a systematic and demonstrable way. EMSs
are most effective and efficient where they form an inherent part of the overall management and
operation of an installation.

An EMS focuses the attention of the operator on the environmental performance of the
installation; in particular through the application of clear operating procedures for both normal
and other than normal operating conditions, and by setting out the associated lines of
responsibility.

All effective EMSs incorporate the concept of continuous improvement, meaning that
environmental management is an ongoing process, not a project which eventually comes to an
end. There are various process designs, but most EMSs are based on the plan-do-check-act cycle
(which is widely used in other company management contexts). The cycle is an iterative
dynamic model, where the completion of one cycle flows into the beginning of the next (see
Figure 3.12).

EMS model

Policy

Management

) Planning
review
Checki_ng Implementation
corrective
action

Figure 3.12: Continuous improvement in an EMS model

An EMS can take the form of a standardised or non-standardised (‘customised’) system.
Implementation and adherence to an internationally accepted standardised system, such as EN
ISO 14001:2015, can give higher credibility to the EMS especially when subjected to a properly
performed external verification. EMAS provides additional credibility due to the interaction
with the public through the environmental statement and the mechanism to ensure compliance
with the applicable environmental legislation. However, non-standardised systems can, in
principle, be equally effective provided that they are properly designed and implemented.

While both standardised systems (EN 1SO 14001:2015 or EMAS) and non-standardised systems
apply in principle to organisations, this document takes a narrower approach, not including all
activities of an organisation, e.g. with regard to their products and services, due to the fact that
the Directive only regulates installations/plants.
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An EMS can contain the following components:

1. commitment of management, including senior management;

2. definition of an environmental policy that includes the continuous improvement of the
installation by the management;

3. planning and establishing the necessary procedures, objectives and targets, in conjunction
with financial planning and investment;

4. implementation of procedures paying particular attention to:

(a) structure and responsibility,

(b) recruitment, training, awareness and competence,

(c) communication,

(d) employee involvement,

(e) documentation,

(f) effective process control,

(9) planned regular maintenance programmes,

(h) emergency preparedness and response,

(i) safeguarding compliance with environmental legislation;

5. checking performance and taking corrective action paying particular attention to:

(a) monitoring and measurement (see also the Reference Report on the Monitoring of
Emissions to Air and Water from IED installations - ROM),

(b) corrective and preventive action,

(c) maintenance of records,

(d) independent (where practicable) internal and external auditing in order to determine
whether or not the EMS conforms to planned arrangements and has been properly
implemented and maintained,;

6. review of the EMS and its continuing suitability, adequacy and effectiveness by senior

management;

preparation of a regular environmental statement;

validation by a certification body or an external EMS verifier;

following the development of cleaner technologies;

0. consideration for the environmental impacts from the eventual decommissioning of the
installation at the stage of designing a new plant, and throughout its operating life
including:

B oo~

(a) avoiding underground structures,

(b) incorporating features that facilitate dismantling,

(c) choosing surface finishes that are easily decontaminated,

(d) using an equipment configuration that minimises trapped chemicals and facilitates
drainage or cleaning,

(e) designing flexible, self-contained equipment that enables phased closure,

(f) using biodegradable and recyclable materials where possible;

11.  application of sectoral benchmarking on a regular basis.

Specifically for this sector, it is also important to consider the following potential features of the
EMS:

12. quality assurance/quality control programmes to ensure that the characteristics of all fuels
are fully determined and controlled,;

13. a management plan in order to reduce emissions to air and/or water during other than
normal operating conditions, including start-up and shutdown periods.

14. a waste management plan to ensure that, in order of priority, waste is avoided, prepared
for reuse, recycled or otherwise recovered,;
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15. aprocess quality optimisation system in order to identify and implement improvements to
increase energy efficiency and fuel utilisation;

16. an environmental and safety management system to identify and plan to prevent and deal
with uncontrolled and/or unplanned emissions to the environment, in particular:

(a) emissions to soil and groundwater from the handling and storage of fuels, additives, by-
products and wastes,

(b) due to the risk of self-heating and/or self-ignition of fuel in the storage and handling
activities;

17. a dust management plan to prevent or, where this is not practicable, to reduce diffuse
emissions from loading, unloading, storage and/or handling of fuels, residues and
additives;

18. a noise management plan where a noise nuisance at sensitive receptors is expected or
sustained, including:

(a) aprotocol for conducting noise monitoring at the plant boundary,

(b) a noise reduction programme,

(c) a protocol for response to noise incidents containing appropriate actions and timelines,

(d) a review of historic noise incidents, corrective actions and dissemination of noise
incident knowledge to the affected parties;

19. for the combustion, gasification or co-incineration of malodourous substances, an odour
management plan including:

(a) aprotocol for conducting odour monitoring,

(b) where necessary, an odour elimination programme to identify and eliminate or reduce
the odour emissions,

(c) aprotocol to record odour incidents and the appropriate actions and timelines,

(d) a review of historic odour incidents, corrective actions and the dissemination to the
affected parties.

Achieved environmental benefits

An EMS promotes and supports the continuous improvement of the environmental performance
of the installation. If the installation already has a good overall environmental performance, an
EMS helps the operator to maintain the high performance level.

Environmental performance and operational data
No information provided.

Cross-media effects
None reported. The systematic analysis of the initial environmental impacts and scope for
improvements in the context of the EMS sets the basis for assessing the best solutions for all
environmental media.

Technical considerations relevant to applicability

The components described above can typically be applied to all installations within the scope of
this document. The scope (e.g. level of detail) and nature of the EMS (e.g. standardised or non-
standardised) will be related to the nature, scale and complexity of the installation, and the range
of environmental impacts it may have.

Economics

It is difficult to determine accurately the costs and economic benefits of introducing and
maintaining a good EMS. There are also economic benefits that are the result of using an EMS
and these vary widely from sector to sector.

External costs relating to verification of the system can be estimated from guidance issued by
the International Accreditation Forum. [ 180, IAF 2010 ]
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Driving force for implementation
The driving forces for the implementation of an EMS include:

° improved environmental performance;

° improved insight into the environmental aspects of the company which can be used to
fulfil the environmental requirements of customers, regulatory authorities, banks,
insurance companies or other stakeholders (e.g. people living or working in the vicinity of
the installation);

° improved basis for decision-making;

° improved motivation of personnel (e.g. managers can have confidence that environmental
impacts are controlled and employees can feel that they are working for an
environmentally responsible company);

o additional opportunities for operational cost reduction and product quality improvement
. improved company image;

o reduced liability, insurance and non-compliance costs.

Example plants
EMSs are applied in a number of installations throughout the EU.

Reference literature
EMAS Regulation (EC) No 1221/2009. [ 171, EC 2009 ]

DG Environment EMAS website. [ 172, DG Environment 2010 ]

EN I1SO 14001: 2015
ISO 14000 family of standards website. [ 168, CEN 2015 ]

3.2.2 Techniques to prevent and/or reduce channelled emissions to
air

3.2.21 Techniques to prevent and/or reduce dust emissions

3.22.1.1 Electrostatic precipitators (ESPs)

Description

Electrostatic precipitators (ESPs) operate such that particles are charged and separated under the
influence of an electrical field. Electrostatic precipitators are capable of operating over a wide
range of conditions.

The abatement efficiency may depend on the number of fields, residence time (size), and
upstream particle removal devices. They generally include between two and five fields. The
most modern (high-performance) ESPs have up to seven fields.

Technical description

There are both wet and dry ESP types. Corrosion and abrasion resistance are built into both the
wet and dry designs [ 173, Theodore and Buonicore 1992 ], [ 174, Soud 1993 ], [ 175, Soud
19951],[ 176, VDI 1998 ], [ 148, CIEMAT 2000 ]. A typical arrangement of an ESP is shown in
Figure 3.13.
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Figure 3.13: Typical schematic arrangement of an ESP

An ESP consists of a hopper-bottomed box containing rows of plates forming passages through
which the flue-gas flows. Centrally located in each passage are emitting electrodes energised
with high-voltage direct current, which is provided by a transformer/rectifier (T/R) set. The
electrical field is applied across the electrodes by a small direct current at high voltage (60—
120 kV). The voltage applied is high enough to ionise the gas molecules close to the electrodes,
resulting in a visible corona. The flow of gas ions from the emitting electrodes across the gas
passages to the grounded collecting plates constitutes what is called the corona current.

When passing through the flue-gas, the charged ions collide with, and attach themselves to, fly
ash particles suspended in the gas. The electrical field forces the charged particles out of the gas
stream towards the grounded plates, where they collect in a layer. The plates are periodically
cleaned by a rapping system to release the layer into the ash hoppers as an agglomerated mass.
In practice, an ESP is divided into a number of discrete zones (up to six zones are commonly
used). In most cases, the ESP is located after the air heater or economiser and referred to as a
cold-side installation. In special cases, it is located before the air heater to take advantage of the
higher temperature. In this case, it is called a hot-side installation.

Particles are removed from the gas stream in four stages:

through application of an electrical charge to the dust;

through placement of the charged dust in an electrical field;
o by capture (agglomeration) of the dust onto the collecting electrode;

o by removal of the dust from the surface of the electrode.
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Good rectifier design is used, which includes the use of separate rectifier sections for each field
or portion of a field of the ESP. This allows the applied voltage to be varied in the inlet and
outlet zones to take account of the reduced dust load towards the outlet and the fields to be
operated at progressively higher voltages without sparking. Good design also involves the use of
automatic control systems. They maintain the optimum high voltage (HV) applied to the
electrodes in a particular zone without sparking. An automatic monitor is used to apply the
maximum voltage without sparking and constantly varies the HV. Fixed HV power supplies are
unlikely to provide optimal collection efficiencies.

The resistivity (the inverse of the conductivity) of the dust is particularly important. If it is too
low, the particles reaching the collector electrode lose their charge easily and dust re-
entrainment can occur. When the dust has too high a resistivity, an insulating layer is formed on
the electrode, which hinders normal corona discharge and leads to a reduction of the collection
efficiency (back corona effect). It is now common practice with highly resistive ashes (e.g. the
ones coming generally from low-sulphur fuels) to condition the flue-gas to reduce the resistivity
of the ash, e.g. by injecting SO; into the flue-gas upstream of the ESP to form sulphuric acid.
This is efficiently absorbed onto the particles and thus reduces the ash surface resistivity. The
presence of an SCR system upstream of the ESP may also change the flue-gas conditions by
oxidising part of the SO, into SOs, leading to the same flue-gas conditioning effect as
mentioned before.

The particle size distribution affects the particle migration velocity. For particles of > 1 um, the
migration velocity is inversely proportional to the particle diameter, becoming independent of
particle size for particles of <1 um. In addition, a high load of fine particles can cause a
substantial change in the electrical conditions in an ESP. Within the ESP, the dust in the flue-
gas is charged in an ionic space charge cloud. The nature of the space charge changes with the
particle size distribution and the flue-gas loading. The particulate space charge increases with
the number of particles per cubic metre of flue-gas entering the ESP. An increase in fine
particles and a relatively high particle migration velocity in the higher flue-gas load can result in
an increase in the space charge, and can subsequently cause an electrical short circuit. The
corona current at the inlet field can be suppressed by the increased space charge. A much higher
space charge can result in the corona current being suppressed throughout the ESP.

Rapping, used to dislodge the fly ash (dust cake) layer off the collection electrode into hoppers,
may also cause re-entrainment. Particles are separated from the fly ash layer and re-entrained
into the flue-gas. Re-entrainment can reduce the efficiency significantly. In effect, the ESP
efficiency strongly depends on the unit size. An increase in efficiency incurs higher costs.

A moderate sulphur content in the flue-gas decreases the resistivity of particles and enables
better particle reduction. However, uneven gas distribution in the precipitator may lead to there
being cooler parts inside the device. Also, the higher the sulphur content of the fuel, the higher
the possible dew point. If these two conditions occur simultaneously, i.e. an uneven temperature
distribution and a higher dew point of sulphuric acid, there is a higher risk of material damage
and hence a higher risk of the device breaking down.

Problems may also occur while burning fuels which form volatiles, as the volatiles can coat the
particles and hamper their effective precipitation. This is possible with low calorific value fuels,
and when the boiler process is unstable.

Wet electrostatic precipitators (WESPS) operate on the same principles as ESPs. In this case, the
collected dust is removed from the collector plates by flushing with a suitable liquid, usually
water, either intermittently or by continuous spray irrigation. This offers advantages for certain
dusts that adhere to conventional plates or when other components in the gas stream interfere
with the operation, for example in the case of a cool, damp gas.

Achieved environmental benefits
Reduction of dust, aerosol and metal emissions to air.
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Environmental performance and operational data
ESPs are used extensively in large combustion plants and are capable of operating over a wide
range of temperatures, pressures and dust burden conditions.

The performance of an ESP follows the Deutsch equation, which relates efficiency to the total
surface area of the collecting electrodes, the volumetric flow rate of the gases and the migration
velocity of the particles. Furthermore, geometric considerations (such as gas velocity, height
over length ratio) also contribute to effective removal of dust. Therefore, for a given dust,
maximising the surface area of the collecting electrodes is very important, hence current
practice is to use wide electrode spacing. This practice relies, in turn, on good rectifier design
and control. Another way of increasing the dust removal efficiency is to increase the electrode
spacing. For this, T/R sets with higher voltages are needed.

Flue-gas flow distribution affects the overall performance of electrostatic precipitators. A
uniform flue-gas velocity distribution is desirable throughout the entire cross section since it
ensures the maximum collection efficiency of the unit. To achieve the best performance from a
precipitator, the gas flow through the units is optimised to give a uniform flow to prevent flue-
gas bypassing the electrical field. Correct design of inlet ducting and the use of flow distribution
devices within the inlet mouthpiece can help a uniform flow to be achieved at the precipitator
inlet.

It should also be noted that the free CaO content in the ash has an adverse effect on the ESP's
particulate capture performance for resistivity reasons.

Table 3.5:  General performance of an ESP

. o .

Technigue Removal efficiency (%0) Operating Configuration
<lpm | 2pm 5 um > 10 um temperature

Electrostatic 80-220°C Cold ESP

precipitator >06.5 | >98.3 | >99.95 [ >99.95

(ESP) 300450 °C Hot ESP

NB:

The ESP has a very high efficiency, even for smaller particles.

It can handle very large flue-gas volumes with low pressure drops.
Low operating costs, except at very high removal rates.

It can operate at any positive pressure.

It is not very flexible, once installed, to changing operating conditions.
It might not work on particulates with a very high electrical resistivity.
The pressure drop is < 5 mbar.

Source: [ 178, ERM 1996 ]

Cross-media effects
Residue (fly ash) or liquid effluent (only in the case of wet ESPs) is produced which may
require further treatment.

Additional electricity is consumed. In an example HFO-fired boiler of 415 MWy, the
consumption was about 0.32 % of the gross electric energy production (Plant 260). Other
reported data show an installed related electrical capacity of about 0.1-0.15 % of the total rated
thermal input (Plants 42, 127-2, 128-4).

The high voltage of an ESP can introduce a new hazard.

For some plants, ammonia may be injected to improve the ESP's performance. In these cases,
ammonia emissions result from ammonia slip through the ESP.
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Technical considerations relevant to applicability

ESPs may not be applicable for some particulates with high electrical resistivity.

The applicability of dry ESPs to treat flue-gases from units that combust liquid fuel may be
limited due to a number of factors, including:

. the very low particle resistivity;
. the type of particles (e.g. high cenosphere content);
o the unfavourable flue-gas composition.

However, several example plants (175, 225, 258 to 263, 454, 472) combusting liquid fuels and
fitted with ESPs achieve levels of dust emissions to air below 10 mg/Nm? as a yearly average.

Economics

The cost of electrostatic precipitators includes costs due to electricity consumption, maintenance
expenses (very dependent on the boiler process and fuel properties) and the transfer of the
precipitated ash, but generally they are cost-effective devices for reducing dust emissions.

The initial investment costs may be higher or lower, depending on the applied fuel, than for
other available techniques such as bag filters. However, operational costs are lower than the
corresponding costs of the other techniques, and the use of modern control systems reduces
these expenses even more. Operational costs can vary widely, depending on the different
properties of fly ashes. Maintenance costs are normally very reasonable when processing
ordinary fly ash. These devices are competitive at power plants which have a wide range of
power equipment and a variety of boiler processes.

The UK has established indicative capital costs for ESPs of GBP 25/kW, (1999 prices) and
indicative operating costs of GBP 0.0003/kW, (1999 prices) across all capacity ranges. [ 120,

EEB 2013 ]

The ESP has generally been the preferred economic solution, especially for larger plants.
However, nowadays more and more bag filters are being installed, as they are considered a
better economic solution for taking into consideration fuel flexibility issues and performance
requirements.

Driving force for implementation

The legislative demands for reduced emissions of fine particulate matter have led to various
research projects aimed at improving the efficiency of this technology.

Example plants

About 145 of the plants that submitted a questionnaire in 2012 for the review of this BREF are
fitted with a dry ESP.

See each fuel section for further details.

Plant 139 uses an ESP with SO; conditioning.

Reference literature
No information provided.
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3.22.1.2 Bag filters

Description

Bag or fabric filters are constructed from porous woven or felted fabric through which gases
flow to remove dust. The use of a bag filter requires the selection of a fabric material suitable
for the characteristics of the flue-gas and the maximum operating temperature.

Technical description

Fabric filtration is a method to remove particles (especially fly ash) from the flue-gas of
industrial combustion plants. In addition to collecting fly ash, there have been a number of
applications where bag filters have been used together with the injection of slurried or powdered
sulphur dioxide absorbent (such as lime or sodium bicarbonate) to simultaneously control both
sulphur dioxide and fly ash emissions.

A Dbag filter unit consists of one or more isolated compartments containing rows of bag filter
bags or tubes. Dust-laden gas passes up (usually) along the surface of the bags then radially
through the fabric. Particles are retained on the upstream face of the bags, while the now
cleaned gas stream is vented to the atmosphere. The filter is operated cyclically, alternating
between relatively long periods of filtering and short periods of cleaning. During cleaning, dust
that has accumulated on the bags is removed from the fabric surface and deposited in a hopper
for subsequent disposal. The major operating feature of bag filters that distinguishes them from
other gas filters is the opportunity to check the filtering surface periodically when cleaning.
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1 Raw gas duct 5 Scavenging air fan
2 Filter bags 6 Control valves
3 Compartment casing 7 Dust hopper
4 Clean gas duct 8 Rotary valves
Source: [ 177, Lurgi 1999 ]

Figure 3.14: General arrangement of a bag filter (with one compartment in the cleaning cycle)

Regular dust removal from the fabric is important in order to maintain an effective extraction
efficiency, but it also influences the operating life of the fabric. Bag filters are normally
classified according to the method by which the filter media are cleaned. The most common
cleaning method consists of compressed air pulsing. Other methods include reverse airflow,
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mechanical shaking/deflating and vibration. Acoustic horns are also used for the cleaning of
bags. The normal cleaning mechanisms do not result in the fabric returning to pristine condition,
but the particles deposited within the depth of the cloth help reduce the pore size between the
fibres, resulting in high filtering efficiencies for submicron particles.

J 9
1 Raw gas inlet 4 Clean gas space 7 Compressed air reservoir
2 Baffle plate 5 Clean gas duct 8 Nozzle lance
3 Filter bags 6 Diaphragm valve 9 Dust hopper

Source: [ 177, Lurgi 1999 ]

Figure 3.15: Low-pressure pulse-jet bag filter

Fabric selection takes into account the composition of the gases, the nature and particle size of
the dust, the method of cleaning to be employed, the required efficiency and economics. The gas
temperature also needs to be considered, together with the method of gas cooling, if any, and the
resultant water vapour and acid dew point.

Wear of the filter bags results in a gradual but measurable reduction in performance. There may
also be a risk of damage or catastrophic failure of several bags if corrosion occurs, when
abrasive material is filtered or when there is the risk of fire. Simple online monitoring systems,
such as pressure drop indicators or dust tell-tale devices, give only a rough indication of
performance.

Triboelectric or optical devices are used to measure trends in the dust emissions from the bag
filter to identify possible failure. They can also be used to detect dust peaks during a cleaning
cycle. When these measurements are integrated with a zoned cleaning system, any zone that
contains damaged bags can be identified and local repairs can then be made. [ 179, Robson 1998

1
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Synthetic filter cloths such as Gore-Tex® and Tefaire® (teflon/fibreglass) have enabled bag
filters to be used in a wide range of applications and have led to extended filter lives. The
performance of modern filter materials, even in high temperatures or abrasive conditions, has
improved. Cloth manufacturers can recommend the materials that are most suitable for specific
applications.

New methods to increase the air to cloth ratio and to reduce the pressure drop are continually
being investigated. Flue-gas inlet and outlet modifications aim to improve the capture of the fly
ash which is essential for optimal design and the high PM removal efficiency of the equipment.

Pulse-jet technology has become the preferred bag filter system as the primary particulate
control device for utility and industrial boilers. Research is continuing to improve the
understanding and hence performance of the system.

As there are many different filter materials on the market, the operator chooses the best one for
their own needs. The filter material has to be selected with particular care to avoid possible
problems being caused if the process parameters change.

Achieved environmental benefits
Reduction of dust, metal and aerosol emissions to air.

Environmental performance and operational data

Some fuels may cause clogging problems, which complicates the process operation. Clogging
problems may occur, e.g. during start-ups, when oil is burnt. The filter material is usually quite
sensitive to the temperature of the ash and flue-gases, so unburnt carbon and hot fly ash
agglomerations may damage the filter material. Precoating of the filter fabric with available fly
ash, lime material or other materials can reduce the risk of bag damage during the start-up of the
filter. In applications where the ash has a high amount of unburnt matter, and there is a risk of
sparks or glowing particles reaching the bag filter, a pre-collector upstream of the bag filter is
recommended to reduce the risk of hopper fires and bag damage. Biomass-fired power plants
are a typical example. [ 120, EEB 2013 ]

Also, cracks may form in the fabric material. These are difficult to detect during operation.
These cracks increase the emissions of particles. If the baghouse is of a modular design and
modules are isolated, then maintenance work may be possible without shutting down the
process.

The bag filter operating temperature should be kept above the water and acid dew point of the
flue-gas, in order to avoid chemical attack on the filter bags, dust-handling problems and
corrosion. [ 120, EEB 2013 ]
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Table 3.6:  General performance of bag filters

Removal efficiency (%) Other performance parameters
3
g
%C) <1pum 2 pm 5 um > 10 um Parameter Value
2
Operating 150 °C (polyester)
temperature 260 °C (fibreglass)
Energy consumption
as % of electric 0.2-3%
capacity
5-20
Pressure drop (102 Pa)
Residue Fly ash
Off-gas flow rate <1100 000 m*/h
L Solid and liquid
Applicability fuels
e
2
‘; >99.6 >99.6 >09.9 >99.95
<
M
Market share 10 %
NB:
Market share of 10 % is mainly based on application in CFB combustion and SDA.
Filtration velocities generally lie in the range 0.01 m/s to 0.04 m/s according to the application, the filter type and the
cloth.
Typical values used in power plant baghouses are 0.45-0.6 m/min for reverse-air, 0.75-0.9 m/min for shaker, and
0.9-1.2 m/min for pulse-jet applications.
Bag life decreases as coal sulphur content increases and as the filtering velocity increases.
Individual bags fail at an average annual rate of about 1 % of installed bags.
The pressure drop increases as the particle size decreases for a given flue-gas throughput.
Source: [ 178, ERM 1996 ]

A bag filter's efficiency is less influenced by particles' resistivity than an ESP's.

Cross-media effects

Residues are produced for which further treatment may be required. As for all other dry
separation techniques, a reduction of the environmental impact is best achieved if a useful outlet
is found for the collected solid dust material. Dust collection is essentially a shift from an air
emissions issue to a waste issue. Depending on its source, the separated dust can be
contaminated, e.g. dust originating from incineration might contain dioxins and/or metals and
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their oxides. This type of dust might be classified as hazardous waste that should be disposed of
accordingly. Bag filter material life is limited and creates another waste to dispose of.

Additional electricity is consumed (fans), up to double the amount needed when using an ESP.

Technical considerations relevant to applicability

Bag filters are applicable for solid-fuel-fired power plants (coal, lignite, pet coke, biomass, peat)
of all sizes and combustion techniques, with and without sorbent injection upstream of the filter.
They are also applicable for oil-, diesel-, oil residues- and Orimulsion-fired boilers provided that
a sorbent (e.g. Ca(OH),, NaHCOy) is injected upstream of the filter. The sorbent dilutes the
potentially sticky ash/soot from oil firing which might otherwise cause a high pressure drop
over the bags.

Bag filters may be less effective in applications with flue-gas temperatures over 240 °C.
Depending on the flow rate design parameters, they can reach significant volumes and require
considerable space.

Bag filters are well adapted for processes likely to deliver variable flue-gas flows and dust
concentrations. The high ratio type of filter (where the dust is collected on the outside of the
bag) is particularly suited to FBC boilers, as its ability to perform well for varying ash
compositions is suited to the inherent fuel flexibility of this type of boiler. The high ratio design
is also particularly suited to use with an ESP that does not meet new standards, and where an
extension of the ESP is difficult or not cost-effective. In these instances, the filter bags and
associated bag-cleaning devices can often be installed in the precipitator casing, keeping
investment to a minimum.

Bag filters are useful for collecting particulate matter with electrical resistivities either too low
or too high for ESPs.[ 181, CEFIC 2013 ][ 120, EEB 20131.

Economics
UK indicative capital costs (1999 prices) are GBP 10/kWe for bag filters. The operating costs
(1999 prices) are GBP 0.0011/kWe. [ 120, EEB 2013 ]

Although capital costs of bag filters are quite low, maintenance costs are high, as the filter
material has to be changed every two to five years. The minimum expense of the filter change is
approximately 10 % of the investment cost. Precipitated material is easy to recycle, and, for
example, unreacted sorbent can be returned to the process and has some economic value.

Driving force for implementation
Legislation is the main driving force. However, for those plants where the separated ash can be
sold, economics is also a driver. Another is the possibility to burn a wide range of fuels/wastes.

Example plants
More than 40 plants that submitted a questionnaire in 2012 for the review of this BREF are
fitted with a bag filter.

See each fuel section for further details.

Reference literature
No information provided.
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3.2.2.1.3 Centrifugal precipitation (cyclones)

Description
Dust control system based on centrifugal force, whereby particles are separated from the carrier
gas.

Technical description

This type of dust control system utilises centrifugal forces and can process all types of flue-
gases, in dry conditions.

A mechanical separator is composed of a set of cyclones (e.g. an array of 31 x 24 cyclones, each
with an individual diameter of about 240 mm, to treat 700 000 m%h of flue-gases at 130 °C)
assembled in one or several enclosures. The gases to be purified are shared between the
cyclones via a suitably designed chamber. The centrifuged dust agglomerates at the periphery of
the cyclones and is driven towards the bottom of the apparatus, where it falls into a hopper. In
each cyclone, the purified gas escapes towards the top via a central tube, is collected in an outlet
chamber and then flows out via the transport ducts.

Achieved environmental benefits
Reduction of dust emissions.

Environmental performance and operational data
Mechanical separators do not trap the fine dust. Thus, their efficiency is naturally limited to
between 30 % and 90 %.

With boilers which burn lump coal on mechanical grates, cyclone technology is still in use
because the quantity of fly ash is relatively small (20 % of coal ash compared with 80 % for
pulverised fuel firing). Capture for the size range 5-10 microns is at or near 100 %. Capture
does occur at smaller sizes, down to 1 micron, but at a reduced capture efficiency. Cyclone
blowdown technology assists cyclones to achieve a higher efficiency, particularly cyclones
serving LCPs where many small cyclone cells operate in parallel.

Cyclones perform more efficiently with higher pollutant loads, provided that the device does not
become choked. Higher pollutant loads are generally associated with higher flow designs.

The collection efficiency of cyclones varies as a function of particle size and cyclone design.

The collection efficiency decreases with:

o increasing gas viscosity;
. increasing gas density;
o increasing the duct area of the gas inlet duct area;

leakage of air into the dust outlet.

Table 3.7:  General performance of dust cleaning devices

- o
Technique Removal efficiency (%) Remarks
<1um|2um| 5 um I > 10 um
30-90 %. The smallest diameter of the Limited performance, S0 can _therefore
Cyclone dust trapped is 5-10 um only be used with other techniques for
PP H dust control
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Cross-media effects

Dust is emitted as a residue and has to be disposed of, if it cannot be reused or recycled. The
amount depends on the dust load of the flue-gas. Depending on its source, the separated dust can
be contaminated with toxic and/or hazardous substances.

The operation of cyclones is a source of significant noise.

Another cross-media effect is the requirement for waste water management in the case of use of
hydraulic ash handling systems.

Technical considerations relevant to applicability
The performance characteristics limit its use to small or medium-sized installations, and only as
a pre-collection technique when combined with other means for dust control.

Economics

Mechanical separators have the lowest investment cost of all the dust extraction equipment. As
this technique is not able to act alone as a fly ash control measure, the combined control
technique will also have to be considered when calculating the investment costs. Operating costs
include the energy necessary for the pneumatic or hydraulic removal of the collected ash and
electric power to compensate the flue-gas pressure loss of the equipment. Maintenance costs are
reputedly low given the sturdiness of all of the components. The lifetime can be limited due to
the high erosion risk. [ 123, Eurelectric 2001 ]

Driving force for implementation
No information provided.

Example plants
No information provided.

Reference literature
No information provided.

3.22.14 Wet scrubbers

Description
Wet scrubbers comprise a group of particulate control devices which utilise a liquid to collect
flue-gas particulate matter. The most common ones are venturi and moving-bed scrubbers.

Technical description

The venturi scrubber is probably the most common wet scrubber. In venturi scrubbers, the
scrubbing liquid is introduced uniformly at the top of the converging section of the venturi as
shown in Figure 3.16. The dust-laden flue-gas and the scrubbing liquid enter the venturi throat,
in which atomisation of the scrubbing liquid takes place due to the velocity of the flue-gas
alone.
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Figure 3.16: Typical flow diagram of a venturi system

Wetting of the flue-gas in this way leads to the collection of small particles into larger heavier
droplets, which are captured more easily in the separator. This overcomes the difficulties
experienced in removing fine particles by inertial methods. A high initial relative velocity
between the droplets and the particulates is required to ensure that the captured particles are
retained on the droplets when the droplets have accelerated to their terminal velocity. The
scrubbed gas and entrained droplets containing trapped particulates enter the diverging section
where further collision and agglomeration take place.

Moving-bed scrubbers for particulate collection are packed with low-density plastic spheres,
which are free to move within the packing retainers, as shown in Figure 3.17. Particulate
collection may be enhanced by using several moving-bed stages in series. Moving-bed
scrubbers commonly employ countercurrent flows. The packing is kept in constant motion by
the flue-gas and the scrubbing liquid. Hence, the continued motion of the packing considerably
reduces any tendency for the bed to plug.
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Figure 3.17: Moving-bed scrubber
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Achieved environmental benefits
Reduction of dust emissions.

Environmental performance and operational data

Many of these scrubbers are designed for combined particulate removal and control of sulphur
dioxide emissions, utilising the alkaline fly ash as sorbent. Lime is frequently added to boost
SO, removal efficiencies.

The pressure drop and venturi performance are largely dependent on the gas velocity through
the venturi. In order to accommodate efficient operation at reduced boiler loads, some venturis
are designed with variable throats, which can be operated close to a constant pressure drop,
independent of the flue-gas flow rate (boiler load). The venturi itself is followed by a separating
section for the elimination of entrained droplets.

The separation efficiency of moving-bed scrubbers is good when processing moderate dust
loads. However, this technique is not very suitable for high ash content fuels.

Table 3.8:  General performance of wet scrubbers

Removal efficiency (%6) Other performance parameters
[«5)
=]
g
£ <lpum | 2pm | Sum | >10 pm Parameter Value
8
Energy
consumption Upt0 3%
: (5-15 (KWh/1000 m?))
Wet electric
capacit
scrubber | gg5 | 995 | 99.9 | >99.9 it
(high- Liquid to 0.8-2.0 I/m®
energy gas ratio T
venturi) Pressure drop 30-200 (10° Pa)
Residue Fly ash sludge/slurry
Residue Fly ash sludge/slurry

Cross-media effects
Waste waters are produced for which further treatment and discharge may be required.

If the mist eliminators do not work properly, there is a possibility that small water particles,
including fly ash, may remain in the flue-gases even after the scrubbing. Large dust loads may
cause clogging and can affect the operational availability and effectiveness of the scrubber unit.

Technical considerations relevant to applicability

The use of wet scrubbers is not commonly applied for the control of particulate emissions.
However, wet scrubbers have been used in some high-temperature and -pressure combustion
applications, such as integrated gasification combined cycle (IGCC) and pressurised fluidised
bed combustion (PFBC). Here, the pressure drop experienced is less significant in relation to the
operating pressure, and in IGCC the problem of reheating is overcome as the gas is
subsequently heated by combustion.

Economics

Investment costs include the reactor, a possible sorbent injection system, and a waste water
treatment plant. Operating costs are mainly related to water consumption and energy costs.
Condensing scrubbers cool the flue-gases, and the absorbed heat can be used, for example, for
district heating. This improves the economics of the technique.
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The capital cost of wet scrubbers is generally lower than for ESPs and bag filters, which make
them potentially attractive for industrial-scale use. However, this may be offset by a relatively
high pressure drop and operating costs and also other additional costs that may be linked to the
possible need for a water treatment plant, bigger fan and flue-gas bypass if the plant cannot be
stopped in case of a problem with the cooling system. The flue-gas is cooled during wet
scrubbing and requires reheating prior to emission to the atmosphere; this incurs higher energy
costs.

The majority of wet scrubbers for collecting fly ash from coal-fired boilers (industrial or utility)
are installed in the US. The greatest concentration of these units is in the western US, where fly
ash from the available low-sulphur coal is so highly resistive that ESPs are less economically
attractive.

Driving force for implementation
No information provided.

Example plants
No information provided.

Reference literature
No information provided.

3.2.2.2 Techniques to prevent and/or reduce SOx emissions
3.22.21 Wet lime/limestone scrubbers
Description

Scrubbing technique where sulphur is removed from flue-gases through injection of a slurry of
lime/limestone sorbent (liquid solution) into the scrubbing suspension to capture SO, and
transform it into gypsum. In the wet scrubbing process, gaseous compounds are dissolved in a
suitable liquid (water or alkaline solution). Simultaneous removal of solid and gaseous
compounds may be achieved. Downstream of the wet scrubber, the flue-gases are saturated with
water and separation of the droplets is required before discharging the flue-gases. The resulting
liquid has to be treated by a waste water process and the insoluble matter is collected by
sedimentation or filtration.

Technical description

Figure 3.18 shows a typical flow diagram of a type of wet lime/limestone FGD system.
Limestone is commonly used as a reagent because it is present in large amounts in many
countries and is usually much cheaper than other reagents. Lime was commonly used as a
reagent in earlier plants because of its better reactivity with SO,. However, lime has been
replaced by limestone to reduce the risk of lime calcination, which is energy-intensive, costly,
and time-consuming to repair. Nevertheless, in some cases, lime has to be used instead of
limestone due to the whiteness requirements of the FGD gypsum users. In any case, FGD using
limestone can achieve almost the same SO, removal as lime. The reactivity of limestone has an
important influence on the efficiency of a FGD system; however, at present there is no standard
or normalised method to test reactivities. Other reagents, such as magnesium-enhanced lime, are
also used.
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Figure 3.18: Schematic flow diagram of a lime/limestone wet scrubber FGD process

The flue-gas leaving the particulate control system usually passes through a heat exchanger and
enters the FGD absorber, in which SO, is removed by direct contact with an aqueous suspension
of finely ground limestone, where the CaCO; content of the limestone should be more than
95 % CaCOs. Fresh limestone slurry is continuously charged into the absorber. The scrubbed
flue-gas passes through the mist eliminator and is emitted to the atmosphere from a stack or a
cooling tower. Reaction products are withdrawn from the absorber and sent for dewatering and
further processing.

Wet limestone scrubbers are generally divided into two categories according to the type of
oxidation: forced oxidation and natural oxidation. The mode of oxidation is determined by the
chemical reactions, the pH of the reagent slurry and the resulting by-product. In forced
oxidation mode with a pH range of 5 to 6, which is common in wet limestone scrubbers, the
chemical reactions are as follows:

SO, + H,0 — H,S0; 1)
CaCO; + H,S0; — CaSO; + CO;, + H,0 )
CaS0; + %0, + 2H,0 — CaSO, * 2H,0 3)
CaCO; + SO, + %0 , + 2H,0 — CaS0, + 2H,0 + CO,  (4)
CaS0; + ¥%H,0 — CaSO; * H,0 (5)

Reactions (1) and (2) are common to all wet FGD systems. Reaction (3) shows the forced
oxidation of calcium sulphite by air and the formation (crystallisation) of calcium sulphate
dihydrate or gypsum in the oxidation mode. In forced oxidation mode, air is introduced into the
bottom of the absorber to oxidise calcium sulphite to calcium sulphate, achieving over 99 %
oxidation.
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In natural oxidation mode, calcium sulphite is partly oxidised by the oxygen contained in the
flue-gas. The main product is calcium sulphite hemihydrate (5). The produced mixture of
calcium sulphite hemihydrate and gypsum is in a sludge form.

At the lower pH range of 4.5 to 5.5, the chemical reaction is different. After SO, absorption (1),
the primary product of the neutralisation by limestone is not calcium sulphite, but calcium
bisulphite Ca(HSOs3).:

CaC03 + 2H2803 — Ca(HSO3)2 + COZ + Hgo (6)
Ca(HSO3)2 + 1/202 + H,0 — CaSO, + 2H20 + SOZ (7)

Calcium bisulphite is much more soluble than calcium sulphite. Hence, operation in the lower
pH range has less risk of scaling and plugging. Calcium bisulphite is oxidised and crystallised to
form gypsum or calcium sulphate dihydrate (7).

Table 3.9 shows a comparison between the forced oxidation and natural oxidation modes in the
wet limestone scrubber. In forced oxidation, dewatering is easy because the gypsum crystals are
relatively large. The primary dewatering is usually accomplished by hydrocyclones, followed by
secondary dewatering in filters or centrifuges. The final product, containing about 90 % solids,
is easy to handle and is either sold mainly as gypsum for plaster, cement and wallboard, thereby
replacing natural gypsum, utilised to fill mines, or landfilled. Selling the gypsum may contribute
to an overall reduction of the total operating costs. Saleable gypsum, however, requires washing
during the secondary dewatering step to remove soluble salts such as chlorides.

Table 3.9: Comparison between forced and natural oxidation

Size of by- | )0 of by- Region
Mode By-product product y Dewatering | Reliability g
product used
crystal
Easy: Europe
Forced Gypsum 90 %; Wallboard, hydro- 0
oxidation water 10 % 0-100 pm cement, etc. | cyclone plus > 9% and
. Japan
filter
Calcium Not easv: 95-99 %
Natural sulphate/sulphite 1-5 um No use thickean. due to us
oxidation 50-60 %; M (landfill) lus filter scaling
water 40-50 % P problems

The by-product from the natural oxidation mode is a mixture which is difficult to dewater. This
mixture is calcium sulphite hemihydrate and calcium sulphate dihydrate. Primary dewatering
therefore requires a thickener. Secondary dewatering is undertaken with filters or centrifuges.
The final by-product remains 40-50 % water. In many cases it is ponded or landfilled but needs
blending first with fly ash and lime because of its thixotropic nature. The natural oxidation
process was applied mainly in the US but is no longer common for new plants. Its reliability has
been improved but still remains only about 95-99 % due to gypsum scaling problems. There is a
tendency to convert from natural oxidation to forced oxidation because the resulting gypsum is
preferable to the sludge obtained with natural oxidation, even for landfilling purposes.

The configuration of wet limestone scrubbers can generally be classified into four types (a, b, ¢
and d) as shown in Figure 3.19. Types (c) and (d) are shown here in forced oxidation mode, but
could be changed to natural oxidation by eliminating air entry in the oxidation vessel; in this
case the residue would not be gypsum but sludge.
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Figure 3.19: Different types of lime/limestone wet scrubbers
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Type (a) and type (b) use an additional oxidation vessel and are not presented and discussed
here, because oxidation vessels have only been used in research.

Type (c) does not have a separate oxidation vessel. Here, the oxidation air is purged into the
bottom of the absorber to form gypsum. This oxidation method is usually called in situ
oxidation and is now the most common method. When oxidation occurs in an oxidation vessel,
such as with types (a) and (b), the process is called ex situ oxidation. Although the pre-scrubber
is primarily used to remove HCI and HF, a low-pH pre-scrubber also removes more mercury, as
well as any fine particulates which may be carrying other trace elements. In Japan, many of the
new, large FGD plants have adopted type (c) because of the high-quality gypsum that results
and its high operational reliability, avoiding possible problems which may occur without the
pre-scrubber.

Eliminating the oxidation vessel or conversion from ex situ to in situ oxidation is a major
development in FGD technology. In situ oxidation has many advantages over ex situ oxidation:

o First of all, in situ oxidation prevents scaling and plugging problems through complete
oxidation of the product in the absorber, resulting in a higher operational reliability.
Partial oxidation of the product, due to the oxygen in the flue-gas, causes gypsum scaling
in the absorber.

o Secondly, in situ oxidation achieves a higher SO, removal efficiency than ex situ
oxidation.

o Thirdly, it is important to note that in situ oxidation promotes SO, removal efficiency
even at low pH values because the H,SO,, which is produced by oxidation of H,SO;
through air injection, rapidly reacts with limestone. In addition, the utilisation of
limestone is higher than in ex situ oxidation because of the higher solubility of limestone
at low pH values. The Ca/S molar ratio ranges from 1.02 to 1.1.

A further advantage of in situ oxidation is that it is possible to reduce the formation of S,0s.
This is a by-product of the side reaction of SO, oxidation and is one of the chemical oxygen
demand (COD) substances. Decreasing the COD to as low as one fifth to one tenth in the waste
water can reduce the requirement for waste water treatment. There is also no need to add H,SO,
for oxidation, unlike with types (a) and (b). The emergence of in situ forced oxidation has made
the wet limestone scrubber more attractive.

Type (d) is the simplest configuration in wet limestone scrubbers and has now become the
leading FGD system. All chemical reactions are operated in an integrated single absorber. This
can reduce the capital costs and the power consumption. Type (d) has achieved a high
operational reliability and has produced a reasonable quality of gypsum since the late 1980s. An
integrated single tower also requires less space, facilitating the retrofit to existing boilers. In
Germany, the most recent FGD installations are type (d). In the US, type (d) is also popular due
to its lower costs and high efficiency.

The design of the absorber is crucial in wet FGD systems. Figure 3.20 shows examples of
different types of absorbers where all FGD chemical reactions occur together.
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Figure 3.20: Different absorber types

Type 1 is the spray tower absorber and is the most commonly used in wet FGD systems
throughout the world. The spray tower normally has three to four spray heads with a number of
spray nozzles through which an aqueous suspension of gypsum slurry containing finely ground
limestone is atomised and sprayed with uniform distribution. The flue-gas introduced into the
absorber is in close contact with freely moving droplets, usually in a countercurrent
configuration with no devices restricting the gas flow. Liquid mists carried over are captured by
mist eliminators. This design was developed to cope with the scaling problems of the first
generation of FGD systems equipped with internally structured absorbers.

Type 2 is the packed tower absorber using plastic grid packing, originally developed in Japan.
The packed tower lengthens the residence time for gas-liquid contact, resulting in higher SO,
removal efficiencies. The packed tower is now operated without scaling problems, due to an
improved understanding of FGD processes. Moreover, the important feature of the high-velocity
co-current gas flow configuration is the compact design for the large-scale absorber.

Type 3 is known as the turbulent bubble bed or jet bubbling reactor. The flue-gas is injected
into slurry through numerous submerged pipes while limestone slurry is fed into the turbulent
bubble bed reactor and air for oxidation is blown into the slurry. The absorber type is a good
example of a simplified FGD process. It eliminates the need for recycle pumps, spray nozzles
and headers, separate oxidation tanks and thickeners, thereby minimising difficulties as well as
power consumption.
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Type 4 uses a double-loop concept originally pioneered in the US. This absorber is in two
loops described as a quencher and an absorber, each having different pH values with each
function. A number of plants using this type of absorber have been installed in Canada,
Germany and the US.

Other systems combining these absorber types have also been implemented from the mid-2000s,
like the wet FGD system shown in Figure 3.21 combining absorber types 1 and 2 in a co-current
and countercurrent system.

Flue gas inlet

Flue gas outlet

Co—current
DCFS

Counter—current

Spray nozzle, DCFS

slurry piping

Recirculation
pump

NB: DCFS: Double-contact flow scrubber.
Source: [ 182, Mitsubishi 2011 ]

Figure 3.21: Example of a co-current and counter-current wet FGD system

Wet limestone FGD systems naturally suffer from an aggressive operating environment, leading
to corrosion, erosion and abrasion. The flue-gas path from the inlet of the absorber to the stack
discharge must be protected, for instance using rubber or flake linings, against acid attack
caused by the adiabatic cooling and saturation of the gas. The components of particular concern
are the inlet duct, absorber, outlet duct reheat systems and the stack liners. All slurry-handling
parts are subject to both corrosive and abrasive attacks. These include spray zones, tanks,
agitators, pumps, pipes, valves and all dewatering equipment.

The flue-gas temperature is reduced to about 45-80 °C by passing it through the wet FGD units.
To improve the dispersion of the clean flue-gas from the stack and to reduce the frequency of
occurrence of a visible plume, regulations require a minimum flue-gas temperature at the stack
outlet. To meet this requirement the flue-gas needs to be reheated. The regenerative gas-gas heat
exchanger (reheater) is most commonly used to reheat the flue-gas. Some new regulations no
longer require a minimum temperature at the stack. Furthermore, discharging the clean flue-gas
via a wet stack requires less electrical power, although there is a visible plume effect.

Dispersion models have shown that the stack height is much more important for flue-gas
dispersion than the discharge gas buoyancy, to ensure a low impact on air quality near the site,
without reheating of the flue-gas. The discharge gas' buoyancy (and hence dispersion) can be
increased if necessary by reheating the flue-gas, but dispersion can also be improved by having
a higher stack exit velocity.
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The application of a wet FGD system requires considerable space. In existing plants, where
FGD was not originally included as part of the process, there may be a lack of available space
and extra ductwork may be needed, resulting in much higher investment costs.

When implementing this process in an existing installation, a new stack may also need to be
built, because the exhaust gases from the FGD are much more corrosive (the dew point is
reached in the scrubber) than those from installations without FGD treatment, and the existing
stack may not be designed or suitable for this purpose. These new stacks can take advantage of
modern flue linings that both reduce acid condensate and improve dispersion by heating up
quickly during start-up. This is becoming increasingly important as developments in the
electricity market result in more plants being operated intermittently to adapt to the demand.

Wet scrubber processes have undergone considerable development in the last few decades,
leading to improved reliability and removal efficiencies, as well as reduced costs. Reliability is
normally over 99 % with forced oxidation, and 95-99 % with natural oxidation. The
applicability may be influenced by both scrubber components and auxiliary processes connected
to the absorber process.

A process involving hydroxide and sulphide precipitation, clarification and slurry dewatering
has been found to be a good measure for the waste water treatment after the FGD plant to
remove metals and suspended solids.

Achieved environmental benefits
Reduced SOy, HCI, HF, dust and particle-bound metal emissions to air.
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Environmental performance and operational data

Table 3.10: Performance of the wet lime/limestone scrubber technique for reducing sulphur oxide

emissions
Technique Gener_al SO, Other performance parameters
reduction rate Parameter Value
Operating temperature 45-60°C
Sorbent Limestone, lime, chalk
Energy con_sumptlon_as % of 1-3%
electrical capacity
Pressure drop 2030 (10° Pa)
(without gas-gas heater)
Ca/S molar ratio 1.02-1.1
Reliability 95-99 % (of operating time)
Residue/by-product Gypsum
Wet lime/ 92 % to > 99 % Gypsum purity 90-95 %
limestone (depending on the __Residence time _ <5-10s
scrubber absorber type) Lifetime of rubber lining > 10 years (coal)
SO, aerosol removal rate 50 %
HCI removal rate 90-99 %
HF removal rate 90-99 % in the absorber
> 50 % (e.g. in the case of coal
Particulate combustion; for other fuels, it
depends on the particle size)
220-250 I/MWh,¢
R . In a diesel power plant without
aw water consumption h
eat recovery, about
1.1 m*’MWh,
NB:

The SO2 reduction rate for some existing FGD units starts at 85 %.

Of the total installed FGD capacity, 80 % are wet scrubbers, of which 72 % use limestone as the reagent, 16 % use
lime and 12 % use other reagents.

The selection of limestone (high calcium carbonate content; low Al, F and Cl content) is important to ensure a
good SO2 removal rate.

The distance the limestone has to travel to the plant and the reactivity of the limestone are also two important
factors to take into account.

Sometimes organic buffers are used to maintain the pH value of the scrubbing solution, thus enhancing the SO2
removal or limiting the lime/limestone needed for the reaction.

The operating temperature may be as high as 75 °C when using lignite with a low calorific value and high moisture
content.

Gypsum may be a saleable by-product.

The removal efficiency is a function of the downward liquid flow rate compared with the
upward flue-gas flow rate (the so-called liquid to gas ratio and the resulting contact time and
volume within the absorber. It depends also to some extent on the type of packing used, the
temperature of the water and the addition of chemicals. Limiting factors for removal efficiency
include the vessel size and pathways, pump capacities, pipework sizes and configurations and
sump size.

Within these limitations, in principle a number of options exist to improve the performance of
the FGD system. They generally fall into two categories, those that improve the contact of the
flue-gas with the liquor within the absorber tower, and those that improve the chemistry of the
process itself. Examples of the former include: wall rings, interspatial spray level, improved
header and nozzle, and tray.

An example of the latter is chemical dosing, such as the use of organic acids, to modify or
optimise the pH. Adding an organic acid (or organic buffer), such as adipic acid, to a limestone
FGD system increases the capacity of the slurry liquid to absorb SO, by buffering the pH in the
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absorber. The operating pH, optimally 5.0-5.1, permitted for an adipic-acid-enhanced system is
lower compared to the 5.1-5.5 pH usually required for an unenhanced limestone system. By this
means, the SO, removal efficiency can be improved and/or the desulphurisation costs may be
lowered, mainly by saving limestone and reducing the energy demand to run recirculation
pumps.[ 14, MOBLEY etal. 1986 ] [ 15, WANG and BURBANK 1982 ]

The use of organic acids, such as adipic acid, in existing installations equipped with wet FGD
designed for an outlet SO, concentration of ~400 mg/Nm?® has been shown in some plants to
improve the FGD performance but there are associated side effects such as increased BOD
(biochemical oxygen demand) in the waste waters, requiring additional treatment equipment. [
121, Eurelectric 2012 ]

One option that falls between these groups is the omission of the gas-gas heater. This may
improve performance by reducing the risk of a small percentage of flue-gas passing from the
raw flue-gas side of the heater to the clean flue-gas side without being treated.

The performance achievable by these measures is highly site-specific and a range is outlined in
Table 3.11.

Table 3.11: Potential performance improvement options

Performance
Measure .

improvement
Wall rings 3-5%
Interspatial spray level 3-5%
Improved header and 350
nozzle
Chemical additives 1-6%
Tray 2-715%
Source: [ 183, UK-TWG 2011 ]

The performance of these measures will, to some extent, be subject to a diminishing return, or to
put it another way, the better performing the base unit, the less scope there is to improve its
performance, and so improvements may be even lower than the bottom end of the range cited.
Additionally where the gas-liquid contact is already good, little, if any, performance change
would be seen by adding an extra gas-liquid contact measure. This also holds for chemistry
improvements where the chemistry is already good.

Concerning the desulphurisation of flue-gases from liquid-fuel-fired engines, a larger diesel
engine, for example, has an oxygen content of about 13-15 vol-% in the flue-gas (air factor 2.7—
3.5). A boiler plant typically has 3-6 vol-% O, (air factor 1.2-1.4), depending on the fuel used.
A higher oxygen content means a larger exhaust gas flow and the need for a larger FGD reactor
system, which leads to a higher investment cost per kW, than mentioned above.

Cross-media effects

o Waste water generation with potential BOD increase in waste waters if using organic
acids.

o High water consumption.
o Reduction of the combustion plant's energy efficiency.

. When flue-gas reheating is required prior to the wet FGD system, the energy loss is large
compared to dry FGD systems and combined SO,/NOyx removal systems, which do not
generally require flue-gas reheating.

. A problem associated with the use of rotating gas-gas heat exchangers operating at about
150 °C is the inherent internal flue-gas leakage, with 1-3 % of the raw flue-gas going
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directly to the stack without a reduction of the SO, content. Therefore, in order to achieve
the prescribed stack SOy emission level, the equipment needs to be designed for more
efficient SOy removal, which may influence the reagent consumption and required
quality. Solutions are the use of a leakage reduction system, enabling a decrease of the
leakage down to 0.5 %; or the replacement of the gas-gas heater downstream of the wet
FGD system by a multi-pipe heat extractor, e.g. when the heat exchanger needs to be
changed or replaced; or removal and discharge of the flue-gas via a cooling tower or a
wet stack.

Technical considerations relevant to applicability

Retrofitting to existing plants may be difficult because of the space requirements for scrubbers
and ancillary equipment because of their size and/or complex modifications to existing flue-gas
piping systems.

Existing plants that have already applied a wet FGD system can reduce the SO, emissions by
optimising the flow pattern in the absorber vessel.

Economics

The capital costs are relatively high for a wet limestone scrubber, but the operating costs are
moderate due to the advanced automation, the reliability, and the saleable by-product. The
capital costs can vary widely. They depend on the site specifications and technical and
economic conditions, such as plant size, SO, inlet and outlet concentrations, the redundancy
strategy, annual operating hours, operating years, management of gypsum or residues, raw water
cost and quality, interest rates, number of units on site, FGD market situation, etc.

The capital cost for the wet lime/limestone scrubber process is mainly influenced by the flue-gas
flow rate and other site-specific factors such as plant layout, available space and necessary
modifications to existing plants. In some cases these factors might be expected to increase the
costs by some 50 %. FGD retrofit installations are much more expensive than greenfield
installations. The capital costs for a wet limestone scrubbing process fitted to a boiler varies
from EUR 35-50 per kW, for a new plant to EUR 60-300 per kW, in the case of retrofits.
Operation and maintenance costs are between EUR 0.4 and EUR 0.7 per MWh (energy input).
The typical SO, removal costs are between EUR 750 and EUR 1150 per tonne of SO, removed,
which corresponds to an impact of EUR 3-6 per MWh on the cost of electricity production.
[3,LCP TWG 2012]

Regarding the upgrade of existing wet FGD systems, a study performed for the UK EPA
identified a case where the extra cost for reducing SO, from 800 mg/Nm® to 400 mg/Nm?® in a
500 MW unit was about GBP 7.5 million. This required an extra slurry pump, an extra spray
level and an increase in the height of the absorber. Extra limestone was required which
necessitated larger limestone milling equipment and increases in size throughout the limestone-
handling system. Similarly there was an increase in equipment size for gypsum handling. The
study concluded that a reasonable estimate for the increase in capital costs for going from
200 mg/Nm® to 100 mg/Nm?® would be GBP 5 million. [ 183, UK-TWG 2011 ]

Driving force for implementation
Reduction of SOy, HCI, HF, dust and particle-bound metal emissions.

Example plants
See sections on coal, lignite, biomass, peat and oil combustion.

Reference literature
No information provided.
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3.2.2.2.2 Seawater scrubber

Description
A specific non-regenerative type of scrubbing using seawater, due to its alkalinity, as a solvent
in locations where a large volume of seawater is available.

Technical description

Seawater scrubbing utilises seawater’s inherent properties to absorb and neutralise sulphur
dioxide in flue-gases. If a large volume of seawater is available near a combustion plant, it is
likely to be used as a cooling medium in the condensers. Downstream of the condensers the
seawater can be reused for FGD. The basic principles of the seawater scrubbing process can be
seen in Figure 3.22.

Flue-gas to FGD Clean gas to stack

Gas/gas heater
(optional)

Condenser of
power plant Seawater to
absorber

I E I i Absorber discharge

o Oxidation air Seawater to after-reaction basin

Seawater of
power plant

NN FGD discharge
LD AT N,

Absorber After-reaction basin

Source: [ 169, TWG 2006 LCP BREF 2003 ]

Figure 3.22: Seawater scrubbing process

The flue-gas from the combustion plant leaves the dust collector, normally a bag filter or an
electrostatic precipitator, and is then fed to the SO, absorber, where it comes into contact with a
controlled proportion of the seawater, taken from the cooling water outflow of the steam turbine
condenser. Due to the presence of bicarbonate and carbonates in the seawater, the sulphur
dioxide of the flue-gas is absorbed. The acidified absorber effluent is mixed with additional
seawater to ensure that the pH is at the optimal level for the oxidation process. The introduced
air forces the oxidation of the absorbed sulphur dioxide from bisulphite to bisulphate and
removes dissolved CO,. The water will be nearly saturated with oxygen and the pH value will
be restored to neutral before the seawater is discharged back to the sea. The seawater process
does not involve any import or export of reagents or solid by-products. It only uses seawater
that has already been used in the power or heat generation process as cooling water for the
steam turbine condenser.

The process is based on the following chemical reaction:

S0, + 2HCO;- + %0, -->S0,* + 2CO, + H,0

Systems incorporate dampers (commonly referred to as modulators), which allow variable
amounts of flue-gas to bypass the FGD units. This is useful as a safety measure and in some
designs offers a way of increasing flue-gas emission temperatures to improve dispersion (see
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below). Their use can also prevent low-pH water discharges, should other potential actions, such
as use of additional energy-intensive aeration blowers, be considered inadequate or not rapid
enough.

Flue-gas reheating is incorporated into all systems to improve the flue-gas dispersion of a
discharge that would otherwise be close to seawater temperature. This is carried out by either a
gas-gas reheater or by an untreated gas and hot bypass gas mixer. The seawater process removes
moisture from the flue-gas to a dew point close to seawater temperature, generally lower than
local atmospheric temperatures, such that a stack plume is not generally visible.

In some estuarine locations, an influx of fresh or brackish water, for example after long periods
of precipitation, can affect seawater's alkalinity and therefore its ability to remove SO,. At low
tide in estuarine locations, there may be recirculation between the cooling water outfall and
intake. This can in turn affect the efficiency of SO, removal and the acidity of the discharged
cooling water, requiring the partial bypassing of one or more of the FGD absorbers using the
modulators mentioned above. [ 184, UK 2013 ]

Achieved environmental benefits
. SOx emissions reduction.

o Simple process which does not require slurry handling and does not generate by-products.

. Reduction of metal emissions to air.

Environmental performance and operational data

Table 3.12: Performance of the seawater scrubber technique for reducing sulphur oxide emissions

. General SO, Other performance parameters
Technique :
reduction rate Parameter Value
o s
Operating temperature 145 °C (example ofoflue gas inlet)
(example) 30-40°C
(= seawater outlet temperature)
Sorbent Seawater, air
Residence time of seawater in 15 min (example, residence time
aerator depends on type of process)
Max. flue-gas flow per absorber No limitation in gas flow
s Reliability 98-99 %
eawat_er 85-98 % Residue/by-product None
scrubbing

Energy consumption as % of

> . 0.8-1.6 %
electric capacity
HCI removal rate 95-99 %
HF removal rate 95-99 % (in the absorber)
Discharged directly back to the
Waste water sea (sulphate ions dissolved in
seawater)
Pressure drop 10-20 (102 Pa)

NB: Unlike the limestone gypsum system that turns spray levels on and off to match performance to coal sulphur,
the seawater absorber only employs a controlled bypass that improves the reheat and reduces cross-media effects to
seawater when firing lower sulphur coals.

Cross-media effects

Local conditions such as seawater conditions, tidal flows, the marine (aquatic) environment
close to the scrubber water outlet, etc. need to be carefully examined in order to avoid any
negative environmental or ecological effects.
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Effects may arise from the reduction of the pH level in the general vicinity of the combustion
plant, as well as from the input of remaining metals, in particular Hg, and fly ash. This is
especially relevant for plants situated in an estuary. Injection of activated carbon in the flue-gas
stream together with the use of a bag filter, upstream of the seawater FGD, enables the reduction
of mercury emissions to water. The discharge to water will contain sulphate and chlorine ions,
which are natural constituents of seawater. [ 184, UK 2013 ] [ 120, EEB 2013 ]

Another cross-media effect is the reduction of the combustion plant's energy efficiency.

Technical considerations relevant to applicability
° Seawater must be available and already used as cooling water.

° The applicability of seawater scrubbing is very high, as the process is simple and does not
require slurry handling. However, it is applicable only for low-sulphur fuel.

. Because particulates (possibly including their metals content) are transferred to the
seawater, an efficient particulate abatement technique is necessary prior to the seawater
scrubbing.

° Retrofitting to existing plants can be difficult because of the plot space requirement for
scrubbers and ancillary equipment because of their size and/or complex modifications to
existing flue-gas piping systems.

Economics
The capital and operating costs are low (no bulk chemicals required, although sometimes
magnesium hydroxide is used to enhance the alkalinity).

For a 300-500 MW, plant fitting a seawater FGD system to achieve a 90 % reduction in SO,, an
indicative capital cost of GBP 110/kW,,, and operating costs of GBP 0.0011/kW, (1999 prices)
are given. [ 120, EEB 2013 ]

Driving force for implementation
Reduction of SOy, HCI, HF, dust and particle-bound metal emissions.

Example plants
Aberthaw Power Station in Wales in the UK (Plant 493).
Kilroot Power Station in Northern Ireland in the UK.

Reference literature
No information provided.

3.2.2.23 Magnesium wet scrubber

Description
Scrubbing technique using seawater as a solvent and using magnesium hydroxide to enhance
alkalinity.

Technical description

The reagent in magnesium scrubbing is magnesium hydroxide, which is produced by adding
slaked lime to seawater in order to enhance alkalinity. It produces waste sulphate liquor. The
magnesium sulphate can be discharged into the sea because magnesium sulphate is a constituent
of seawater.

Achieved environmental benefits
Reduced SOx emissions to air.

166 Large Combustion Plants



Chapter 3

Environmental performance and operational data
No information provided.

Cross-media effects

Local conditions such as seawater conditions, tidal flows, the marine (aquatic) environment
close to the scrubber water outlet, etc. need to be carefully examined in order to avoid any
negative environmental or ecological effects.

Effects may arise from the reduction of the pH level in the general vicinity of the power plant,
as well as from the input of remaining metals, in particular Hg, and fly ash. This is especially
relevant for plants situated in an estuary.

A further cross-media effect is the reduction of the combustion plant's energy efficiency.

Technical considerations relevant to applicability
This process is suitable only for plants located near the coast.

The magnesium wet scrubber has mainly been applied to smaller plants, i.e. less than 50 MW,
and is therefore not described further in this document.

Economics
The capital costs are low, but the operational costs are high.

Driving force for implementation
Reduction of SOy, HCI, HF, dust and particle-bound metal emissions.

Example plants
A number of units with this process have been constructed, mainly for industrial coal-fired
boilers.

Reference literature
No information provided.

3.22.24 Ammonia wet scrubber

Description
Scrubbing technique where sulphur is removed from flue-gases through injection of ammonia
sorbent for capturing SO, and transforming it into ammonium sulphate.

Technical description
In the ammonia wet scrubber, as shown in Figure 3.23, SO, is absorbed by agueous ammonia,
resulting in ammonium sulphate as the by-product, which is used as fertiliser.
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Figure 3.23: The ammonia wet scrubber

Achieved environmental benefits
Reduced SOx emissions to air.

Environmental performance and operational data

The technique has been operating reliably following improvements and the resolution of some
initial problems with the generation of aerosols, i.e. ammonia salt particles with a diameter of up
to 1 pm. The process can achieve emission levels of less than 200 mg/Nm?.

Cross-media effects
The process does not generate solid by-products or liquid waste. If particulates with possible
metals content are present in the flue-gas they appear together with the product.

Another cross-media effect is the reduction of the combustion plant's energy efficiency.

Technical considerations relevant to applicability
No information provided.

Economics
No information provided.

Driving force for implementation

Besides the emissions reduction performance, the driving forces to apply the ammonia wet
scrubber are: the requirement for a saleable by-product; the requirement that no waste water
results (when local conditions do not allow discharge of waste water into the public
watercourse) or other materials that would require waste disposal; very limited space
availability; and economic constraints.
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Example plants
The process has been operated in a coal-fired, wet-bottom boiler with a 191 MW, firing capacity
in Germany.

Reference literature
No information provided.

3.2.2.25 Lye wet scrubber

Description
Scrubbing technique where sulphur is removed from flue-gases through injection of a NaOH
sorbent for capturing SOx.

Technical description

Some wet scrubbers use a NaOH (about 50 wt-%) water solution (lye) as the reagent. The
flue-gas is washed with the reagent water solution and the SOy is removed. The main
components of the system are the reagent storage tank and transportation system, a scrubber
with recirculation pumps, and an oxidation tank.

Some of the technical drawbacks of a wet scrubber using a NaOH water solution as the reagent
are:

o moderate reduction of flue-gas particles;
o low exhaust gas temperature (detrimental for flue-gas dispersion);
o high water consumption;

o high discharge water flow (‘by-product’).

All DeSOx methods need a large amount of make-up water and produce a large amount of end
(by-)product, which has to be disposed of in an environmentally sound way. The disposal
options for the by-product depend on local and national standards and on the existing
infrastructure. Therefore, these are decided on a case-by-case basis.

Achieved environmental benefits
Reduced SOx emissions to air.

Environmental performance and operational data
No information provided.

Cross-media effects
o High water consumption.

o High discharge water flow (‘by-product’).

o Reduction of the combustion plant's energy efficiency.

Technical considerations relevant to applicability
No information provided.

Economics

o Lower investment costs compared to other DeSOyx methods (residue treatment costs are
not considered, and neither is reheating (depends on the applicable legislation)).

o Expensive reagent.
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° In larger power plants, other DeSOyx methods are often more competitive than NaOH
DeSOy, due to lower operating costs (cheaper reagent, etc.).

Driving force for implementation
The driving forces are the lye wet scrubber's simplicity, reliability (no clogging risk) and good
SOy removal efficiency.

Example plants
No information provided.

Reference literature
No information provided.

3.2.2.2.6 Spray dry scrubber/absorber

Description

A suspension/solution of alkaline reagent is introduced and dispersed in the flue-gas stream. The
material reacts with the gaseous sulphur species to form a solid powder, which has to be
removed by filtration (bag filter or ESP).

Technical description

The spray dry scrubber process belongs to a group of semi-dry processes because it uses lime
slurry (mixture of lime and water), similar to the wet scrubber processes, and the residue is dry
powder, similar to the dry processes. Lime slurry is usually used to remove SOy from the flue-
gas in this type of FGD scrubbing technique. The process consists mainly of a spray dry
absorber; dust control, such as an ESP or a bag filter; and recycling disposal devices for the
reaction products. Several spray dry scrubber processes are currently commercially operated.
These processes are similar to each other in terms of the process configuration, constituents, and
the sorbent used, but one difference is the lime slurry dispersion system used in the spray dry
absorber (SDA).

Some installations use a dust control device before the spray dry scrubber for separate collection
of the fly ash.

( P_L Head tank

7777777777777777777777 Rotary atomizer
Inlet | | Stack
nie ! Dust collector ! Dust collector
flue gas | !
—_— - —
Spray dryer To end
absorber product
L silo
Flyash | | S———— '
| OPTIONAL FLY ASH Water B d Water R | i
! PRE-COLLECTION ! ) >urne 1 ecycle |
fffffffffffffffffffffff ‘_ lime r product |
Lime slurry Recycle slurry

OPTIONAL PRODUCT RECYCLE

Source: [ 88, Denmark 2013 ]

Figure 3.24: Flowsheet of a spray dry scrubber process
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The sorbent for the SOy absorption is typically calcium hydroxide (Ca(OH),). The calcium
hydroxide can be made from burnt lime (CaO) on site in the slaking process or bought as a
powder to be mixed with water to produce the lime slurry, which is also called lime milk. Lime
slurry is sprayed as a cloud of fine droplets in the spray dry absorber, where SOy is also
removed from the flue-gas. Water is evaporated by the heat of the flue-gas, usually with a
sufficient residence time (about 10 seconds) for the SO, and other acid gases such as SO; and
HCI to react simultaneously with hydrated lime to form calcium sulphite/sulphate and calcium
chloride. Waste water treatment is not required in these processes because all the water is
completely evaporated in the spray dry absorber. The spray dry scrubber may even be used to
eliminate the waste water stream from wet scrubbers and can thus be seen as an excellent zero
liquid discharge (ZLD) technique.

The process chemistry associated with SO, removal from the flue-gas is a simple acid/base
absorption reaction between SO, and hydrated lime as follows:

Ca(OH)Z + SO, — CaS0O; + H,0
CaS0; +120, + 1.H,0 — CaSO, - ¥2H,0

The absorption chemistry is strongly affected by factors such as flue-gas temperature, gas
humidity, SO, concentration in the flue-gas and atomised slurry droplet size. The by-product is
a dry mixture of calcium sulphite, calcium sulphate, fly ash and unreacted lime, which is
collected by either the ESP or the bag filter. As this residue contains some unreacted lime, part
of it is generally recycled and mixed with fresh lime slurry to enhance lime utilisation. If bag
filters are used to remove the solids after scrubbing, the flue-gas normally requires cooling,
either by heat exchanger or cooling air, to keep the temperature below 250 °C (except with
fabrics suitable for higher temperatures, such as ceramics or metal gauze/mesh).

The use of a pre-collector, which removes most of the fly ash before it enters the absorber, is a
common design feature of most European spray dry scrubber plants. It is installed between the
air heater and the absorber. The installation of a pre-collector has some advantages that can help
to balance its initial capital and operating costs, e.g.:

o For a given desulphurisation yield, it can reduce the lime consumption (at a given AT).
Although this requires the SD scrubber operating temperature to be increased (at a given
Ca/S ratio), this also reduces dust deposition risks.

o It helps to achieve a greater ESP efficiency and, therefore, lower final emissions.

o It stops erosion of the equipment downstream by the fly ash.

o It reduces the volume of waste for disposal.

o It collects a saleable product (fly ash), which is useful as the market for fly ash is well
established.

The pre-collector is normally a simple one-field ESP. However, in retrofits the existing
particulate control equipment is often used as a pre-collector.

Slurry or detention-type slakers are typically used in Europe and the US, followed by paste
slakers (used more commonly in the US). The simple tank slaker can be used for pulverised
quicklime.

The main part of the absorber is the lime slurry spray system. The spray system can be of the
rotary atomiser type or of the dual-fluid nozzle type. The first one is installed at the centre of the
roof and sprays fine droplets of hydrated lime. For large flue-gas flows (above 850 000 Nm®/hr),
the flue-gas stream is split prior to entering the absorber, so that approximately 60 % of the gas
enters the absorber through the roof gas disperser and the other 40 % through the central gas
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disperser. Adjusting the two flows and correct positioning of the gas dispersal vanes help to
control the shape of the cloud of atomised droplets and provide an efficient mixing of the flue-
gas and sorbent in a narrow zone around the atomiser. The appropriate size of absorber for
treating the flue-gas from boilers with a 150200 MW, capacity is usually 14-15 m (diameter) x
11-12 m (cylindrical height).

The spray nozzles of the slurry atomiser in the spray dry absorber have to conform to high
specifications to maintain a constant spraying quality. For example, the nozzles must be able to
resist flue-gas corrosion and lime erosion. In addition, they must have a low pressure drop and a
minimal risk of clogging. Many types of spray nozzle are used in the slurry atomiser, such as
the rotary atomiser and the stationary dual-fluid nozzle.

Sorbent utilisation in spray dry scrubbers is higher than in sorbent injection processes, but
unreacted lime constitutes about 10-40 % of the make-up lime and is discharged from the
system with calcium sulphite/sulphate. The sorbent utilisation is improved by strictly
controlling the sorbent to water ratio in slurry making, decreasing the approach-to-saturation
temperature in the absorber and by recirculating parts of the residue back to the absorber.

Achieved environmental benefits
. Reduction of SOx emissions to air.

. No waste water generated.

° Investigation showed that about 35-85% of the mercury present in the gas phase
upstream of the scrubber is removed.

Environmental performance and operational data

Spray dry absorbers usually operate at 20-30 K above the saturation temperature, where the
saturation temperature of flue-gas is between 45 °C and 55 °C. Thus, most plants do not require
the reheating of the clean flue-gas, unless the dew point can be reached, although the required
stack temperature must still somehow be met. General performance and operational parameters
of spray dry scrubbers are shown in Table 3.13.

The small amounts of SO; always present in boiler flue-gas are absorbed in a spray dry
absorber. The alkaline calcium-based absorbent reacts with acidic SO3/H,SO, to form sulphuric
salts. The SO3/H,SO, removal is normally completed effectively by the alkaline cake layer
formed on the surface of bag filter bags, in addition to the common gas/solid neutralisation
reactions.
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Table 3.13: Performance of the spray dry scrubber technique for reducing sulphur oxide

emissions
) General SO, Other performance parameters
Technique reduction
rate Parameter Value
Spray dry . 120-200 °C (flue-gas inlet)
scrubber Operating temperature 65-80 °C (flue-gas outlet)
Sorbent Lime, calcium hydroxide
Residence time Approx. 10 s
Ca/S molar ratio 11-14
Max. flue-gas flow 3300 000 m¥h
per absorber
Removal range of SO; 0 0
and HCI 95 % to>99 %
Recirculation rate of 0-75 %
used sorbent
Solid content in 0
85-92 % injected liquid 10-45%
Reliability 95-99 %
. Mixture of fly ash, unreacted
Residue/by-product additive and CaSO;
i 0,
Energy cons:umptlor) as % of 05-1 %
electric capacity
. 20-40 1/1000 m® flue-gas
Water consumption
(depends on gas temperature)
Waste water None
Pressure drop of the spray
dryer without the 10 mbar (10°Pa)
dedusting device
NB:
The use of tower mills for slaking can increase the reactivity of the slaked lime.
As spray dry scrubbers can remove more SO5 than wet scrubbers, there is likely to be less of a problem of
H,SO, in the environment close to the plant than with wet scrubbers.
The overall power consumption for pollution control (including NOX and dust control devices) is usually
below 1.0 % in a plant using a spray dry scrubber.
With sulphur contents exceeding 3 %, the removal efficiency decreases slightly.
The spray dry scrubber efficiency very much depends on the dedusting device used (e.g. bag filter or ESP),
because desulphurisation occurs to a certain extent, for instance, in the filter cake of the bag filter.
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Cross-media effects

The residue is normally a mixture of the original sorbent, calcium sulphite, calcium sulphate and
fly ash, which is less attractive commercially. Most SDA residues being produced around the
world are used in the construction industry, in underground mining, for land reclamation
purposes, as fertiliser or as a reagent in a synergy process with a wet FGD system.

A common means of disposal and utilisation of the spray dry scrubber residue are stabilised
landfills. As the residue contains unreacted lime, it cannot be disposed of untreated, because it
produces dust and there may be a risk of an uncontrolled leaching of hazardous components.
Therefore, it is specially conditioned by mixing with water and fly ash to produce a disposable
fixed product. The residue is both an advantage and disadvantage to the system. Establishing a
use for the residue is a key aspect of the application of a spray dry scrubber. As it contains a
large amount of unreacted lime, the product is used as a solvent for wet FGD systems sited
nearby, providing the ash content is low enough. Research suggests a new field of application
for the residue product is as an additive to fertilisers where sulphur is required.

An additional cross-media effect is the reduction of the combustion plant's energy efficiency.

Technical considerations relevant to applicability

The spray dry scrubber is suitable for low- to moderate-sulphur fuels and for use in smaller
facilities. The equipment includes slurry preparation, handling and atomisation equipment, all of
which have to be able to withstand erosion by the slurry. The dry solid by-product can be used
in a range of different construction purposes.

Economics

Spray dry scrubbers are generally characterised by lower capital costs but have higher operating
costs than wet scrubbers, mainly due to the use of the more expensive lime sorbent. Spray dry
scrubbers are mostly used for relatively small to medium-sized capacity boilers using low- to
medium-sulphur (1.5 %) coal. For the same reason, they are preferable for retrofits and for peak
load operation.

The capital cost for the spray dry system mainly depends on the capacity of the plant and the
type and layout of the spray dry absorber and the injection system. Reported capital costs differ
significantly, depending on the type of power plant. The capital cost of a spray drying system is
approximately 30-50 % less than the capital cost of a wet limestone process for an LCP of the
same size, but the operating costs are higher due to the higher sorbent costs. The four to five
times higher cost of the lime sorbent used in spray dry scrubbers, compared to limestone for the
predominant wet scrubbers, is probably the greatest disadvantage of spray dry scrubbers. The
use of a single-module spray dryer is limited to units below 1 500 MW4,, with a 3.3 million m*h
maximum flow rate, and to low- to moderate-sulphur fuels, in order to keep the operational
costs within reasonable limits. Spray dry systems are only cheaper for smaller units and low
operational loads.

Spray dry scrubber costs for a boiler have been estimated to be EUR 7-45 per kWy, (fuel energy
input) in investment costs, and EUR 0.5-0.7 per MWh in operating and maintenance costs. The
cost of the reduced pollutant was EUR 600-800 per tonne of sulphur dioxide removed. The
effect on the price of electricity was approximately EUR 6 per MWh (electricity produced).
Higher peak prices correspond to smaller LCPs in comparison to wet FGD applications. A
larger diesel engine has an oxygen content of about 13-15 vol-% O, in the flue-gas (air factor
2.7-3.5); and a boiler plant typically 3-6 vol-% O, (air factor 1.2-1.4), depending on the fuel
used. A higher oxygen content means a greater exhaust gas flow and the need for a greater FGD
reactor system, which leads to a higher investment cost, etc.

Depending on the different possibilities for by-product utilisation, the by-product treatment and
disposal costs have to be taken into account for the spray dry processes when comparing the
costs of the different desulphurisation methods.
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Driving force for implementation

A spray dry scrubber/absorber is a simple, reliable and efficient desulphurisation system with
few control loops which is easy to control and which produces no waste water (zero liquid
discharge).

Example plants
Plants 213, 376, 443-1/2, 462 and 489.

Reference literature
[ 16, GEA Niro 2012 ]

3.2.2.2.7 Circulating fluidised bed (CFB) dry scrubber

Description

The circulating fluidised bed (CFB) process is a separate process to the spray dry scrubber and
the duct sorbent injection techniques. Flue-gas from the boiler air preheater enters the CFB
absorber at the bottom and flows vertically upwards through a venturi section where a solid
sorbent and water are injected separately into the flue-gas stream.

Technical description

The venturi is designed to achieve the proper flow distribution throughout the operating range of
the vessel. Inside the venturi, the gas is first accelerated, and then decelerated before entering
the cylindrical upper vessel. The height of the vessel is designed to accommodate the mass and
residence time of bed material required for the desired Ca and SO, contact time. Sizing of the
equipment is mostly determined depending on the flue-gas flow. All external inputs, such as the
recirculating material, fresh reagent and gas-conditioning water, are introduced to the gas at the
diverging wall of the venturi. The vessel has no internal mechanical or structural components.
Control of the gas distribution, the sorbent flow rate, and the distribution and the amount of
humidifying water ensures the appropriate conditions for optimum SO, removal efficiency.

Fabric filter Detail filter bag

Filter bag
CFB absorber =

Water ...

A|r Air
Sorbent .} -‘ Clean gas to the stack

Product

Baghouse hopper
Flue gas = Lime solid
! recirculation

Source: [ 89, EPPSA 2013 ]
Figure 3.25: Schematic of a CFB scrubber process flow
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The treated exhaust gas flows to a dust collector (bag filter or electrostatic precipitator), where
dust is removed from the flue-gas. Outlet gases from the particulate collector are transported to
a stack by means of an induced draft fan. The majority of the solids collected are recycled back
to the absorber. The hopper level controls the extraction of powder to the by-product silo for
disposal. [ 188, Alstom 2002 ]

The process chemistry associated with acid gas removal from the flue-gas is a simple acid/base
absorption reaction between SO,, HCI, HF and hydrated lime as follows:

Ca(OH), + SO, — CaS0; + H,0

CaS0; +%0, + ¥%H,0 — CaS0, - ¥%H,0
Ca(OH), + SO; — CaS0, + H,0
Ca(OH), + 2 HCl — CaCaCl, + 2 H,0
Ca(OH), + 2 HF — CaF, + 2 H,0
Ca(OH), + CO, — CaCOs + H,0

The absorption chemistry is strongly affected by factors such as the flue-gas temperature, gas
humidity and SO, concentration in the flue-gas. The by-product is a dry mixture of calcium
sulphite, calcium sulphate, fly ash and unreacted lime.

The use of a pre-collector that removes most of the fly ash before it enters the absorber is a
common design feature. It is installed between the air heater and the absorber. The installation
of a pre-collector has some advantages that can help to balance its initial capital and operating
costs, e.g.:

° For a given desulphurisation yield, it can reduce the lime consumption (at a given AT).
Although this requires the CFB scrubber operating temperature to be increased (at a given
Ca/S ratio), this also reduces dust deposition risks.

° It helps to achieve a greater ESP efficiency and, therefore, lower final emissions.

° It reduces the volume of waste for disposal.

° It collects a saleable product (fly ash), which is useful as the market for fly ash is well
established.

The pre-collector is normally a simple one-field ESP. However, in retrofits the existing
particulate control equipment is often used as a pre-collector.

The process is not complicated to operate and is easy to maintain because it does not require
high-maintenance mechanical equipment such as grinding mills, abrasion-resistant slurry
pumps, agitators, rotary atomisers, and sludge dewatering devices. Furthermore, the increased
effective surface area of the circulating bed permits successful capture of virtually all of the SO,
and halides in the gas, eliminating the possibility of gas path corrosion from condensate SO;
aerosol mist.

Achieved environmental benefits
. Reduced SOx and halides emissions to air.

° Increased dust removal efficiency.
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Environmental performance and operational data

Table 3.14: Performance of the CFB dry scrubber technique for reducing sulphur oxide emissions

General Other performance parameters
. SO,
Technique : Remarks
reduction Parameter Value
rate
Hallde_s reductlon 95 % to > 99 %
efficiency
Operating o 1Eo
temperature 90°C (+/-15°C)
Residence time 3s
The CFB vessel is designed
CalS 1.1/1.5 - . .
Recirculation rate with clean gas recirculation
CFB dr of used sorbent 10-100 % and an internal gas velocity
scrubbe¥ 90-99 % £ range of 1.8-6 m/s for boiler
nergy 0.3-1% loads from 30 % to 100 %.
consumption
So_rbgn_t Ca(OH), High removal of metals.
Reliability 98-99.5 %
Pressure drop
without dedusting 7-15hPa
Residue CaS0,/CaS0,/
fly ash

Cross-media effects

Marketing of the by-product is a challenge.

Reduction of the combustion plant's energy efficiency.

Technical considerations relevant to applicability

No information provided.

Economics

Lower investment costs compared to other DeSOx methods.
Reactivation of fly ash can affect its saleability.

Recirculation of product within the CFB system: a higher utilisation of the used sorbent
allows savings in fresh sorbent consumption.

An additional way to reduce operating costs is the use of a Lime Dry Hydration System
(LDH): by using an on-site hydrator, cheaper lime reacts with water to a high-quality
hydrated lime.

Larger combustion plants can require multiple scrubbers.

Driving force for implementation

Reduction of SOx emissions.

Simple, reliable and high removal efficiency.
Low water consumption.

No water/sludge to be treated.

Inclusion of a dedusting step.

High capture of halides and SO;.
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Example plants
Plant 189.

Reference literature
[ 190, EPPSA 20151191, EPPSA 2015 ]

3.2.2.2.8 Duct sorbent injection

Description

Dry powder is introduced and dispersed in the flue-gas stream. The material reacts with the
gaseous sulphur species to form a solid, which has to be removed by filtration (bag filter or
electrostatic precipitator).

Technical description
Duct sorbent injection (DSI) means the injection of a calcium- or sodium-based sorbent into the
flue-gas, between the air heater and the ESP or bag filter, as shown in Figure 3.26.
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Source: [ 148, CIEMAT 2000 ]

Figure 3.26: Duct sorbent injection

The most common types of duct sorbent injection are:

. dry hydrated lime, for which the sulphur capture can be improved by humidification in
some cases (depending on flue-gas composition);

. dry sodium bicarbonate injection, which does not require humidification but requires on-
site milling for improved capture;

. lime slurry injection or in-duct scrubbing, which does not require a separate
humidification step (also known as 'modified dry FGD' - see Figure 3.27).

The humidification water serves two purposes. First, it activates the sorbent to enhance SO,
removal and, secondly, it conditions the dust to maintain an efficient ESP performance.
However, when a bag filter is used, humidification needs to be carefully controlled in order to
avoid wet deposits on the filtering media.
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Even though duct sorbent injection is an outwardly simple process, two of the key phenomena
to increase its control are a) the desulphurisation of flue-gas by calcium- or sodium-based
sorbent in the recycling of product with a high amount of unreacted absorbent, and b) the
coupling with an existing ESP to increase the efficiency, by reducing the temperature and by
having a higher humidity. An additional parameter is to humidify the recycled products in such
a way that the walls and ESP are not in direct contact with water, to avoid the risk of corrosion.
Recently, lime slurries have been improved to enhance SO; and SO, absorption (e.g. by
including additives (Mg and Na)).

The reaction between SO, and hydrated lime is described in Section 3.2.2.2.6. For increased
reaction performance, special high-spec surface-hydrated lime can be used.

After injection, the sodium bicarbonate decomposes thermally to form sodium carbonate. Once
the initial sorbent surface of the sodium carbonate has reacted with SO, to form sodium sulphite
or sulphate, the reaction slows due to pore plugging (which resists the gas phase diffusion of
S0O,). In order for the reaction to continue, the sorbent particles must decompose further. This
decomposition transfers H,O and CO, gases into the surrounding atmosphere, creating a
network of void spaces throughout the particles. This process exposes fresh reactive sorbent and
allows SO,, once again, to diffuse into the particles' interior. This increase in surface area is in
the order of 5-20 times the original surface area, depending on the specific sorbent considered.
The following series of reactions are thought to take place to produce sodium carbonate for the
removal of SO,:

2NaHCO; — Na,CO3 + CO, + H,0
Na,CO; + SO, — Na,SO; + CO,
Na,CO; + SO, + %2 O, — Na,SO, + CO,

The rates of decomposition and subsequent sulphation of the sodium compound particles are a
complex function of flue-gas temperature, rate of heat transfer to the particles, flue-gas H,O and
CO, content, partial pressures, and the effects of other flue-gas components present.

The duct sorbent injection process is very simple and is easy to operate, so there are no major
risks of process malfunction.

The process is suitable for various fuels and combustion techniques, especially when the
injection is into the cooler part of the duct. It is possible to avoid sorbent sintering and/or
melting when the sorbent is supplied to the colder part of the flue-gas duct.
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Fuel

Source: [ 188, Alstom 2002 ], [ 192, Notter et al. 2002 ]

Figure 3.27: 'Modified dry FGD" process

Achieved environmental benefits
Reduced SOx and halide emissions to air.

Environmental performance and operational data

Table 3.15: Performance of the duct sorbent injection technique for reducing sulphur oxide

emissions
General Other performance parameters
. SO,
Technique reduction Parameter Value Remarks
rate
Operating NA Low capital costs and extremely simple
temperature installation.
Limestone,
Sorbent hydrated lime, | Easy to retrofit (small space and short
dolomite construction period).
Reliability 99.9 %
Energy No waste water.
consumption
Duct as % of electric 0.2% Ash handling is more difficult because
sorbent . . - i
M 50-80 % capacity the ash is enriched with unreacted lime,
injection .
which causes the ash to harden after
(dry FGD) .
wetting.
c | The tendency for duct wall deposits is
Residue aor Nasalt | increased.
mixture
Reliability can be affected by nozzle
plugging and material deposit inside
ducts, resulting in unplanned outages.
NB:

NA: Not available.
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The target for SO, removal efficiency in duct sorbent injection used to be, generally, at least
50 %. Newer processes aim to achieve 70-95 % SO, removal efficiency without appreciable
additional capital costs or operational difficulties, the improvements being based on a better
understanding of the duct sorbent injection process. Because the process is very easy to control,
changes in the boiler load or in other parameters do not affect the SO, removal efficiency.

SO, removal efficiencies with sodium bicarbonate are generally higher than with hydrated lime.
However, sodium bicarbonate must generally be milled to a very fine size prior to injection, in
order to achieve good utilisation of the sorbent. Milling is usually done immediately before
injection, but in some cases the use of pre-milled bicarbonate is also possible.

Spent sorbent recycling is especially important in the economics of duct sorbent injection,
because shorter sorbent residence times (0.5-3.0 seconds) have led to lower sorbent utilisation,
compared to conventional spray dry scrubbers. Only 15-30 wt-% of Ca(OH), usually reacts
with SO,, except in the case of spent sorbent recycling. This means that 70-85 % of the
unreacted Ca(OH), collected in the ESP is disposed of with the dry fly ash or reused
(compounds of CaS0Q,). Low sorbent utilisation is a disadvantage in duct sorbent injection
processes. Spent sorbent recycling has been adopted in many processes to improve sorbent
utilisation and to enhance the SO, removal performance.

Cross-media effects

The by-product cannot always be reused (e.g. Na,SO, leachates in water), which means the need
for a special infrastructure for intermediate/final disposal/treatment. The use of high-spec
surface-hydrated lime increases sorbent utilisation and may reduce or eliminate the need for
sorbent recycling. With sodium bicarbonate, sorbent utilisation of more than 80-90 % is
common.

Reduction of the combustion plant's energy efficiency is another cross-media effect.

Technical considerations relevant to applicability
Duct sorbent injection has great potential for relatively old and small boilers.

Economics

The characteristics of duct sorbent injection technologies are low capital costs, the simplicity of
the process, and their adaptability to difficult retrofit situations. However, they have a relatively
low SO, removal efficiency. They are economically competitive at small power plants.

In a sorbent recycling system, a portion of the collected solids can be recycled back to the duct
to provide another opportunity for the Ca(OH), to react with SO,. Recycling these solids
increases the total Ca(OH), content in the system without increasing the rate of fresh hydrated
lime addition. Therefore, any increase in SO, removal is achieved without increasing fresh
sorbent costs.

The required reactants are more expensive than in the limestone processes, such as in in-furnace
injection. The cost of both sodium bicarbonate and high-spec surface-hydrated lime is usually
higher than that of ordinary hydrated lime. This means that the operating costs tend to be higher,
even though a smaller Ca/S molar ratio is possible.

The reduction rate of the process can be improved by increasing the Ca/S ratio, which means
increased sorbent costs and auxiliary power demand. With sodium bicarbonate and high-spec
surface-hydrated lime sorbent utilisation, the reduction efficiency is however markedly higher
and the resulting residue quantities are lower. Lower sorbent consumption and reduced disposal
costs may offset the higher cost of the sorbent.

The by-product cannot always be reused, which causes more expenses to the operator.
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Driving force for implementation
° Reduction of SOx emissions.

. Low investment and operational costs, low energy consumption, and a stable process.
. No emissions to water from waste water treatment.

o Higher SOx removal efficiency than in-bed sorbent injection for bubbling fluidised bed
boilers.

Example plants

Plant 125 (modified dry FGD).

Plants 69 and 168 (pilot DSI) combine a DSI with an ESP.

More example plants combining a DSI and a bag filter can be found in the graphs representing
well-performing plants in the fuel-specific sections.

Reference literature
[ 61, Commission 2006 ] [ 18, CaO Hellas - GREECE 2011 ]

3.2.2.29 Use of sorbents in fluidised bed combustion systems

Description
Sorbents in fluidised bed combustion (FBC) systems are integrated desulphurisation systems
where sulphur reacts with the alkaline calcium or magnesium compounds injected into the bed.

Technical description

The burning temperature in a FBC system is favourable for sulphur to react with the calcium or
magnesium compounds added into the bed. This limits the combustion temperature to about
850-870 °C. The sorbent utilised is typically CaCOs-based limestone. The reaction needs a
surplus of sorbent with a stoichiometric ratio (fuel/adsorbent) of 1.5 to 7, depending on the fuel.
The sorbent is supplied into the combustion chamber constantly. Its quantity depends on many
factors such as the amount of sulphur in the fuel, the temperature of the boiler bed and the
physical and chemical characteristics of the limestone sand. The ideal temperature range for the
reaction is between 840 °C and 900 °C. The reaction products, calcium sulphate and unreacted
limestone, are removed, partly from the bed together with bed ash and partly from the
electrostatic precipitator or bag filter together with the fly ash. Higher Ca/S ratios are needed in
fluidised bed combustion than in wet scrubbing or spray towers for a high reduction of sulphur.
Higher degrees of desulphurisation are achieved in circulating fluidised bed combustion
(CFBC) boilers than in bubbling fluidised bed combustion (BFBC) boilers.

Achieved environmental benefits
Reduced SOx emissions to air.

Environmental performance and operational data
Even with very high Ca/S ratios, FBC cannot achieve as high reduction rates as wet scrubbing.

For coal and lignite, removal efficiencies as high as 80-95 % are possible in CFBC boilers with
moderate Ca/S ratios (i.e. between 1.5 and 3). When the fuel sulphur content increases, the Ca/S
ratio decreases slightly for a certain sulphur removal (e.g. 90 % removal). However, the actual
mass flow rate of limestone needed increases, as well as the amount of residues generated.
Hence, the current trend for CFBC boilers firing high-sulphur (4-6 % S) fuels is to combine a)
in situ sulphur capture by limestone in the furnace, and b) cold-end sulphur capture.

In BFBC hboilers, the corresponding removal efficiency is between 55 % and 65 %, with a
similar quality of coal or lignite and with a similar quality and consumption of limestone. In
BFBC boilers burning only coal, additional end-of-pipe techniques are needed.
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The in-furnace desulphurisation rate is voluntarily limited when combusting high-chlorine fuels,
in order to maintain the favourable effect the remaining SO, in the flue-gas has on mitigating
the corrosion in the boiler backpass.

Cross-media effects

o Increase in limestone sand consumption.

o Increase in generated waste (desulphurisation products are contained in bottom ash and
fly ash).

o Increase in electricity consumption and reduction of the combustion plant's energy
efficiency.

Technical considerations relevant to applicability

The presence of lime/limestone in the bed changes the bed composition and the softening
temperature. It is thus critical to fix the injection level according to the bed's operating
parameters to avoid issues with its behaviour.

For high-sulphur fuel, when this technique is not sufficient to reach the targeted SOy emission
level, downstream polishing FGD can be installed, typically duct sorbent injection or the
circulating fluidised bed process.

Economics
Use of this technique is limited to fluidised bed boilers but it represents an in situ FGD process
without significant investment.

Limestone sorbent is cheap but this technique requires a higher dosage than a wet scrubbing
system. In an example 1 GWy, CFB coal-fired boiler, the cost of sorbent for a removal
efficiency of 93 % was about EUR 0.25 per MWy, (fuel energy input) in 2011.

Driving force for implementation
. Reduction of SOx emissions.

° Low construction costs.

o Lack of waste water from the system.

Example plants

This technigue is commonly used throughout Europe for reducing SOx emissions.

See Plants: coke-/coal-/lignite-firing plants: 489-1/2, 387, 19, 81, 390-1/5, 224, 156, 377 (all
CFB boilers) and 69 (BFB boiler); and peat-/biomass-/waste-firing plants: 42, 190, 539 (CFB
boilers) and 188 (BFB boiler).

Reference literature
[ 193, Wilhelm et al. 2011 ]

3.2.2.2.10 Furnace sorbent injection in pulverised combustion boilers

Description
Furnace sorbent injection consists of the direct injection of a dry sorbent into the gas stream of
the boiler furnace. The surface of these particles reacts with the SO, in the flue-gas.

Technical description

Typical sorbents include pulverised limestone (CaCOjz) and dolomite (CaCO3-MgCO:s). If the
reagent is injected into the economiser area, hydrated lime is typically used. In the furnace, the
heat results in the calcination of the sorbent to produce reactive CaO particles. The surface of
these particles reacts with the SO, in the flue-gas to form calcium sulphite (CaSO;) and calcium
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sulphate (CaSQy,) (see Figure 3.28). These reaction products are then captured along with the fly
ash by the dust control device, typically an ESP or bag filter. The SO, capture process continues
into the precipitator and into the filter cake of the bag filter. Using a bag filter is preferable
because the reaction can continue with the unreacted sorbent deposited on the filter media.
When an ESP is used, it may be preferable to inject the sorbent into a reactor to guarantee a
sufficient contact time of a few seconds between the sorbent and the waste gas before the ESP.
Due to its ability to work at relatively high temperatures and to its very high efficiency with
regard to SO, abatement, the dry sodium bicarbonate process may be used upstream of an SCR
system, without reheating the flue-gas before it enters the SCR system. This creates energy and
cost savings which may be significant.
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Figure 3.28: Furnace sorbent injection

The SO, removal occurs in the following two steps, as illustrated in Figure 3.29:

CaCO; + heat —» CaO + CO, or Ca(OH), + heat — CaO + H,0
CaO + SO, +% O, — CaSO, + heat
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Source: [ 148, CIEMAT 2000 ]

Figure 3.29: SO, removal reactions in furnace sorbent injection

Furnace sorbent injection provides the added benefit of removing SOa.

The critical temperature range for the limestone reaction in furnace sorbent injection is 980—
1230 °C. Once a reactive lime (CaO) is produced, it must have sufficient time (at least half a
second) in the critical temperature range. Hydrated lime has two reaction windows: 980—
1230 °C and around 540 °C. As a consequence, it is possible to use hydrated lime as reagent
injected into the economiser region.

Thermochemically, CaSQO, is not stable at temperatures above 1260 °C in an environment
typical of high-sulphur fossil-fuel-fired combustion products, e.g. 2 000—4 000 ppm SO, for
firing coal. The lower temperature limit for the formation of CaSO, depends on complex
interactions between sulphation Kinetics, crystal growth and sintering, and the build-up of a
barrier layer of CaSQ, on the surface of the reactive CaO.

Achieved environmental benefits
Reduced SOx emissions to air.
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Environmental performance and operational data

Table 3.16: Performance of the furnace sorbent injection technique for reducing sulphur oxide

emissions
Technique General SO, Other performance parameters
q reduction rate Parameter Value
98-1 230 °C
Operating temperature (upper furnace)
. 540°C (economiser)
30-50 % Limestone, hydrated lime,
Furnace Sorbent dolomi
bent 70-80 % by ___ olomite
SOrber ' Reliability 99.9 %
Injection recycling the Boiler efficiency dro 2 %
reaction product 3 i Y 5 r 2
nergy consumption as % o 0.01-0.2 %
electric capacity
Residue Ca salt mixture

The efficiency of SO, control is primarily a function of the Ca/S molar ratio, the sorbent type,
the degree of humidification, the additives available, the injection point and the boiler load.

The SOx removal efficiency and limestone utilisation efficiency are lower than with other FGD
systems. There are several measures to improve SOy removal efficiency at a low capital cost,
for instance by adding some devices to the furnace sorbent injection unit. The simplest measure
is to spray water into the duct before the precipitator. This results in an improvement in the SOy
removal efficiency of about 10 %. Furthermore, in order to make better use of the lime
generated in the furnace area, it is possible to design an additional absorber (e.g. CFB scrubber)
where the excess reagent will have a long enough residence time to further react with the flue-
gas stream. In this case, the total efficiency of the SO, removal can reach 98 % (see Section
3.2.2.2.7).

Recycling the reaction product is an effective alternative and has been investigated in order to
improve the efficiency of both SO, reduction and limestone utilisation. The reaction product
collected by the particulate control device (ESP or bag filter) is reinjected into the furnace or
duct and circulated several times. In some processes, it is recycled after conditioning. These
measures are expected to achieve 70-80 % SO, removal efficiency.

Cross-media effects

The residues are disposed of, for example, as landfill, although careful control is needed
because they include active lime and calcium sulphite. Possible utilisation of these residues is
under investigation.

Ash handling and disposal are complications in furnace sorbent injection, mostly due to the
sheer quantity of the reaction products to be processed. Operating at a Ca/S molar ratio of 2.0
with coal with an ash content of 10 % almost triples the rate at which the ash must be collected
by the particulate control device and then transferred to the ash disposal site. Some retrofitted
plants require improvements to the ESP to accommodate such amounts.

Although many research projects are in progress to utilise the reaction product, most utilities
equipping a furnace with sorbent injection must have a specially prepared disposal site, in
contrast to wet scrubbers which produce a saleable by-product, i.e. gypsum.

The process itself is relatively simple and therefore requires less operation and maintenance.
The process produces a dry solid residue, which needs no further treatment before being
discharged to a landfill or being used as a construction material.
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Furnace sorbent injection can cause slagging and fouling of heat exchangers, so soot blowing
may have to be increased.

Furnace sorbent injection can increase the amount of unburnt carbon-in-ash and reduce the
combustion plant's energy efficiency.

Technical considerations relevant to applicability
The process is suitable for low-sulphur fuels and for use in small plants.

Economics

Capital costs for the furnace sorbent injection processes in power generation are lower than for
the spray dry system and the wet scrubber. One benefit of this simple process is that no extra
staff are needed to operate or maintain the process. Reuse of the by-product is possible, but it
has no economic value.

Driving force for implementation

e Reduction of SOx emissions.

e This technique is well suited to older and small power plants where available
investment/space is limited.

Example plants
In China, this process has proven to be suitable due to the moderate SO, emission requirements,
the local coal's sulphur content, and the simplicity of the process.

Reference literature
No information provided.

3.22.211 Hybrid sorbent injection

Description
Hybrid sorbent injection is a combination of furnace sorbent injection and duct sorbent injection
to improve SO, removal efficiency.

Technical description

A feature of hybrid sorbent injection is the application of limestone as a sorbent in the furnace
and hydrated lime as a sorbent for the duct sorbent injection, as described in Sections 3.2.2.2.10
and 3.2.2.2.8. Some hybrid sorbent injection processes have reached commercial status because
of the following main operational features:

relatively high SO, removal rate (not achievable with only furnace or duct injection);

. easy to retrofit;

o easy operation and maintenance, with no slurry handling;

o reduced installation area due to compact size of equipment;
o no waste water treatment needed.

Achieved environmental benefits
Reduced SOx and halide emissions to air.
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Environmental performance and operational data

Table 3.17: Performance of the hybrid sorbent injection technique for reducing sulphur oxide

emissions
Techniaue General SO, Other performance parameters Remarks
q reduction rate Parameter Value
Hybrid
sorbent 70-95 % Residence time 3s Used in some plants in the US
injection

Cross-media effects

o Influence of free lime on the combustion product (as described in Section 3.2.2.2.9 in the
case of non-recirculation.

e Reduction of the combustion plant's energy efficiency.

Technical considerations relevant to applicability

This technique has great potential for older and smaller boilers to improve the reliability and
efficiency of SOx removal without appreciable additional capital costs or operational
difficulties, the improvements being based on a better understanding of the duct sorbent
injection process and spent sorbent recycling.

Economics
Limestone is cheaper than lime, which is generally used in spray dry scrubbers. The technique is
associated with low capital and operational costs.

Driving force for implementation
. Reduction of SOx emissions.

. No waste water generated.

Example plants
No information provided.

Reference literature
No information provided.

3.2.2.2.12 Magnesium oxide process

Description
The magnesium oxide process is a regenerable wet scrubbing process, which uses magnesium
hydroxide solution as sorbent.

Technical description

The technique is essentially the same as for the limestone wet scrubber except for the
regeneration step for the spent sorbent. HCI and HF in the flue-gas are removed in a pre-
scrubber, to avoid contamination of the magnesium salt after SO, absorption. The flue-gas then
enters the scrubber, where the SO, is absorbed by aqueous slurry of magnesium sulphate,
formed from the magnesium hydroxide sorbent:

MgSO3 + S0, + H,0 —» Mg(HSO;:,)Z
Mg(HSO3), + Mg(OH), — 2MgSOs + 2H,0
2M9803 + Oz —> 2MgSO4
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The reaction product, magnesium sulphite/sulphate, is bled continuously from the absorber and
dried in a dryer. The magnesium sulphite/sulphate is calcined at about 900 °C in the presence of
carbon, to regenerate magnesium oxide which is returned to the absorption system:

MgSO; — MgO + SO,
MgSO, + C — MgO + SO, + CO

As a by-product, elemental sulphur, sulphuric acid or concentrated sulphur dioxide is obtained
in the process. These are saleable by-products, which can be sold to reduce overall operating
costs. Otherwise, regeneration of the magnesium oxide would require a large amount of thermal
energy.

Achieved environmental benefits
Reduced SOx emissions to air.

Environmental performance and operational data
No information provided.

Cross-media effects
No information provided.

Technical considerations relevant to applicability
No information provided.

Economics
No information provided.

Driving force for implementation
Reduction of SOx emissions.

Example plants
No information provided.

Reference literature
No information provided.

3.2.2.3 Techniques to prevent and/or reduce NOy emissions
32231 Low excess air firing
Description

Reduction of the amount of oxygen available in the combustion zone to the minimum amount
needed for complete combustion and for minimising NOyx generation. The technique is mainly
based on the minimisation of air leakages in the furnace, careful control of the air used for
combustion and a modified design of the furnace combustion chamber.

Technical description

Low excess air is a comparatively simple and easy-to-implement operational measure for the
reduction of nitrogen oxides emissions. By reducing the amount of oxygen available in the
combustion zone to the minimum amount needed for complete combustion, fuel-bound nitrogen
conversion and, to a lesser extent, thermal NOx formation are reduced. A considerable emission
reduction can be achieved with this technique, therefore it has been applied in many existing
large combustion installations. In general, new plants are equipped with extensive measuring
and control equipment that enables optimum adjustment of the combustion air supply.
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No additional energy is required for low excess air firing (in fact less energy may be required as
air and flue-gas flows are reduced, which reduces fan power consumption and flue-gas heat
loss). If operated properly, no reduction in the availability of the power plant should result from
this primary emission reduction measure.

Another effect of this technique is that not only will NOx be reduced, but also SO3, which can
cause corrosion and fouling in the air preheater and the particulate control device.

Achieved environmental benefit
Reduced NOx, N,O and SO; emissions to air.

Environmental performance and operational data
The general NOy reduction rate is 10-44 %. NOx reduction strongly depends on the emission

level of the uncontrolled plant.

For existing old coal-fired boilers that have applied ‘low excess air’ as a primary measure, the
usual excess air is in the range of 5-7 % O, (in the flue-gas). Newbuild low excess air
combustion systems are characterised by 3—4 % O, (in the flue-gas). Also, residence time has
been identified as a key factor in the simultaneous control of NOy, CO and unburnt carbon. The
relationship between NOyx, CO and excess air at various sections in a 150 MW, boiler is shown
in Figure 3.30.

+32.00m Burnout air 2

H

Excess air ratio 0.74/0,95 Emission
NO, 178 mgfm3
co 160 mgim3
05 4.9 %
IIm
——— Excess air ratio 0.64/0.85
NO2 231 mg/m3
+25.96 m Burnout alr 1 co 2057 mgim3
03 2.49 %
/{ O Temperature 848 °C
29 m
—
NOz 219 mgim3
co 7365 mgim3
02 0.35 %

Temperature 1055°C

(\‘.Q :,E Excess air ratio 0.53/0.75 23m
NO32 244 mgim3
+16.50 m Vapour burner co 7767 mgim3
Excess air ratio 0.62/0.80 Oz 0.83 %
Temperature 1043 °C
[ 'H secondary air 16 m
i [J:-'-‘} 175000 m3/h (stp)
Main burner i i .
1 E Primary air NO3 245 mgim?
I 18750 m3/h (stp) co 11026 mg/m3

Q2 0.70 %
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+10.00 m
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s

Source: [ 304, Reidick et al. 1991 ]

Figure 3.30: The relationship between NOy, CO and excess air at various sections in a 150 MW,
lignite-fired boiler
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Cross-media effects
As the oxygen level is reduced, combustion may become incomplete and the amount of unburnt
carbon-in-ash may increase.

Reducing the oxygen in the primary zones to very low amounts can also lead to high levels of
carbon monoxide. The result of these changes can be a reduction in the combustion plant's
efficiency, as well as slagging, corrosion and an overall adverse impact on the combustion
plant's performance.

These cross-media effects are usually overcome by implementing some form of overfire air
system as shown in Figure 3.30.

An additional cross-media effect is that the steam temperature may decrease.

Potential safety problems, which might result from the use of this technique without a strict
control system, include fires in air preheaters and ash hoppers, as well as increases in opacity
and in the rates of water-wall wastage.

Applicability considerations
Generally applicable to new and existing boilers, for all fuels.

Economics
This is a very inexpensive way of decreasing nitrogen oxide emissions.

Driving force for implementation
Reduction of NOx emissions.

Example plants
Plants 102 and 444.

Reference literature
No information provided.

3.2.2.3.2 Air staging

Description
Creation of several combustion zones in the combustion chamber with different oxygen contents
for reducing controlling NOx emissions and for ensuring an optimised complete combustion.

Technical description

NOx reduction by air staging is based on the creation of at least two divided combustion zones,
a primary combustion zone with a lack of oxygen and a secondary combustion zone with excess
oxygen in order to ensure complete burnout. Air staging reduces the amount of available oxygen
in the primary combustion zone as only part of the combustion air (the primary air) is supplied
to this zone. Primary air typically makes up 70-90 % of the total airflow for coal-fired boilers
and 40-60 % for biomass boilers. The substoichiometric conditions in the primary zone
suppress the conversion of fuel-bound nitrogen into NOx. Also, the formation of thermal NOy is
reduced to some extent by the resulting lower peak temperature. In the secondary zone, 10—
30 % (40-60 % in the case of biomass boilers) of the combustion air is injected above the
combustion zone. Combustion is completed at this increased flame volume. Hence, the
relatively low-temperature secondary stage limits the production of thermal NOx.

In boilers and furnaces, the following options exist for achieving air staging:

o Biased burner firing (BBF): Biased burner firing is frequently used as a retrofit measure
at existing installations (only for vertical boilers), as it does not require a major alteration
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of the combustion installation. The lower burners operate with excess fuel whereas upper
burners are supplied with excess air.

Burners out of service (BOOS): Since putting some burners out of service does not
require a major alteration of the combustion installation, this measure is frequently used
as a retrofit measure at existing vertical boilers. Here, the lower burners are operated
under fuel-rich conditions, whereas the upper burners are not in use, injecting only air.
The effect of this measure is similar to overfire air, but NOx emission reduction by BOOS
is not as efficient. Problems may arise with maintaining the fuel input because the same
amount of thermal energy has to be supplied to the furnace with fewer burners in
operation. Therefore, this measure is generally restricted to gas- or oil-fired combustion
processes.

Overfire air (OFA): For overfire air operation, air ports (windboxes) are installed in
addition to the existing burners. A part of the combustion air is injected through these
separate ports, which are located above the top row of burners. Burners can then be
operated with low excess air, which inhibits NOx formation, the overfire air ensuring
complete burnout. Typically 15-30 % of the total combustion air that would normally
pass through the burners is diverted to overfire air ports. Retrofitting overfire air to an
existing boiler involves applying water-wall tube modifications to create the ports for the
secondary air nozzles and the addition of ducts, dampers and the windboxes.

Boosted OFA systems such as high-pressure or multi-direction injection systems enhance
the effect of OFA by preventing the formation of stratified laminar flow and enabling the
entire furnace volume to be used more effectively for the combustion process. An
example of the NOy formation using a boosted OFA system is shown in Figure 3.31. The
turbulent air injection and mixing provided by such systems allows for the effective
mixing of chemical reagents (e.g. for SOx removal or additional NOx removal) with the
combustion products in the furnace. By reducing the maximum temperature of the
combustion zone and increasing the heat transfer, it may also improve the boiler's
efficiency by one to two percentage points. Particulate residence time is also increased,
thus reducing the carbon content in the fly ash and in the bottom ash. [ 19, EEB 20121] [
20, COOMBS et al. 2004 ]
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Figure 3.31: NOy formation in a tangentially coal-fired boiler (with and without a rotating opposed
fired air (ROFA) system)

Air staging in the furnace does not increase the energy consumption of the combustion plant,
except when using boosted OFA systems (e.g. due to additional BOFA fans). It should also be
noted that, by increasing the air mixing, air staging may also improve the plant's energy
efficiency.

For fluidised bed combustion, the combustion starts in substoichiometric conditions by
pyrolysis in the bubbling bed or in the bubbling-bed-type lower part of the circulating bed. The
rest of the combustion air is added later, in stages, to finally achieve the over-stoichiometric
conditions and to complete combustion. In circulating fluidised beds, the circulating bed
material ensures an even temperature distribution that typically keeps the furnace temperature
below 900 °C, which prevents, to a large extent, the formation of thermal NOx. On the other
hand, low temperatures promote the generation of N,O and increase the amount of unburnt
carbon.

Achieved environmental benefits
. Reduced NOx emissions (see performance in Table 3.18).

. Increased efficiency for boosted OFA systems.
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Environmental performance and operational data

Table 3.18: Performance of the air staging technique for reducing nitrogen oxide emissions

General
. . NOy General
Primary technique reduction | applicability Remarks
rate*
reifr?itr::jht/o Problems may arise with regards to
Burner out as- and oil- Incomplete maintaining the fuel input, because
of service %ired lants burnout (and | the same amount of thermal energy
(BOOS) for reF')[rofit thus higher | has to be supplied to the furnace
only COand with fewer burners in operation.
Biased Allfuels, | Uroum!
burner firing for retrofit levels)
Alr — 10-70 % o may be Retrofitting OFA in an existin
staging experienced . Hng 9
when b0|Ie_r. m_volves water-wall tube
Overfire air retrofitting tmhgigggg;?; ;ci)rcreate the ports for
(OFA) and existing S .
Boosted All fuels | installations | A NOX reduction of 10-405% is
T ; possible for wall-fired furnaces
overfire air with BOOS, Using OFA
BB FA ' . .
(BOFA) techsn?c;u(gs A NOX reduction of >60% is
possible for BOFA at full load, and
50 % at low load.
NB:

The NOX reduction potential is very dependent on the NOX generation level and on a number of site-specific factors.
If different primary measures to reduce NOX emissions are combined the reduction rate can, in general, not be added
or multiplied. The combined reduction rate depends on a number of site-specific factors and is validated on a plant-
by-plant basis.

Source: [ 19, EEB 2012 ] [ 20, COOMBS et al. 2004 ]

Cross-media effects

There are two major potential drawbacks of retrofitting air staging at existing plants. The first
one is the usually significant amount of CO that may be formed if the air nozzles are not well
situated, with the associated risk of corrosion in areas of the combustion chamber / burner zone,
due to low air / high CO. The other is that the amount of unburnt carbon may increase, due to a
volume decrease between the end of the combustion zone and the first heat exchanger. These
drawbacks are limited in the case of boosted OFA systems, which enable intensive internal
recirculation of flue-gases between the different combustion zones.

Correctly designed OFA in new boilers will not result in high CO or high unburnt carbon.
[ 21, Poland 2012 ]

Air staging in the furnace may also increase the energy consumption of the combustion plant in
the case of boosted OFA which typically requires dedicated booster fans with the consequent
related power consumption.

Technical considerations relevant to applicability

The furnace height in old boilers is usually low and may prevent the installation of overfire air
(OFA) ports. Even if there is room for an OFA port, the residence time of the combustion gases
in the upper part of the furnace may not be long enough for complete combustion. Applying air
staging may thus require a reduction in unit capacity to allow the space for air staging. In boilers
built later when more was known about NOyx formation, the furnace is usually larger and lower
NOy levels can thus be achieved. The best results are obtained when low-NOyx combustion is
integrated into the boiler design.

Aiir staging is not applicable in gas turbines when there is not enough room for implementation.
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Economics

This is a very inexpensive way of decreasing nitrogen oxide emissions. It is very often applied
with other primary measures such as low-NOy burners, so it is quite difficult to estimate the cost
effects of the air staging element alone. A rough estimate is that OFA costs are almost
EUR 1 million for a 250 MWy, boiler and the NOx reduction cost per tonne is typically
EUR 300-1 000. [ 132, Rentz et al. 1999 ]

Driving force for implementation
Reduction of NOx emissions.

Example plants
About 160 plants that submitted a questionnaire in 2012 for the review of this document are
fitted with air staging.

See sections on coal, lignite and gaseous fuel combustion for further examples.

Reference literature
No information provided.

3.2.2.33 Flue-gas recirculation (FGR) or exhaust gas recirculation (EGR)

Description

Recirculation of part of the flue-gas to the combustion chamber to replace part of the fresh
combustion air, having the double effect of cooling the flame temperature and limiting the O,
content for nitrogen oxidation, thus limiting the NOyx generation. It implies the supply of flue-
gas from the furnace into the flame to reduce the oxygen content and therefore the temperature
of the flame. The use of special burners or other provisions is based on the internal recirculation
of combustion gases which cool the root of the flames and reduce the oxygen content in the
hottest part of the flames.

Technical description

The recirculation of flue-gas results in the reduction of available oxygen in the combustion zone
and, as it directly cools the flame, in the decrease of the flame temperature: therefore, both fuel-
bound nitrogen conversion and thermal NOyx formation are reduced. The recirculation of flue-
gas into the combustion air has proven to be a successful method for NOy abatement in high-
temperature combustion systems, such as wet-bottom boilers and oil- or gas-fired installations.
Figure 3.32 is a schematic of this technique.
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Figure 3.32: Flue-gas recirculation in a boiler

As can be seen in the figure above, part of the flue-gas (20-30 % at temperatures of about 350—
400 °C) is withdrawn from the main flue-gas flow downstream of the air preheater, usually
before any particulates have been removed, and then recycled to the boiler. The recirculated
flue-gas can be mixed with combustion air upstream of the burner or with staging air. Special
burners designed to operate on recirculated flue-gas are required with high flows to be recycled.
In grate-fired boilers, separate FGR ports are also used.

A similar technique also applies to some engines: exhaust gas recirculation (EGR) can be a
method for reducing NOx emissions from large-bore two-stroke engines, but it requires solving
certain problems associated with the cooling and cleaning of the exhaust gas before it is
recirculated in the engine. The recirculated gases mainly consist of carbon dioxide, nitrogen,
and water vapour, which help to reduce the combustion flame temperature. The clean-up of the
exhaust gas leads to an acidic, dirty and oily sludge, which must be treated and disposed of. Any
traces of sulphuric acid left in the cleaned gas may attack the turbocharger compressors and air
coolers. For EGR up to 15 %, a NOy reduction of up to 50 % has been reported. However, the
above-mentioned problems need to be taken into account in the application of EGR. EGR in
large four-stroke engines has only been tested in a laboratory environment so far. Due to
increased smoke, particulate formation and much higher fuel consumption, EGR is not yet
applicable to such engines and requires the development of new techniques enabling much
higher fuel injection pressures.

Achieved environmental benefits
Reduced NOx emissions to air.
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Environmental performance and operational data

Table 3.19: Performance of the flue-gas recirculation technique for reducing nitrogen oxide

emissions
General NOx General Applicabilit
reduction rate* applicability I?rgitationsy Remarks
Retrofitting an existing boiler with flue-gas
20-60 % recirculation presents some adaptation
difficulties, mostly due to efficiency losses
<20 % for of both the boiler and the burners, except
coal-fired when recirculating very small amounts of
boilers and 30— All fuels Flame flue-gas.
50 % for gas- instability This NOX abatement measure can be used
fired plants alone or combined with air staging for
combined with retrofitting.
overfire air Recirculation of flue-gas results in
additional energy consumption due to the
recirculation fan.

NB:

The NOX reduction potential is very dependent on the NOX generation level and on a number of site-specific
factors.

If different primary measures to reduce NOX emissions are combined the reduction rate can, in general, not be
added or multiplied. The combined reduction rate depends on a number of site-specific factors and is validated on
a plant-by-plant basis.

FGR can be used to maintain the temperature window necessary for high-dust SCR at partial and low loads.

FGR can be used to maintain the reheating temperature at partial load, resulting in increased efficiency.

Cross-media effects

o FGR addition may slightly modify the heat exchange, with a slight increase in boiler flue-
gas temperatures (e.g. from 222 °C to 228 °C in an example natural-gas-fired plant),
resulting in a slight decrease in energy efficiency (e.g. 0.3 percentage points in the
example plant case).

o Tendency to lead to higher unburnt carbon-in-ash.

o FGR may cause corrosion of inlet ducting and fans because the flue-gas is cooled when
mixed with incoming air.

Technical considerations relevant to applicability

o The retrofitting of FGR requires the installation of ducting and controls and may be
constrained by plant configuration.

o Component upgrades may be required to accommodate the larger volume and higher
temperature incoming air/FGR mixture (e.g. fans).

o The retrofitting of FGR may force a reduction in the combustion unit capacity.

o Flame instability may limit the amount of FGR possible (and NOx reduction) unless
burner changes are made as well.

o Additional operating risks due to FGR failures and their impact on burner combustion
need to be managed.

o If there is an excessive amount of recirculated flue-gas, this can lead to some operational
limitations, e.g. corrosion problems when burning a fuel containing sulphur; efficiency
losses due to a temperature increase at the stack; or increased energy consumption for the
ventilators. Therefore, operators usually aim to limit the amount of recirculated flue-gas
(to approximately 30 %) and compensate for the higher NOyx emissions by using
advanced low-NOx burners.
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Economics
The retrofitting of FGR costs approximately EUR 50 000 for a 20 MWy, boiler, and to include it
in a new boiler costs approximately EUR 20 000.

Driving force for implementation
Reduction of NOx emissions.

Example plants
About 100 plants that submitted a questionnaire in 2012 for the review of this document are
fitted with FGR.

Reference literature
No information provided.

3.2234 Reduction of combustion air temperature

Description
Reduction of combustion air preheating to lower the combustion flame temperature and limit
the generation of thermal NOx.

Technical description

The combustion air preheat temperature has a significant impact on NOy formation, mainly for
gas- and oil-firing systems. For these fuels, the main part of NOy is caused by the thermal NO
mechanism, which depends on the combustion temperature. Reduction of the air preheat
temperature results in lower flame temperatures (peak temperatures) in the combustion zone.
Accordingly, a lower formation of thermal NOx results. For a small unit, removing the air
preheater may be the most justified action.

Achieved environmental benefit
Reduced NOx emissions.

Environmental performance and operational data

The general reduction rate is 20-30 %. The level of emission reduction achievable mainly
depends on the initial air preheat temperature and on the temperature that is achieved after this
measure has been implemented.

Cross-media effects

There are two major drawbacks of this technology. First, in several boilers, e.g. those burning
coal or wet biomass, high combustion temperatures are required and accordingly high air
preheat temperatures are essential for the proper functioning of the combustion installation.
Second, lowering the air preheat temperature results in higher fuel consumption, since a higher
portion of the thermal energy contained in the flue-gas cannot be utilised and ends up leaving
the plant via the stack. This can be counterbalanced by utilising certain energy conservation
methods, such as increasing the size of the economiser.

Technical considerations relevant to applicability
This technique is not suitable for coal-firing wet-bottom boilers and boilers firing wet biomass.

Economics
The cost of removing the combustion air preheater is plant-specific.

Osiris, the energy service company providing utilities in the Les Roches—Roussillon Chemical

Platform, calculated in 2012 that the cost of the retrofit of its 60 MW,, natural-gas-fired boiler
would amount to EUR 3 300 000. This included:

o removal of the rotary heat exchanger;
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o installation of a new energy recovery heat exchanger, with a sweep system for emergency
operation using fuel oil;

o replacement of the combustion air fan as the air volume will be very different;
o adaptation of the burners for operation at low temperature;

. review of the settings of the burners;

o installation of feed-water piping to supply the new economiser;

o installation of steam piping for the sweeping of the economiser;

o update of the entire regulation system.

Driving force for implementation
Reduction of NOx emissions.

Example plants
No information provided.

Reference literature
[ 195, OSIRIS 2012 ]

3.2.2.35 Low-NOy burners

Description

The technique (including ultra- or advanced- low-NOy burners) is based on the principles of
reducing peak flame temperatures; boiler burners are designed to delay but improve the
combustion and increase the length of the flames, allowing the heat radiated during combustion
to reduce peak temperatures. The air/fuel mixing reduces the availability of oxygen and reduces
the peak flame temperature, thus retarding the conversion of fuel-bound nitrogen to NOy and
the formation of thermal NOy, while maintaining high combustion efficiency. This may be
associated with a modified design of the furnace combustion chamber. The design of ultra-low-
NOx burners (ULNBs) includes combustion staging (air/fuel) and firebox gases' recirculation
(internal flue-gas recirculation).

Technical description

Low-NOx burners have reached a mature stage of development, but further improvements are
ongoing and a considerable amount of research work is still devoted to the enhancement of
existing low-NOx burner systems. Since design details of low-NOyx burners differ significantly
from manufacturer to manufacturer, only the general principle is referred to here.

In a classical combustion installation, the combined fuel and air/oxygen mix is entirely injected
at the same place. The resulting flame is then composed of a hot and oxidising primary zone
located at the flame root and a colder secondary zone located at the flame end. The primary
zone generates most of the NO, which increases exponentially with temperature, whereas the
contribution of the secondary zone is rather modest.

Low-NOy burners (LNBs) modify the means of introducing air and fuel to delay the mixing,
reduce the availability of oxygen, and reduce the peak flame temperature.

According to the different principles to reduce the formation of NOx, low-NOyx burners have
been developed as air-staged burners, flue-gas recirculation burners and fuel-staged burners.

Air-staged low-NOy burners
In the air-staging process, the primary air is mixed with the total quantity of fuel, producing a
fuel-rich flame, which is both relatively cool and deficient in oxygen; in these conditions the
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formation of nitrogen oxides is inhibited. The fuel-air mixture and the secondary air as shown in
Figure 3.33 create a substoichiometric combustion zone (primary flame). An internal
recirculation zone is created due to the swirl of the secondary air and the conical opening of the
burner, which heats up the fuel rapidly. The swirl of the secondary flame is necessary for flame
stability. The volatile compounds are freed in the primary flame, together with the majority of
the nitrogen compounds. By operating a fuel-rich / air-lean mixture with a high concentration of
CO, the oxidation of the nitrogen compounds to NO is limited. With the secondary air, a
burnout zone is created, in which a slow combustion of the unburnt fuel takes place at relatively
low temperatures. The low O, concentration provides for NOx control at this stage.

Flame stabilising
ring

Devolatilisation zone

i Vigorous
Secondaty air PC- combustion
concentrator zone

: Primary air+coal

: - Main
Primary air+coal Vortex Secondary air Mai
Coal stream Tertiary air Voul'Pex

NOy reduction zone

Poor flame ignition Rapid ignition by using FSR

Poor flame stability Improvement of the flame stability
High NOy Low NOy

High UBC Low UBC

NB: UBC: Unburnt carbon.
Source: [ 196, Fortum 2002 ]

Figure 3.33: Comparison of conventional air-staged and advanced air-staged low-NOx burners

Flue-gas recirculation low-NOy burners

For solid fuels and for liquid fuels with a nitrogen content between 0.3 wt-% and 0.6 wt-%, fuel
NO dominates over thermal NO (typically 75 % fuel NO). Therefore, besides flame temperature
reduction acting on thermal NO, the oxygen content also needs to be reduced without producing
more unburnt carbon. The solution is a technique involving separated flames with internal
recirculation of the flue-gas. By injecting a portion of the flue-gas into the combustion zone or
combustion air supply, both flame temperatures and oxygen concentrations are lowered,
enabling a reduction of NOy formation.

200 Large Combustion Plants



Chapter 3

pa—

Source: [ 132, Rentz et al. 1999 ]

Figure 3.34: Flue-gas recirculation low-NOx burners

The basic function is similar to that of the air-staged low-NOx burner, but the distances between
primary and secondary nozzles are larger, therefore a flue-gas layer develops. In these burners,
15-25 % of the hot flue-gas is internally recirculated, along with the combustion air, into the
burnout air. The flue-gas acts as a diluent, reducing the flame temperature and partial pressure
of oxygen, thus reducing NOyx formation. Internal recirculation is generally operated in liquid
fuel firing and in the latest generation of combined gas and oil LNBs.

Fuel-staged low-NOy burners
The fuel-staged burner aims to reduce the NOy already formed by the addition of part of the fuel
in a second stage. Fuel-staged LNBs are mostly used for gas applications.

This technique begins with combustion of a portion of the fuel with high excess air, making
relatively low flame temperatures possible, which inhibit the formation of nitrogen oxides. The
internal recirculation zone and the near-stoichiometric combustion ensure flame stability. As the
combustion nears completion in the primary zone, additional fuel (optimum ratio between 20 %
and 30 %) is injected downstream of the primary flame to form the secondary flame, which is
extremely substoichiometric. An atmosphere is created in which the NOx already formed can be
reduced to N, by NHs, HCN, and CO radicals. The burnout zone is formed in a third stage. The
flame of this type of burner is about 50 % longer than that of a standard gas burner.

Large Combustion Plants 201



Chapter 3

— Burn-out zone

o - Secondary flame

il
(el

Internal recirculation zone

Secondary fuel Secondary air
Primary flame Secondary flame Burnout zone
Primary fuel =-<=n<=ae-2p ignition Reduci Slow burnout
o educing with low | —pFlye gas
Primary air ———3{ Flame stability atmosphere oxygen content g

Source: [ 132, Rentz et al. 1999 ]

Figure 3.35: Fuel staging at the burner

New generation of low-NOy burners

The most recent designs of LNBs (called ‘hybrid low-NOx burners’ or 'ultra-low-NOy burners’)
use a combination of air staging, fuel staging and internal flue-gas recirculation along with new
techniques in order to enable ultra-low NOyx emissions. Variable split fuel staging is also
employed or the use of lean premix combustion in the case of gas burners. A drawback of first-
generation low-NOy burners is the need for sufficient room to allow the flame separation: the
diameter of low-NOy flames is about 30-50 % larger than that of classical flames. Compared
with classical and compact-flame LNBs, ULNBs can achieve similar NOy reductions with a
smaller impact on flame shape, or larger reductions if sufficient firebox volume is available.
Another new generation of burners dedicated to the low-NOy combustion of gaseous fuel uses
the expansion energy of the gaseous fuel under pressure, mainly injected peripherally into the
main combustion airflow, to draw some flue-gas from the combustion chamber, to mix it with
the gaseous fuel before it enters the heart of the flame. This technique enables an accumulation
of effects: a decrease in the flame temperature and in the oxygen partial pressure, similar to low-
NOyx burners of the previous generation; but also a decrease in the fuel partial pressure,
drastically reducing the peak temperature within the flame and contributing to a further
reduction of thermal NOx.

Achieved environmental benefits
Reduced NOx emissions to air.
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Environmental performance and operational data

Table 3.20: Performance of the low-NOx burner technique for reducing nitrogen oxide emissions

. General NOx General L
Primary measure reduction rate* applicability Applicability limitations

Air-staged LNB 2535 % All fuels f;ig“;g?:::g‘d'rtgou t
Flue-gas 0 . -

tﬁ;/;}/-elr\jox recirculation LNB Up to 20 % All fuels Flame instability

(LNB) Fuel-staged LNB 50-60 % Al fuels f;ig";;?:::%‘d'rtgou t
New-generation 0
LNB 50-70 % All fuels NA

NB:

When combining different primary measures to reduce nitrogen oxide emissions, the reduction rate can, in general,
not be added or multiplied. The combined reduction rate depends on a number of site-specific factors and is validated
on a plant-by-plant basis.

Not all of the primary measures can be applied to all existing boilers; their application depends on the combustion
configuration and the fuel.

Low-NOy burners can be used in combination with other primary measures such as overfire air and reburning or flue-
gas recirculation.

Low-NOy burners with overfire air can achieve reduction rates of 35-70 %. [ 148, CIEMAT 2000 ]

NA: Not available.

It has been claimed that modern air-staged LNB designs for wall-fired coal boilers (with an
optimised nozzle or swirl for secondary air injection, and a deflector for secondary/tertiary air
injection) can achieve NOy reductions of up to 50 % without OFA, and up to 70 % with OFA.

In lignite-fired power plants, NOx emission reductions can be up to 75 % with LNBs, OFA
and/or flue-gas recirculation.

For boiler applications, there are currently few implemented lean premix burners in industrial
natural-gas-fired boilers. This technique has been successfully implemented in an industrial
boiler in France in 2014 and in steam generators used in the oil and gas sector in the USA. NOx
emissions of a lean premix combustion burner (before fuel staging injection) in a gas boiler
depend on the excess air levels and on the quality of the mix between air and gaseous fuel. NOx
emissions are very sensitive to excess air levels. An excess air level of 40-80 % is needed in
order to achieve very low NOx emissions (less than 20 mg/Nm?®). Below this threshold of 40 %,
NOx emissions promptly increase and reach usual NOy values. Above 80 %, the flame
temperature is very low and the stability of the lean premix combustion may be affected. NOy
levels below 50 mg/Nm; are generally achieved with this technique. Tests carried out at a
demonstration-scale application have shown that NOx emission levels around 20-30 mg/Nm®
(at 3% O,) are achievable when a lean premix burner is used in conjunction with external flue-
gas recirculation, at the expense of higher capex and opex.

Cross-media effects

As the pressure drop in air ducts increases in comparison with standard burners, it may result in
operational expenses. Coal pulverisation, for instance, must usually be improved, and that may
lead to higher operating and maintenance costs. There could also be some corrosion problems or
impacts on equipment safety and reliability due to lack of combustion stability, especially if the
process is not properly controlled.

There is no measurable effect of LNBs on the energy efficiency, waste gas temperatures and
steam production, in the case of natural-gas-fired plants.

The implementation of low-NOy burners may increase the level of carbon-in-ash, which should
be kept within a set limit so as not to jeopardise the management of these combustion residues.
The addition of classifiers to the coal mills, which improves the fineness of the pulverised coal,

Large Combustion Plants 203




Chapter 3

is an efficient way to counterbalance this problem. Modern coal LNBs are efficiently designed
not to influence the carbon-in-ash level.

Low-NOy burners may also increase CO generation due to cooler, larger flames. This
generation will increase at low loads.

Technical considerations relevant to applicability

For the application of advanced low-NOy burners to existing boilers, it should be noted that in
older installations the furnaces will usually have been built as small as possible (designed for
high combustion intensity). Therefore, the furnace temperature, and thus the NOyx generation,
can only be reduced to a limited extent. In addition, the furnace depth may only accommodate
slightly longer flames than it was originally designed for.

The applicability of lean premix burners for gas boilers with preheated air (> 150 °C) or process
gases with a high hydrogen content or variable compositions is not yet demonstrated.

Economics

The low-NOy burning technique requires, as a minimum, the burners to be changed and, often,
installation of an overfire air (OFA) system. If the existing burners are classical burners, then
changing the burners can almost always be done very cost-effectively. If the burners are
delayed-combustion low-NOx burners (old type), the benefits of retrofitting them into rapid-
injection low-NOx burners can be assessed only on a case-by-case basis.

Low-NOyx burners with OFA for a 250 MWy, solid fuel boiler cost approximately
EUR 1.7 million. In coal-fired boilers, the cost of NOy reduction is around EUR 500 per tonne
of NOx reduced.

For new installations, the additional investment for a low-NOyx burner compared to a classical
burner can be considered negligible. For retrofits, possible modifications to the installation have
to be taken into account, which are very often plant-specific and thus not quantifiable in general
terms. The supplementary operating costs required to operate low-NOyx burners are, to a large
extent, due to the additional energy consumption, which is necessary due to:

. the need for larger fans, as larger pressure drops occur across the burners;

. the need to ensure improved coal pulverisation, in order to attain efficient combustion
under the reduced air conditions experienced in the burners.

Driving force for implementation
Reduction of NOx emissions.

Example plants
About 200 plants that submitted a questionnaire in 2012 for the review of this BREF are fitted
with LNBs.

See specific fuel sections for further examples.

Reference literature
[ 197, ADEME 2015 ]
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3.2.2.3.6 Fuel staging (reburning)

Description

The technique is based on the reduction of the flame temperature or localised hot spots by
creation of several combustion zones in the combustion chamber with different injection levels
of fuel and air, allowing the conversion of the NOy formed back to nitrogen.

Technical description

Fuel staging, also termed reburning, is based on the creation of different zones in the furnace by
the staged injection of fuel and air. The aim is to reduce back to nitrogen the nitrogen oxides
that have already been formed. As can be seen from Figure 3.36, the combustion can be divided
into three zones.

Flowrate
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Sources: [ 132, Rentz et al. 1999 ], [ 148, CIEMAT 2000 ]

Figure 3.36: The three combustion zones and relevant parameters in a reburning process

Reburning involves combustion occurring in three zones:

o Primary combustion zone (which may be equipped with primary measures): 80-85 % of
the fuel is burnt in an oxidising or slightly reducing atmosphere. This primary burnout
zone is necessary in order to avoid the transfer of excess oxygen into the reburning zone,
which would otherwise support possible NOy formation.

o Second combustion zone (often called the reburning zone): secondary or reburning fuel is
injected into a reducing atmosphere. Hydrocarbon radicals are produced, reacting with the
nitrogen oxides already formed in the primary zone; other unwanted volatile nitrogen
compounds like ammonia are generated as well.

o Third combustion zone: the combustion is finally completed through the addition of final
air into the burnout zone.

Different fuels can serve as reburning fuel (pulverised coal, fuel oil, natural gas, etc.), but
natural gas is generally used due to its inherent properties. Figure 3.37 shows the advantage of
natural gas over coal or oil.
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Figure 3.37: Comparison of coal, oil and natural gas as reburning fuel

Achieved environmental benefits

Reduced NOx and CO emissions to air.

Environmental performance and operational data

Table 3.21: Performance of the fuel staging (reburning) technique for reducing nitrogen oxide
emissions

General NOy
reduction rate*

General
applicability

Remarks

50-60 %

(70-80 % of the
NOy formed in
the primary
combustion zone
can be reduced)

All fuels

Reburning offers some advantages, such as compatibility with
other primary NOX emission reduction measures, simple
installation of the technique, use of a standard fuel as the reducing
agent, and very small amounts of additional energy. The
additional energy consumption by reburning 'coal over coal' can
be higher than using natural gas as a reburning fuel.

Combustion downstream of the primary zone also produces
nitrogen oxides.

When using natural gas as the reburning fuel, dust and SO2 are
also reduced in direct proportion to the amount of coal replaced.
CO2 is reduced in proportion to the amount of carbon replaced
with hydrogen (in methane).

NB:

factors.

a plant-by-plant basis.

The NOX reduction potential is very dependent on the NOX generation level and on a number of site-specific

If different primary measures to reduce NOX emissions are combined the reduction rate can, in general, not be
added or multiplied. The combined reduction rate depends on a number of site-specific factors and is validated on

The efficiency rate of reburning depends on several parameters, including the following:
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o Temperature: to obtain low NOx values, the temperature in the reburning zone should be
as high as possible (1 200 °C). Figure 3.38 shows the denitrification rate as a function of
the reburning rate at different temperatures.

. Residence time: increasing the residence time in the reburning zone favours NOx
reduction. An appropriate time is between 0.4 seconds and 1.5 seconds.

o Aeration rate in the reburning zone: the stoichiometry should be in the range A = 0.7-0.9.

o Fuel type.

o Quality of the mixing of the additional fuel and the flue-gas generated by the primary
combustion zone. Natural gas usually enables homogeneous combustion, resulting in a
very short residence time for burnout.

o Excess air in the primary combustion zone: the stoichiometry is approximately A = 1.1.

Denitrification rate (%)

80
___________ T=1100 °C

- B — T= 960 °C

40 L.k

R /_..-—-""—"-

20—+—

0

0.00 0.10 0.20 0.30

Rebuming rate (%)

Source: [ 132, Rentz et al. 1999 ]

Figure 3.38: Denitrification rate as a function of the reburning rate

Cross-media effects

When using coal or oil as reburning fuel, nitrogen is present in a certain quantity, leading
inevitably to NOx formation in the burnout zone. This drawback can be reduced or avoided by
using natural gas.

Technical considerations relevant to applicability

In principle, the reburning technique can be implemented in all types of fossil-fuel-fired boilers
and in combination with low-NOyx combustion techniques (for the primary fuel). In practice,
reburning is not commonly used in existing utility boilers firing liquid or gaseous fuels as
primary fuels. This abatement technique, while very attractive for new boilers, necessitates large
chamber volumes if high amounts of unburnt carbon are to be avoided. Therefore, reburning
may be less appropriate for retrofits, due to possible space constraints in existing installations.
The retrofit may be less efficient in the case of smaller plants than in larger plants.

As mentioned earlier, major problems are caused by incomplete combustion. This measure best
suits boilers that have a long enough residence time and where proper reburning of fuel is
available at a reasonable price. Natural gas has proven to be the best reburning fuel, mostly
because it is easily flammable and does not contain particles or sulphur.
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Coal over coal reburning requires an ultrafine pulverising system and associated milling plant,
cyclones and classifiers to achieve this fineness.

Economics

The costs of reburning depend on the structure of the boiler and on the fuel used. The use of
auxiliary fuel, such as natural gas, also incurs costs but, on the other hand, it releases heat to the
process and can therefore be considered a usable fuel. So the calculations should be made for
the whole power plant economy, including possible changes, e.g. in the boiler efficiency.

Experience shows that reburning is not as cost-effective as low-NOx burners with OFA, but it is
still an appropriate measure for reducing NOx emissions. One estimate gives reburning costs as
close to EUR 2.5 million for a 250 MWy, boiler. The operating costs for reburning have also
been calculated as twice as high as the costs for low-NOy burners with OFA.

Driving force for implementation

Reduction of NOx emissions.

Example plants

Reburning has been installed at large power plants in the US, Japan, the Netherlands, Germany,
Italy and the UK. In lItaly, reburning (with oil as a reducing agent) has been implemented
successfully in many large oil-fired units.

Reference literature
No information provided.

3.2.2.3.7 Dry low-NOy (DLN) burners

Description

Gas turbine burners that include the premixing of the air and fuel before entering the
combustion zone. By mixing air and fuel before combustion, a homogeneous temperature
distribution and a lower flame temperature are achieved, resulting in lower NOyx emissions.
DLN is a generic name commonly used throughout the industry to represent a range of similar
technologies (DLN, DLE, SoLoNOy, etc.).

Technical description

The basic characteristic of dry low-NOx burners (see Figure 3.39) is that the mixing of the air
and fuel and the combustion both take place in two successive steps. Lean premix systems are
more dependent on the precision engineering than conventional diffusion flame systems as they
require a careful balance to minimise both NOx and CO emissions. By mixing combustion air
and fuel before combustion, a homogeneous temperature distribution and a lower flame
temperature are achieved, resulting in lower NOx emissions. A turbine includes between 30 and
75 premixers.

The primary burner DLN system has the following basic components: fuel/air injection system,
premixing zone, and flame stabilisation zone. The fuel/air injection system is designed to
promote rapid and uniform distribution of the fuel into the air using multiple (small) fuel
injection points. The mixing zone is designed to allow sufficient time to promote uniform
mixing and the aerodynamics of the flame. The stabilisation zone is designed to prevent flame
propagation into the mixing zone, known as flashback, which can cause severe damage to the
combustor.

Low-load flame stabilisation in the primary burners is achieved by use of a diffusion pilot
system that places the fuel directly in the flame stabilisation zone. This creates high localised
temperatures, so that the flame is not extinguished but leads to an increase in NOyx when
compared with premix operation. Low-load operation therefore tends to generate increased NOx
levels. At the same time, CO emissions increase in the transitional time taken to reach the
minimum stable generation level, since the additional air causes quenching of the flame, which
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results in a lower combustion efficiency. There may be a deterioration of performance observed
over time due to changes in air leakage paths within the turbine, for example. Thus the system
operates in distinct combustion modes to allow operation from start-up to baseload at minimum
NO emission levels over the full operating range of the gas turbine.

DLN providers are still increasing the efficiency of the technique by means of slight
improvements, such as a special axial swirler which provides a better pilot gas/air distribution to
enhance the fuel/air mixing and therefore to reduce flame temperature peaks, in order to reduce
NOx emissions; or new technology that extends the gas/air premix, typically only in the main
burner, but also innovatively in the pilot burner.

Premixing of fuel and air
for lower combustion temperatures
and lower NOx emissions

Source: [ 288, EUTurbines 2013 ]

Figure 3.39: Schematic of a DLN (premix) combustion chamber

Achieved environmental benefits
) Reduced NOx and CO emission.

. No extra use of water/steam or ammonia needed to reduce NOx emissions.

Environmental performance and operational data
Dry low-NOx systems are very effective and reliable for natural gas firing.

NOx emissions can be reduced by as much as 90 % and there is also an improvement in energy
efficiency (improvement in electrical yield of 4-5 %) (see Plant 74). Older dry low-NOy
versions may have higher NOx levels than recently developed versions.

For part-load operation, an increase of CO and NOx emissions will usually be noted compared
with stable baseload operation. Some suppliers have recently developed systems that limit this
increase (see Section 7.1.3.2.4).

Hybrid DLN have been operated on gas oil in premix mode for some years: a considerable NOx
reduction has been achieved, but the values achieved are not as low as for the combustion of
natural gas.
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Similarly, dry low-NOyx combustion systems for dual-fuel-fired (gas — gas oil) gas turbines have
been developed and are now available, however with higher NOyx emission levels than from
natural-gas-fired systems.

Cross-media effects

Humming issues (high acoustics in the combustion chamber) may arise when operating the gas
turbine at maximum load at a low ambient temperature and in the case of a sudden change of
natural gas quality.

Technical considerations relevant to applicability

Dry low-NOyx combustion is very model-specific, i.e. all the manufacturers develop their own
technology for each model where there is enough demand to justify the research necessary to
develop it.

Thus DLN are applicable for all new natural-gas-fired turbines (single- or dual-fuel-fired), and
for most existing turbines as a retrofit package. For older models or models with low demand
for the technology, they may not be available.

Retrofitting the DLN technique in existing gas turbines with steam/water injection may not
always be technically feasible.

Further developments are necessary for gas turbines utilising fuel oils as, in these turbine
operations, not only does premixing of the air and fuel have to be carried out before combustion,
but so does evaporation of the liquid fuel. As the particle size has an impact on the evaporation
velocity, current research is focusing on developing more efficient atomiser systems.

Economics

The cost of DLN to be retrofitted can vary dramatically for the same size turbine offered by
different manufacturers. As an example, the incremental cost of a DLN combustor for a new gas
turbine from manufacturer A (5.2 MW) was approximately EUR 180 000, whereas the
incremental cost for a similar DLN combustor from manufacturer B (5.1 MW) was EUR
20 000. The cost discrepancy is related to performance capabilities, design complexity and
reliability/maintenance factors. Investment costs for retrofitting can be estimated as EUR 20—
40/kW,. Retrofits cost approximately from EUR 2 million to EUR 4 million for a 140 MW, gas
turbine for a modern dry low-NOx burner, depending on the original/final situations and on the
type of plant/retrofit, and the operation and maintenance cost is approximately EUR 500 000 per
year. Due to their high efficiency, new burners are very economical to operate, especially as
there are no great losses of energy from fuel losses, or in the form of hydrocarbons, etc. The
investment costs are approximately 15 % higher and maintenance costs about 40 % higher than
non-DLE gas turbines.

For new plants, it can be assumed that dry low-NOyx combustors are nowadays no more
expensive than the former conventional combustors. Therefore, for new installations, the
additional costs for using dry low-NOyx combustors can be considered negligible. A capex of
EUR 2.5 million has been reported for a newly built 700 MW, CCGT.

Due to the reduced heat load, the hot gas path components have a longer lifetime than when wet
emission controls are used, (e.g. a six-year lifespan compared with an approximate five-year
lifespan with a wet system in a reported example plant), resulting in a reduction in maintenance
costs.

Driving force for implementation
Low emission levels of NOx and CO.

Example plants
Today, almost all gas turbines in industrial use are equipped with dry low-NOy systems.
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Reference literature
[ 132, Rentz et al. 1999 ] [ 167, Austrian Ministry of Environment 2000 ] [ 198, OSEC 1999 ]

3.2.2.3.8 Low-NOyx combustion concept in engines

Description

The technique consists of a combination of internal engine modifications, e.g. combustion and
fuel injection optimisation (the very late fuel injection timing in combination with early inlet air
valve closing), turbocharging or Miller cycle.

Technical description

Retarding the start of the injection to reduce the firing pressure is a simple way of reducing NOx
emissions. It reduces the peak combustion temperature level and, in response, the combustion
process progressively moves into the expansion process. In the injection retard method, the
burning temperature peak is lowered. Initially, the drawback of this method was the increased
specific fuel consumption, so, in order to re-establish low fuel consumption, the compression
ratio of the engine was increased as a countermeasure, resulting in lower NOy emissions and no
penalty in terms of fuel consumption.

Very late fuel injection timing in combination with a high compression ratio requires a
sophisticated modification of the injection rate, as well as costly development of a new
combustion chamber shape design. Sophisticated fuel injection equipment is consequently a key
element in this technique. The continuing technological development of the diesel components
has made it possible to further optimise the diesel cycle with the ‘Miller concept’,
corresponding to an early inlet valve closing. In this concept, some components have been
further developed, such as the turbocharger, fuel injection pumps, fuel injection nozzles and the
camshaft. Today the 'Miller concept' is a standard application for big four-stroke diesel engines.
Several Miller steps have been introduced since the first generation of low-NOx systems at the
end of 1990s. The bottleneck for implementation of the next generation has been the
turbochargers; considerable development efforts were needed on these and subsequent proper
testing before commercial introduction in different engine configurations. The Miller concept is
an inbuilt concept for big engines and has enabled compliance with the current minimum global
emission ruling for international projects. [ 199, IFC 2007 ]

Achieved environmental benefits
Reduced NOyx emissions to air.

Environmental performance and operational data

By implementing the low-NOyx combustion concept in combination with the Miller concept,
NOx emissions have been reduced by up to about 40 % in today’s engines compared to the same
engine type at the beginning of 1990s, whilst maintaining high efficiency. Feedback from the
industry on the Miller concept implementation suggests a typical NOx reduction closer to 30 %,
which is strongly dependent on the type of engine and on the performance of the
turbocompressor.

For a modern engine, the NOx reduction achieved by retarding the start of the injection might be
around 109% (applicability dependent on engine type) but, due to the increased fuel
consumption, this technique is rarely used as the sole measure.

Cross-media effects

With late fuel injection timing, some negative side effects are still reported: an increase in both
unburnt hydrocarbons and solid particulate emissions, an increase in the fuel consumption (1 %
for every 4-5 % of NOx reduced) and in the CO, emissions.

Technical considerations relevant to applicability
No information provided.
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Economics
No information provided.

Driving force for implementation
Reduction of NOx emissions.

Example plants
No information provided.

Reference literature
No information provided.

3.2.2.3.9 Lean-burn concept

Description

The control of the peak flame temperature through lean-burn conditions is the primary
combustion approach to limiting NOyx formation in gas engines. Lean-burn combustion
decreases the fuel to air ratio in the zones where NOx is generated, so that the peak flame
temperature is lower than the stoichiometric adiabatic flame temperature, therefore reducing
thermal NOx formation.

Technical description

Among natural gas engine options, lean-burn natural gas engines generate the lowest NOx
emissions directly from the engine. It is called 'advanced' when the system is tuned to achieve
NOyx levels below 100 mg/Nm® (15 % O,). The latter is possible with a spark plug ignited
engine (or with SG-type engines ignited with alternative systems currently in R&D stage) but
not for the low-pressure gas dual fuel-type engines.

Diesel engines produce higher combustion temperatures and more NOy than lean-burn gas
engines, even though the overall diesel engine air to fuel ratio may be very lean. There are three
reasons for this: (1) heterogeneous near-stoichiometric combustion, (2) the higher adiabatic
flame temperature of distillate fuel, and (3) fuel-bound nitrogen. The diesel fuel is atomised as it
is injected and dispersed in the combustion chamber. Combustion largely occurs at near-
stoichiometric conditions at the air droplet and air fuel vapour interfaces, resulting in maximum
temperatures and higher NOx. In contrast, lean premixed homogeneous combustion used in
lean-burn gas engines results in lower combustion temperatures and lower NOx production.

For any engine, there are generally trade-offs between low NOx emissions and high efficiency.
There are also trade-offs between low NOyx emissions and emissions of the products of
incomplete combustion (CO and unburnt hydrocarbons). There are three main approaches to
these trade-offs that come into play depending on regulations and economics. One approach is
to aim for the lowest NOx emissions, accepting a fuel efficiency penalty and possibly higher CO
and hydrocarbon emissions. A second option is finding an optimal balance between emissions
and efficiency. A third option is to design for the highest efficiency and use post-combustion
exhaust treatment.

Control of the combustion temperature has been the principal focus of combustion process
control in gas engines. Combustion control requires trade-offs: high temperatures favour
complete burnout of the fuel and low residual hydrocarbons and CO, but promote NOx
formation. Lean-burn combustion dilutes the combustion process and reduces combustion
temperatures and NOy formation, and allows a higher compression ratio or peak firing
pressures, resulting in higher efficiency. However, if the mixture is too lean, misfiring and
incomplete combustion occur, increasing CO and VOC emissions.

Achieved environmental benefits
Reduced NOx emissions to air.
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Environmental performance and operational data

Most lean-burn engines use turbocharging to supply excess air to the engine and produce the
homogeneous lean fuel-air mixtures. Lean-burn engines generally use around 100 % excess air
(over-stoichiometric). Typical NOx emission concentrations for lean-burn natural gas engines
are between 90 mg/Nm?® and 380 mg/Nm?®.

SG natural-gas-fired lean-burn engines used in 'optimised' gas mode (lowest fuel consumption,
lowest unburnt emissions, high flue-gas temperature) achieve NOx levels of 190 mg/Nm® at
15 % O,, and lean-burn DF engines achieve levels of 380 mg/Nm3 at 15 % O,. SG engines and
DF engines (in gas mode) can be tuned to achieve NOx levels of respectively 95 mg/Nm?® and
190 mg/Nm?®, with a higher fuel consumption and a lower flue-gas temperature as a
consequence. Recently commissioned lean-burn SG engines (30—-40 MWy,) in ltaly, also fitted
with SCR, achieve yearly average NOx concentrations of 28 mg/Nm®. Furthermore, gas engines
that reported data for the review of this document monitor their NOyx and CO emissions
continuously.

An added performance advantage of lean-burn operation is the higher output and higher
efficiency if the mixture is not too lean. Optimised lean-burn operation requires sophisticated
engine controls to ensure that the combustion remains stable and that NOyx reduction is
maximised, while minimising emissions of CO and VOCs.

Cross-media effects

Table 3.22 shows data for a large lean-burn natural gas engine that illustrates the trade-offs
between control of NOyx emissions and efficiency. At the lowest achievable NOy levels (45—
50 ppmv), almost 1.5 percentage points are lost compared to full rated efficiency.

Table 3.22: Trade-offs between control of NOx emissions and efficiency

Engine . -
characteristic * Low NOy High efficiency
Capacity (MW) 5.2 5.2
Speed (rpm) 720 720
Efficiency, LHV 407 420
(present)
Emissions:

(gm/KWh) 0.7 14
NOx [ppmv at 46 92

15% 0,)

(gm/KWh) 3.2 2.0
CO (

ppmv at

15% O,) 361 227

(gm/KWh) 0.9 0.6
NMHC (ppmv at 61 29

15% 0,)
* Based on engine manufacturer’s data — Wartsild 18V34SG pre-chamber
lean-burn SG-type gas engine.
NB: NMHC: Non-methane hydrocarbons.
Source: [ 144, Eurovent 1998 ]

A SG-type engine can be tuned to achieve NOx emissions of 100 mg/Nm® (15 % O,), but this
will incur higher fuel consumption and corresponding higher CO, emissions, as well as higher
CO, NMVOC and formaldehyde emissions.
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Technical considerations relevant to applicability
Applicable to new plants.

Further developments to try to further decrease the NOx emissions based on this principle
(called 'advanced lean-burn’) showed NOx reduction improvements but not yet for dual fuel
(DF) engines. The flame front is less developed in SG engines (no pilot fuel injection) compared
to DF engines (injection of pilot fuel) so, as a consequence, an SG engine can be more highly
tuned for low NOx than a DF engine. If an SG engine is tuned to burn too leanly, misfiring
might occur and other emissions such as CO and HC might increase, fuel consumption may
increase and the flue-gas temperature could drop (detrimental for CHP).

Economics
No information.

Driving force
Reduction of NOx emissions.

Example plants
Plants 353 and 354.

Reference literature
[ 22, US-EPA 2008 ][ 23, Finland 2012 ]

3.2.2.3.10 Water/steam addition

Description

Water or steam is used as a diluent for reducing the combustion temperature in combustion
plants and the thermal NOyx formation, either by being premixed with the fuel prior to its
combustion (fuel emulsion, humidification or saturation) or directly injected in the combustion
chamber (water/steam injection).

Technical description

Water/steam addition can be performed either by the injection of a mixture of fuel and water or
steam, or by the injection of water or steam through nozzles directly into the combustion
chamber of gas turbines, engines or boilers. The evaporation or superheating of steam requires
thermal energy, which is then not available to heat the flame. Thus, the flame temperature
decreases and NOy formation is also reduced.

Use in gas turbines

As can be seen from Figure 3.40, the emission reduction rate strongly depends on the amount of
water or steam used. In order to reach high emission reduction rates, large amounts of water or
steam are necessary; sometimes the amount of water or steam injected is higher than the amount
of fuel burnt. A higher emission reduction rate can be achieved with water than with steam (for
a given water/steam to fuel ratio), which can be explained by the fact that more energy is
required to evaporate the water (in practice, approximately twice as much steam is necessary to
achieve the same NOy emission reduction). The steam or water needs to be injected at high
pressures, usually 20 bar or greater.

A special variant of steam injection for gas turbines is the 'Cheng Cycle', described in
Section 3.2.3.3, which has the dual environmental benefit of NOx reduction and higher
efficiency.

Use in engines
In combustion engines, direct water injection may be applied as an alternative to emulsified

fuels. Depending on the engine type, up to about 40-50 % NOy reduction is achievable. Direct
water injection can only be applied in some liquid-fuel-fired engine types; this technique is used
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in some shipping installations only. The fuel consumption increases and the amount of water
needed depends on the NOy reduction rate. This method requires greater modifications to the
engine design, due to the need for an additional water injection system and supervision of this
system. The amount of water that can be injected is independent of the fuel injection pumps,
allowing larger quantities of water to be injected. Corrosion can occur on cylinder heads and
pistons, thus increasing maintenance needs.

Injection of a fuel-water emulsion in engines: NOx reductions can be achieved by adding fresh
water to the fuel and emulsifying the mixture before supplying it to the engine. The fuel-water
emulsion is injected through the existing injection pump. The quantity of water injected depends
on the operating conditions. A programmed control unit manages the mixing procedure. This
method brings the water to exactly where it is needed and optimises the amount of water
injected. This amount is limited by the capacity of the engine’s injection device. The inert gas
effect of the water in the combustion chamber lowers the combustion temperature, which then
reduces NOx generation and the thermal load of the components in the exhaust gas flow. The
associated fuel consumption penalty ranges up to a 1 % increase for each 10 % of the water
injection (related to the fuel consumption). Different sources ([ 92, Freimark et al. 1990 ], [ 61,
Commission 2006 ]) report achievable NOx emission reductions of 20 % and up to 60 %
depending also on the water to oil ratio. This solution might also influence the remaining
harmful components in the diesel exhaust gas; reductions in unburnt emissions such as CO and
HC have been reported when operating on gas oil using this method. The quality of the
emulsion is important as vapour bubbles in the heavy fuel being reheated can damage the
injection system.

Humid air injection in engines: Humid air injection mainly consists of a heat exchanger and
humidification cell, which can possibly replace the intercooler in engines. Air which is
relatively hot and dry is fed into the unit, where the water partly evaporates, reducing the
scavenging air temperature. The air fed to the cylinder is nearly saturated in water vapour: the
quantity of water absorbed by the engine is controlled by the scavenging air temperature, which
depends mainly on the water temperature. With this method, a water quantity of about twice the
corresponding fuel consumption can be absorbed by the engine. The use of seawater instead of
treated water for such devices has been reported without negative effect, as regards the plant
reliability. This point is particularly interesting for plants located in coastal areas, as the
operating cost of such a system is reduced. According to experiences of using humid air
injection in engines in France, the maintenance costs decrease, the combustion chambers are
cleaner and the lubricating oil consumption decreases as well. A NOx emission reduction of
70 % has been reported for a medium-speed engine, but a range from 60 % up to 65 % is more
common according to industrial feedback.

A high NOx reduction leads to higher emissions of unburnt compounds (CO, HC, smoke, etc.).
Tests have shown that, in practical applications, NOyx reductions of up to 50 % are reasonable in
order to have acceptable emissions of unburnt compounds. NOx reduction is also associated
with a beneficial temperature drop, the amount depending on the turbocharger pressure and on
the amount of water vapour added to the combustion air. The air mass passed through the
engine is slightly increased by the water vapour, but without any additional compression work
being needed. Corrosion can occur on valves, pistons and air receivers, thus increasing
maintenance needs and costs. Therefore, long-term tests are needed in order to estimate the
effects of corrosion and possible remediation options.

Achieved environmental benefits
. Reduced NOx emissions to air.

o Reduced unburnt compound emissions (injection of water-fuel emulsion).

o Increased energy efficiency in the case of gas turbines (Cheng cycle).
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Environmental performance and operational data

NOx emission reduction rates of between 60 % and 85 % can be achieved but without limiting
CO. When CO emissions are kept under control, NOx reduction rates of between 40 % and
60 % can be achieved.

NOy emissions can be reduced to approximately 45-125 mg/Nm?® (at 15 % O,) for a gas turbine
and to 100-400 mg/Nm?® for boilers depending on parameters such as the plant size, the
combusted fuel types and/or the combination of techniques implemented for NOyx reduction.
The reduction rates by steam or water injection in the case of gas turbines are presented in
Figure 3.40.
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Figure 3.40: NO reduction by steam or water injection

For gas turbines, the steam/water to fuel ratio depends on the gas turbine type and varies
between 1 and 2. The emission levels can vary a lot, depending on the load of the turbine. In
many installations, the steam can only be produced in higher loads, which means that emissions
will be only reduced after this baseload level has been reached. This makes steam injection of
little use for gas turbines with lots of load changes.
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The injection of water or steam to reduce NOyx can only be carried out to a certain limit. If the
flow rate of the steam injected into the fuel burner is too high (typically the gas turbine supplier
fixes a limit on the steam flow rate / fuel gas flow rate of 1.2), the effects on the compressor are
relevant. The amount of steam (or water) can also negatively affect the combustion chamber
(burners, flow sleeves, liners, transition pieces), with particular effects on lifetime and the risks
of failure and damage to the downstream turbine section. In addition, the increase of water
concentration in the exhaust flow from the combustion chamber to the turbine section has an
impact on the integrity of the blades and nozzles. In fact, the heat exchange coefficient from the
exhaust flow to the surface of the nozzles or blades is proportional to the water concentration, so
if the gas turbine runs with a large amount of steam or water in order to control the NOy,
mechanical damage and an efficiency reduction may occur, increasing the maintenance costs
and the risk of failure.

Table 3.23 gives levels of NOx and CO emissions recorded for example European gas turbines
in 2011.

Table 3.23: NOx and CO emissions from applying water or steam injection to example gas
turbines

Measured emission values
(yearly average)

CO (mg/Nm°) 2-80

NOy (mg/Nm®) 45-125

Source: LCP TWG - 2012

Cross-media effects

Some major drawbacks of this NOy abatement technique are the increased emissions of CO and
hydrocarbons, a potential decrease in the thermal efficiency of the installation, and an increase
in fuel consumption. CO catalyst can be installed to oxidise the CO to CO,. Steam or water
injected into gas turbines needs to be of a very high purity, and therefore application of this
technique requires the use of a high-quality water treatment plant, which in turn may create a
liquid effluent requiring disposal. Steam injection causes a greater efficiency loss than water
injection (3-4 % for water injection). Furthermore, flame stability problems can be observed at
high water to fuel ratios and direct injection of water or steam results in a higher material stress
(small fissures can occur on the material surface due to temperature shock) than injection of a
fuel and water or steam mixture. As a consequence, the latter alternative is often preferred. [
132, Rentz et al. 1999 ]

The use of steam or water injection may also reduce the life expectancy of a gas turbine.

Technical considerations relevant to applicability

This technique can be applied to new and existing gas turbines, or to boilers generally
combusting liquid fuels, alone or in combination with other techniques reducing NOx
emissions.

Water injection has often been used when steam was not available, e.g. in simple cycle
applications, whereas steam injection is usually preferred in natural-gas-fired combined cycles,
where steam is readily available from the exhaust heat recovery system.

Nowadays, new gas turbines are built with dry low-NOyx combustors, and most existing plants
can be retrofitted with such combustors, providing a better performance than water/steam
injection. However, for certain small or existing turbines, water/steam injection may be a cost-
effective solution.

There may be technical constraints to retrofitting water/steam addition in existing old engines.
For the fuel-water emulsion technique, major modifications have to be made to the fuel
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injection system (FIE) of an existing engine since the thermal input to the engine will be
reduced and thus higher mass flow rates of emulsions will be required.

The applicability may be limited in the case of engines where a retrofit package is not available.

The technique cannot be applied in areas with a shortage or lack of water since the water
consumption requirements are high.

Economics

The investment costs for retrofitting gas turbines with water or steam injection can vary widely.
These costs are mainly related to the water conditioning and injection devices used. The
additional operating costs incurred by the water/steam injection are due to increased fuel
consumption.

A steam injection retrofit for a 140 MW, gas turbine costs about EUR 1.7 million.

The injection of water or steam requires the preparation of the water used for the process. At
sites where steam or water is not used for other requirements, the investment and operational
costs are high. In the cases where gas compressor stations — with a size capacity of between
20 MWy, and 250 MWy, with changing operating conditions and with low operating hours per
year — are situated at remote sites, the total costs are high. Furthermore, for existing gas
turbines, the conversion of the combustor of a gas turbine to a steam or water injection system
requires changes to the design and the layout of the gas turbine.

Driving force for implementation
Reduction of NOy emissions.

Example plants
Plants 70, 71, 102, 153-1/3, 174, 295, 296, 360, 375 and 488.

Reference literature
[ 167, Austrian Ministry of Environment 2000 ] [ 132, Rentz et al. 1999 ][ 198, OSEC 1999 ]

3.2.2.3.11 Selective catalytic reduction (SCR)

Description

Selective reduction of nitrogen oxides with ammonia or urea in the presence of a catalyst. The
technique is based on the reduction of NOx to nitrogen in a catalytic bed by reaction with
ammonia (in general aqueous solution) at an optimum operating temperature of around 300—
450 °C. Several layers of catalyst may be applied. A higher NOy reduction is achieved with the
use of several layers of catalyst. The technique design can be modular; a special catalyst and/or
preheating can be used to cope with low loads or with a wide flue-gas temperature window.

Technical description

The reducing agent is injected into the flue-gas upstream of the catalyst. NOx conversion takes
place on the catalyst surface at a temperature usually between 300 °C and 450 °C, and
sometimes in wider range between 170°C and 510°C depending on the type of
catalyst/configuration used, by one of the main reactions below. Base metal oxide SCR catalysts
operating in the above-mentioned temperature range are available on the market and used in
numerous applications.
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1. With ammonia as a reducing agent:

4 NO +4 NH; + O, — 4 N, + 6 H,0O
2N02+4NH3+02 g 3N2+6H20
6N02+8NH3 g 7N2+12 Hzo

2. With urea as a reducing agent:

4NO+2(NH2)2CO+2H20+02 g 4N2+6H20+2C02
6 N02 +4 (NHQ)QCO +4 Hgo g 7 Nz + 12 Hzo +4 COZ

When ammonia is used as the reducing agent, it is usually stored in vessels as an aqueous
solution or in a liquefied state (anhydrous ammonia) at a pressure greater than its vapour
pressure (about 17 bar) at the maximum temperature. In some smaller applications, i.e.
< 50 MWy, urea is used in the form of white crystal granules, which are dissolved in water
before being injected.

The number of installations using liquefied ammonia exceeds the number of installations using
other agents, because the cost per kg of ammonia is lower, thus allowing low operating costs.
Investment costs for ammonia storage, including safety measures, are also lower. Nevertheless,
its properties make handling more difficult compared to the relatively inert aqueous ammonia
solution.

To use, liquefied ammonia has to be evaporated to gaseous ammonia. This is achieved in an
evaporator heated electrically, by steam, or by hot water. The ammonia is subsequently diluted
with air before the mixture is injected into the exhaust gas. The injection takes place through a
system of nozzles to achieve a homogeneous mixing of ammonia with the flue-gas. A static
mixer can be placed in the exhaust gas channel to further improve mixing. In order to obtain a
high NOx removal efficiency and to minimise the NHjs slip, it is particularly important to
achieve a homogeneous NH; to NOx ratio in the flue-gas. Even in the absence of specific
emission limit values for ammonia, a strong motivation for avoiding ammonia slip (over 2 ppm)
in coal-fired combustion plants is that otherwise the fly ash cannot be sold to the building
industry.

The degree of NOx removal depends on the catalyst used: at high NH; to NOx ratios, a high
NOx removal efficiency can be obtained, but simultaneously the amount of unused ammonia
(NHj; slip) in the clean flue-gas increases considerably. The ammonia slip should be as low as
possible, in order to avoid the risk of NH; reacting with SOz in the flue-gas during cooling of
the flue-gas, which can lead to fouling and corrosion of the heating surfaces by the ammonium
bisulphates ((NH,;)HSO, or 'ABS") formed.

The catalysts used can have different geometrical forms such as the honeycomb, plate or
corrugated types shown in Figure 3.41. Pellets (especially for activated carbon) are also used in
some applications.
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Type of Catalyst

+ Honeycomb catalyst - Homogeneous ceramic Eﬁiin
TiO, mass typically containing catalytically - !-- ]
active V,0.,/W0O, extruded into the monolithic "ii

honeycomb catalyst log form. H |

- Plate catalyst - Homogeneous ceramic TiO,
mass typically containing catalytically active
V,0;/M0o0O, or V,0;/WO; rolled onto supporting

stainless steel wire mesh. =SS
- Corrugated catalyst - Ceramic TiO, mass AWM A W WV

formed on fiber glass substructure similar to L S AL

corrugated box. V,0; and WO, typically AT
= F N7 N\ /]
impregnated onto the catalyst surface. AVAVAYAWAN

Source: [ 24, Evonik and Southern Company 2008 ]

Figure 3.41: Different types of catalysts

The main materials used as catalysts in SCR are as follows:

. Base metal oxides, which consist of the base material TiO, together with the active
components vanadium, tungsten and molybdenum. In most cases, V,0s is used with small
amounts of WO; added in order to extend the narrow temperature window, and small
amounts of SiO, in order to stabilise the structure, and small amounts of MoOs in order to
make the catalyst more resistant to poisoning from exhaust gas constituents. This type of
catalyst requires a temperature range of 300-450 °C.

o Zeolites, which are crystalline, highly porous natural or synthetic aluminosilicates, and
are used at temperatures between 350 °C and 600 °C.

° Iron oxides, which consist of iron oxide particles with a thin crystalline cover of iron
phosphate.

. Activated carbon, which consists of either pulverised coal or lignite, is mixed with inert
elements and worked into sintered pellets. Due to the thermal instability of activated
carbon at higher temperatures, low operating temperatures of 100-220 °C are required.
As a result, in power stations, activated carbon can only be employed in the ‘tail-end’
configuration.

Catalysts are manufactured in a number of different channel diameters. The choice of channel
diameter is optimised after a study of the dust content in the exhaust gas, the characteristics of
the dust, and the allowable pressure drop across the SCR reactor. The deposit of dust should be
minimised and the pressure drop over the catalyst kept low. The volume of catalyst required
depends on the characteristics of the catalyst, such as its activity characteristics, and on the
operating conditions, such as flue-gas volume, the required NOyx reduction, gas composition,
flue-gas temperature and the presence of catalyst poisons. The individual catalyst elements are
packed together in a catalyst module, which then forms the catalyst layers in the SCR reactor, as
can be seen in Figure 3.42.
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Source: [ 148, CIEMAT 2000 ]

Figure 3.42: Configuration of catalyst reactor

The catalyst lifetime usually ranges from 3 to 7 years in coal-fired units and from 8 to 12 years
in oil- and gas-fired units, depending on the load mode (50 000-60 000 hours of operation).
These general figures may differ depending on several site-specific factors, such as equipment
type, fuel characteristics, capacity, plant operation, inlet NOx concentration, NOyx reduction rate,
ammonia/urea to NOy ratio, and allowable ammonia slip. In recent years, catalyst formulations
more resistant to thermal and mechanical damage and to poisoning from contaminants have
been commercialised. The latest developments in regeneration techniques and catalyst
management now alternatively allow the regeneration of each catalyst layer, replacing them
with new catalyst layers only after four regenerations, corresponding to a 20-year life cycle, thus
reducing the operational cost of SCR implementation by almost 40 % [ 24, Evonik and Southern
Company 2008 ]. It is now standard practice to leave space in the casing for a spare catalyst
layer that can be brought into use to supplement the performance of catalysts as their
effectiveness starts to fall over time. In this way, maximum use of existing catalysts is obtained
before they are sufficiently depleted to require regeneration or disposal.

There are three basic configurations for integrating the SCR reactor into the flue-gas cleaning
chain, the main factor being that the conditions, such as flue-gas temperature, are right for the
catalyst used. The positions that are utilised for the catalyst are shown in Figure 3.43.
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Figure 3.43: Existing configurations of SCR NOy abatement techniques

The three configurations are high-dust, low-dust and tail-end:

The high-dust arrangement is the most commonly implemented and avoids the flue-gas
reheating due to the high operating temperature of the catalyst (Figure 3.44). The lifetime
of the catalyst has been improved, as well as its resistance to abrasion. However, its use
has two drawbacks: first, the flue-gas may contain fly ash and catalyst poisons, which
results in catalyst deactivation, followed by a decrease in NOy reduction efficiency. This
may occur, for example, in slag tap furnaces, for specific fuels or in co-combustion
processes. Secondly, for retrofitting with SCR in the high-dust configuration, additional
space is required near the boiler. The high-dust arrangement is cost-effective for many
installations.

In-duct SNCR/SCR, also called slip, catalyst or hybrid SNCR/SCR, is a version of the
high-dust arrangement. These catalyst systems are combined with SNCR in order to
consume the remaining injected sorbent still present in the flue-gas at the boiler outlet in
order to add a NOx reduction stage. Such SCR requires much less catalyst than
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conventional SCR, providing overall high removal efficiency and low ammonia slip at a
reduced capital cost.

o The low-dust arrangement bypasses the drawbacks of the high-dust configuration. Its
major advantage is the lowered mechanical strain on the catalyst, which can be expected
to extend the catalyst’s lifetime. However, because the process operates without
supplementary heating, the installation of high-temperature dust precipitators is
necessary. Therefore, this configuration often proves to be uneconomical when
retrofitting old power plants. Moreover, the air heater is subject to the deposition of
ammonium bisulphate.

o The tail-end arrangement is a favourable variant for existing plants, due to the reduced
exposure of the catalyst to abrasion, corrosion, and deactivation. Also, the catalyst
volume is smaller than for the high-dust configuration, because a catalyst with a smaller
pitch can be used. However, the incoming flue-gas has to be reheated by additional
burners that mainly use natural gas to reach the operating temperature of the catalyst. For
an activated coke catalyst, a heat exchange from the raw gas to the clean gas is usually

sufficient.
NHj, injection
Spray evaporator SCR catalyst

Air preheater
|

NH.OH

Storage

tank 200 m*

Source: [ 194, Verbund 1996 ]

Figure 3.44: Example of a high-dust SCR catalyst

In utility boilers, the SCR catalyst is normally placed between the economiser and the air
preheater (high-dust configuration) to achieve the required temperature window whilst
minimising costs compared to a tail-end arrangement. The catalyst can be protected however by
using a bypass for start-up and shutdown. Newly built SCR systems no longer have a bypass.

Tail-end configurations in which the catalyst is placed downstream of the air preheater require
the flue-gas to be reheated to the catalyst operating temperature and are, therefore, more
expensive to build and operate. Required SCR retrofit components include the SCR reactor,
associated ducting and structural work, the ammonia storage and distribution system, and
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controls. Other components which may be necessary include an economiser bypass and soot
blowers. Whilst high-dust SCR systems are generally more economical, there may be situations
where site constraints favour a tail-end arrangement. The choice of catalyst type and
characteristics depends on the ash mass flow and its erosive potential (plate type, honeycomb
type). High dust loadings therefore require catalysts with high plugging and abrasion resistance.
Medium-pitch honeycomb SCR catalysts are favoured for low-dust applications where nearly
all the fly ash has been removed from the flue-gas. The increased surface area resulting from the
use of medium-pitch honeycomb SCR catalysts in low-dust applications results in lower catalyst
volume requirements compared to high-dust applications.

The issues of combustion process type and fuel composition factor significantly into the catalyst
design and must be specifically considered for each individual plant. Slag tap (WBB) furnaces
with fly ash recirculation generally show a higher catalyst deactivation rate than dry-bottom
boilers. Coals high in arsenic, alkali or alkaline earth metals, phosphorus, calcium and a number
of other compounds, or biomass fuels with high levels of alkali, show higher catalyst
deactivation behaviour, which must be taken into consideration when catalyst lifetime and
loading volumes are calculated. The sulphur content in the fuel is also examined to determine an
appropriate SO, to SO; conversion rate for the SCR catalyst and to establish a minimum
operating temperature at which the formation of ammonium bisulphate can be avoided. The
catalyst's minimum operating temperature depends on the concentration of SOz Excess NHs;
reacts with SOs, forming ammonium salts (NH,),SO4 and NH4HSQO, that condensate and block
the catalyst openings. SCR catalysts exist for a lower temperature range (below 290 °C), but can
only be used when the SOy in the flue-gas is below 50 mg/Nm?. (It is generally estimated that
SO; makes up roughly 3-5 % of total SOx) (see also the paragraphs below on SO, to SO;
conversion and on ABS).

The catalyst lifetime can be optimised through proper maintenance, including the use of
appropriate soot blowing and by avoiding contact with moisture for catalysts exposed to fly ash.
System bypasses can be used when the unit is starting up or shutting down or if the economiser
temperature drops below the minimum catalyst operating temperature at low combustion plant
load. When using a conventional SCR system with a diesel engine, for example, the range of
load in operation is limited to approximately the upper third.

The main advantages of the SCR technology are:

o the SCR process can be used for many of the fuels used in combustion processes, e.g.
natural gas and light oils, as well as process gases and coal,

° the conversion of NOyx does not create any secondary pollution components;
. the emission of NOy can be reduced by 90 % or more;
° the overall NOy reduction depends on SCR and primary measures;

° to meet air quality requirements, SCR can be applied with adapted NH; consumption to
reduce NHjs slip effects and to increase catalyst lifetime.

Achieved environmental benefit
e  Reduced NOx emissions to air.
e Reduced mercury emissions to air due to greater oxidation of elemental mercury.

Environmental performance and operational data

There are no major problems in designing SCR for boilers and engines (see example in Figure
3.45) with 90 % or higher NOy reduction. For higher reduction rates, a more sophisticated
control system is needed in order to keep the SCR in the optimal working area. Fuel impurities
have a direct impact on achievable reduction rates; with clean fuels, higher NOx reduction rates
can be achieved. Special care is taken in the design of the NH; injection system to ensure a
uniform NH; to NOy ratio in the flue-gas. The increased NOyx reduction requires 5-10 %
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additional installed catalyst and a corresponding higher pressure drop. Also, a slightly higher
NH; slip is expected due to the increased reagent injection needed at higher NOyx reduction
rates.

In gas turbines, it is more difficult to obtain a very uniform NH; to NOx ratio in the flue-gas.
However, a 95 % reduction rate may be obtained with 5-10 ppm NHjs slip [ 25, Haldor Topsoe
20121, [ 98, EUROMOT 2013 ], [ 89, EPPSA 2013 ]. Retrofitting a CCGT requires a catalyst
volume of 0.2 m*/MW, (e.g. about 80 m® for a 400 MW, plant). [ 116, EUTurbines 2013 ]

Reactor with catalyst
‘ A Ammonia

Ammoni
- control
”~

Water ammonia-solution
storage tank

Source: [ 160, EUROMOT 2000 ]

Figure 3.45: SCR system applied to a stationary combustion engine

The SCR system’s ability to respond to load changes depends not only on the control system but
also on the design of the catalyst implemented in the system. Older systems have a tendency to
emit excessive NH; and NOyx during load changes but modern catalyst types with lower mass
react faster to changes in operating conditions and enable rapid system start-up and achievement
of stable performance. [ 25, Haldor Topsoe 2012 ]

Catalyst bed pressure drop is monitored to detect any sign of fouling as catalyst fouling
increases back pressure and reduces activity. Fouling can occur from:

o burning dirty fuel;

. sulphate deposition;

. excessive fuel-rich operation.

Operators report that catalyst plugging with solids is the most frequent operational issue. Solids

in the flue-gas duct from corrosion, duct insulation degradation, etc. plug the SCR catalyst
openings, causing excessive pressure drop and unit shutdown for cleaning.
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Examples of typical emission data at a 100 % plant load are given in Table 3.24.

Table 3.24: Typical SCR efficiencies for different combustion processes (dependent on SCR
design and injected reagent amount)

Application NOy inlet (ppm) NOy outlet (ppm)
Power plant — coal-fired 500 40-50

Gas turbine 25-90 2-9

Diesel engine 1200 120
Sources: [ 25, Haldor Topsoe 2012 ] [ 181, CEFIC 2013 ]

At lower loads, the NOy reduction rate is equal to or better than at 100 % load, due to the lower
flue-gas flow rate (higher relative amount of catalyst).

Table 3.25 presents the efficiency and operational parameters when applying SCR.

Table 3.25: Performance of the SCR technique for reducing nitrogen oxide emissions

General NOy reduction Operating Configuration/plant
rate temperature
350450 °C High-dust
80.95 % 170-300°C Tail-er_1d
280-510°C Gas turbines
200-510°C Diesel engines
NB:

The life of the catalyst is 3—7 years for coal combustion, 8-12 years for oil combustion and more than 10
years for gas combustion. Catalyst regeneration allows a catalyst lifetime of about 20 years.

A catalyst lifetime of 40 000-80 000 operating hours can be reached by periodical washing. However, it
can be much shorter in aggressive conditions (e.g. with difficult biomasses, the chemical lifetime may be as
low as 8 000 operating hours).

Operating temperatures are dependent on the fuel sulphur content.
The catalyst performance tends to deteriorate with time.

Cross-media effects

° The ammonia slip increases with an increasing NH; to NOy ratio, which may cause
problems, e.g. with an excessively high ammonia content in the fly ash. This is a problem
which can be solved by using a larger catalyst volume and/or by improving the mixing of
NH; and NOx in the flue-gas.

° Incomplete reaction of NH; with NOyx may result in the formation of ammonium
sulphates, which are deposited on downstream systems such as the catalyst and air
preheater; increased amounts of NH; in flue-gas desulphurisation waste waters and the air
heater cleaning water; and an increased NH; concentration in the fly ash. This incomplete
reaction only occurs in the very unlikely case of catastrophic failures of the whole SCR
system.

SO, to SO; conversion

As a result of the fossil fuel combustion process, SO, and SO; are generated due to the presence
of sulphur in the fuel. The use of SCR systems for NOyx emission control can have a negative
impact on the concentration in the flue-gas at the air preheater and through the stack. This is
caused by the undesired oxidation side reaction:

SOZ + 1 Oz—) SO3
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Higher levels of SO; can cause operational issues related to air preheater fouling and/or
corrosion and may lead to more visible emissions due to sulphuric acid mist. SO; stack
emissions below 5 vppm avoid visual emissions.

Catalyst manufacturers typically formulate their catalyst to achieve a low SO, to SO; oxidation
level. Therefore, the reaction is relatively slow compared to the NOy reduction reaction.

[27, ICAC 2009 ]

ABS formation

Operating at low load can cause problems with maintaining the minimum temperature, and
ammonium bisulphates ((NH;)HSO, (ABS) may condense and form a sticky coating on the
catalyst and plume at the stack. ABS is a highly acidic and sticky substance that can deposit on
downstream equipment such as convection coils and air heaters, causing plugging and a
deterioration in equipment performance. Fly ash will be caught and the canals in the catalyst can
be blocked. ABS can, because of the capillary effect, condense in the pores of the catalyst
approximately 28 °C above the temperature of condensation on the surface of the catalyst.
When the temperature rises again ABS will then evaporate, but if the SCR system is in
operation below the dew point of ABS for a longer period the catalyst will gradually deactivate,
with decreasing efficiency or ammonia slip as a consequence. Deposits can be minimised by
keeping ammonia slip low and monitoring the flue-gas temperature downstream. Deposits can
be cleaned on-line by water washing or by raising metal temperatures above the condensation
temperature to sublime deposits with suitably designed materials. In Denmark, coal-fired power
plants with SCR equipment have very different levels of ammonia injection for the minimum
load (approximately 20 % to 50 % of the maximum load), where the ammonia dosage is either
decreased or stopped.

Other effects
The flue-gas pressure drop through the catalyst can generally vary from 5 mbar to 15 mbar.
Additional energy may be needed to offset this pressure drop. Furthermore, in the tail-end
arrangement, reheating may be needed for the catalyst to reach the minimum operating
temperature.

This technigue generates waste (spent catalyst).

Catalyst washing may generate effluents not typical of those expected at the installation and
may thus require the adaptation of the waste water treatment or washing on specialised
companies' premises.

Other cross-media effects are linked to the use of ammonia, through:

. the release of NH; to air in the case of inhomogeneous reactions between NOyx and NHs;

o safety issues related to ammonia storage.

(See further details in Section 3.2.2.3.13.)

Technical considerations relevant to applicability
The technique is applicable to new plants.

Retrofitting SCR to existing plants requires consideration of space, pressure and temperature
constraints. Higher operating temperatures reduce the catalyst size and costs but introduce
retrofit complexity. Lower operating temperatures increase the required catalyst volume and
costs but often allow for a simpler retrofit.

Load variations and frequent start-ups/shutdowns may limit the use of conventional SCR as
high variations of the load demand can make the flue-gas temperature very unstable and not
always compatible with the temperature window of available catalysts. This may require
specially designed catalysts and/or a preheating system.
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Economics

The investment costs of an SCR device are considerable (Figure 3.46). The price per tonne of
NOx reduced varies between plant types. Tangentially fired boilers have higher costs per tonne
of NOx reduced than wall-fired boilers because they have lower original emission levels. The
reactant costs are relatively lower than in the SNCR plants.
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Figure 3.46: Investment costs for an SCR process at a combustion plant

The investment costs of an SCR unit depend on the volume of the catalyst, which is determined
by the flue-gas volume, by the ammonia slip, and by the NOx conversion rate which should be
attained. In cost estimations carried out for power plants, costs for catalyst were estimated to be
in the range of EUR 5 000—10 000 per m°[ 25, Haldor Topsoe 2012 ], [ 116, EUTurbines 2013].
For a given flue-gas volume of 1 million m%h, investment costs for an SCR unit were estimated
to be EUR 15 million (raw dust arrangement; including planning, erection and all surrounding
equipment such as pipework, pumps and fans, but without the catalyst). The main factors for
operating costs are the lifetime of the catalyst, which is influenced by the fuel characteristics
and the SCR configuration (low-dust, high-dust, tail-end); the volume of reduction agent
required; energy consumption due to pressure loss; and finally energy for reheating of the flue-
gas.

On the basis of operators' information and 2000-2005 market prices (Austrian and German
plants), the investment costs for an SCR unit were estimated using the following formula:

Investment cost (I.C.) for an SCR unit treating a flue-gas volume of x million m*/h:

I.C. = (x million m® flue-gas volume/1 million m*)®’ * EUR 15 million

Costs for erection and for electronic monitoring and control equipment are included. Costs for
catalysts are excluded but are estimated to be in the range of EUR 15 000/m>. Costs were
estimated for the raw gas arrangement only. The main cost factors amongst investment and
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maintenance costs are costs for catalyst displacement, the reduction agent (aqueous solution of
ammonia) and electric energy. In the investment costs, costs for the whole flue-gas channel are
included (pipes, catalyst box, bypass and the NH,OH unit consisting of a tank, storage system,
dosing device, evaporation and mixing system).

In Table 3.26, costs were estimated for an SCR unit treating flue-gas volumes of 200 000 m/h,
500 000 m*h and 1 000 000 m*h with a raw gas concentration of 500 mg/Nm® (attained by
primary measures) and 350 mg/Nm® (attained by primary measures and SNCR). The clean gas
concentration is, in both cases, assumed to be 100 mg/Nm3.

Table 3.26: Cost estimations for an SCR unit as a function of the flue-gas volume for a coal-fired

boiler
_ Flue-gas volume (Nm*/h)
Parameter Unit 200 000 500000 | 1000000
NOy concentration to be reduced g/Nm® NA 0.25-0.4 0.25-0.4
Operating hours hlyr 5000 5000 5000
Reduced load tlyr 250-400 625-1 000 1 250-2 000
million
Investment costs EUR 4.86 9.23 15.0
1 million
Yearly repayment () EUR/yr 0.50 0.95 1.54
Operating costs (including costs for
electric energy, catalysts, reducing million 0.25-0 29 0.60-0.69 117-1.34
agents, maintenance, and wear and EUR/yr
tear)
million
Yearly costs EUR/yr 0.75-0.79 1.56-1.64 2.72-2.88
Specific NOy removal costs EI\&JOR It 1968-3016 |1638-2488 | 1442-2175
X
(%) Basis: 15 years with a 6 % interest rate.
NB:
NA: Not available.

With tail-end devices, the flue-gases may have to be reheated before the stack. This may take up
as much as 2 % of the electric capacity of the plant. In applications which do not need reheating,
the operating costs are mainly related to the cost of the reagent.

System capital costs for retrofit applications removing between 60 % and 90 % NOyx range
between EUR 50/kW and EUR 100/kW, where the costs for larger plants are at the lower end of
this range and the costs for smaller plants at the higher end. The main factors contributing to full
retrofit costs for SCR systems in coal plants with a target NOx emission level of 185 mg/Nm?®
are unit size, inlet NOx concentration and the varying construction needs associated with the
level of retrofit difficulty. For instance, an increase in baseline inlet NOx concentration from
615 mg/Nm? to 1 230 mg/Nm® will increase the SCR capital costs by around 50 %. As the unit
size decreases from 1 000 MW, to 200 MW, the initial SCR capital cost can decrease by up to
30 %. The scope of retrofit for fan upgrades, ductwork, structural steel and foundation changes
can impact costs by around 20—35 %. Operating costs for the reducing agent are approximately
EUR 75 per tonne of NOy for anhydrous ammonia or EUR 125 per tonne of NOx for a 40 %
urea solution. Overall costs, i.e. investment and operating costs, for NOy reduction in an
800 MW power plant using SCR range between EUR 1 500 and EUR 2 500 per tonne of NOx
reduced. [ 164, Rigby et al. 2001 ]

The capital costs of an SCR system for gas turbines or internal combustion engines are in the
range of EUR 10-50/kW (based on electrical output). These costs are considerably lower than
for the application of an SCR system to a coal-fired plant. This is also the case when comparing
the yearly specific costs including the operational costs (e.g. about 700 EUR per tonne of NOy
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abated, estimated in a mainland example engine sized 20-50 MW, and operated 4 000 h/yr with
an SCR system with a 75 % removal efficiency). However, when considering the cost in
EUR/MWHhy,, the NOy abatement cost of the SCR system is about three to nine times higher for
a stationary diesel engine plant than for a coal plant due to the initial higher level of NOx to
abate. [ 98, EUROMOT 2013 ]

Examples of capital costs for a two-layer SCR catalyst achieving removal efficiencies between
85 % and 95 % for gas/liquid-fired boilers used in the chemical industry are in the range of
EUR 30-50/kW,,, with annual operating costs of about EUR 50 000/yr and costs associated to
the catalyst replacement ranging between EUR 75 000/yr and 250 000/yr. [ 3, LCP TWG 2012 ]

There are different processes available today for the regeneration of used catalysts, which can
increase the catalyst lifetime considerably and which, therefore, reduce the operating costs. The
price of regenerated SCR catalysts is up to half that of new catalysts. Without severe erosion
effects, the limited lifetime of deactivated high-dust SCR catalysts can be prolonged by
regeneration, with an impact on operation costs compared to new catalysts.

The hybrid SNCR/SCR solution can be a cost-effective solution at less than two thirds of the
cost of a full SCR system.

Driving force for implementation
o Reduction of NOy emissions.

o Possible NOy taxes. With SCR, much higher NOx conversions with very low NH; slip
can be obtained compared to SNCR and primary measures. The NOy tax of DKK 25/kg
in Denmark and SEK 40/kg in Sweden are drivers for maximising the NOx conversion of
installed SCR units and thereby reduce tax.

Example plants
About 80 plants that submitted a questionnaire in 2012 for the review of this BREF are fitted
with an SCR system.

See specific fuel sections for further examples.
Reference literature

[ 132, Rentz et al. 1999 ], [ 200, AT 2000 ], [ 202, Calepa 1999 1, [ 203, Reimer and Jensen-
Holn 20131, [ 27, ICAC 2009 ]

3.2.2.3.12 Selective non-catalytic reduction (SNCR)

Description

Selective reduction of nitrogen oxides with ammonia or urea without a catalyst. The technique
is based on the reduction of NOx to nitrogen by reaction with ammonia or urea at a high
temperature. The operating temperature window is maintained between 800 °C and 1 100 °C for
optimal reaction.

Technical description
The temperature window strongly depends on the reagent used (ammonia, urea or caustic
ammonia).

Using ammonia as a reagent, the following chemical reactions take place more or less at the
same time. At the lower temperature, both reactions are too slow; at the higher temperature, the
unwanted by-reaction dominates with an increase in NOyx emissions. Moreover, with load
changes, the required temperature window is subjected to fluctuations in the boiler. To adjust
the required temperature window with the ammonia injection, several levels of injection are
necessary.
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Main reaction;
4 NO + 4 NH3 + O, 2 4 N, + 6 H,O (reduction)

Unwanted by-reaction:
4NH;+50,>4NO+6H,0 (oxidation)

An SNCR facility consists of the following operational units:

. the reagent storage unit, for the storage, cooling, and evaporation of the reagent;

. the SNCR unit itself, where the injection of the reagent and the reaction of nitrogen
oxides to nitrogen and water take place;

. an automation system for controlling the reagent injection.

The temperature window is of considerable importance as, above this, ammonia is oxidised and
so even more NOy is produced, and below this, the conversion rate is too low and ammonia can
be formed. The SNCR process with different injection levels of ammonia is shown in Figure
3.47.

NH4OH

Source: [ 194, Verbund 1996 ]
Figure 3.47: The SNCR process

In order to achieve a high abatement rate and a low NHj3 slip, the reagent and NOx in the flue-
gas must undergo sufficient mixing. Besides distribution and mixing, another relevant parameter
is the size of the reagent drops. Small drops would evaporate too quickly and react at
excessively high temperatures, inducing a reduced NOyx abatement rate, whereas extremely
large drops would evaporate too slowly and react at excessively low temperatures, resulting in
increased NHjs slip.

Possible carriers for the reducing agent are pressurised air, steam or water. Primary measures,
such as overfire air or flue-gas recirculation, can be used as a reagent carrier for the SNCR
process.
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Most problems with SNCR applications are related to non-uniform distribution of the reagent
within the combustion chamber and injection of ammonia at incorrect locations (where
oxidation rather than reduction or low reaction can occur, causing higher NOx and higher NH3
slip). Therefore, optimisation of the distribution system is required. Special distribution systems
are used to achieve the optimal distribution of ammonia and flue-gas. CFD modelling is used for
the design and then temperature control systems to precisely adjust the injection parameters.

The reaction of nitrogen oxides and ammonia/urea into water and nitrogen strongly depends on
the temperature and retention time within the required temperature range, as well as on the
ammonia to nitrogen oxides ratio. The temperature window for ammonia and caustic ammonia
is 850 °C to 1000 °C, with the optimum temperature being 870 °C. In comparison, the
temperature window when using urea is wider (800 °C to 1100 °C), with an optimal
temperature of 1 000 °C.

The retention time within the required temperature window ranges from 0.2 to 0.5 seconds. This
contact time range is rather unstable, and therefore the ammonia to nitrogen oxides ratio must be
ammonia-rich rather than stoichiometric. Once more, optimisation is required as regards the
molar ratio of NH3 to NOx. The NOx removal rate is favoured by an increased ratio, but at the
same time the ammonia slip increases too, leading to increased pollution of subsequent units
(e.g. heat exchangers, flue-gas ducts). A NH; to NOyx ratio of between 1 and 2.5 is
representative of most installations, depending on the nature of the host process and the amount
of NOx to be removed.

The equipment for the SNCR process is quite easy to install and does not take up too much
space, even if, in almost every case, more than one injection level is needed. SNCR can be used
alone in boilers which already have quite low emission levels. It can also be useful in boilers
equipped with (a) primary reduction technique(s).

To ensure that the reagent is always injected in the upper range of the temperature window
under any operating conditions, i.e. in the range where NOx reduction is highest and NHjs slip is
lowest, acoustic gas temperature measurement systems (AGAM) are provided in plants where a
high performance is required. AGAM measures the real gas temperature and determines the
temperature profiles across the entire combustion chamber cross section. The temperature
profile is divided into sections and can be assigned to individual lances or groups of lances to
switch them to another level depending on the flue-gas temperature measured. This ensures that
the reagent gets to the locations which are most effective for the reaction even at rapidly varying
flue-gas temperatures. In a recent example 200 MW, coal-fired boiler fitted with SNCR, it was
decided that, due to the significant temperature differences between low load (20 %) and full
load as well as the extreme temperature imbalances, five injection levels would be installed
between 26 m and 51.8 m. The injectors were arranged in such a way that the right and the left
sides of the boiler could be controlled independently of each other. Each injection lance could
be individually activated or deactivated. [ 208, VVon der Heide 2011 ]

SNCR technique for larger boilers

The SNCR technique has increasingly been developed for larger boilers in recent years as the
injection technology and measurement and control of boiler cross section temperature systems
have improved to allow reduction rates above 40 %, compared to the 20 % that was reported in
the case of older plants. Special urea-based reagents have been developed for these boilers as
aqueous ammonia would evaporate too quickly whereas urea solutions require a first
evaporation step before the urea molecules become active, enabling deeper penetration. [ 204,

CZ2014]

Achieved environmental benefits
Reduced NOx emissions to air.
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Environmental performance and operational data

Table 3.27: Performance of the SNCR technique for reducing nitrogen oxide emissions

General NOy Other performance parameters

reduction rate Parameter Value
Operating temperature 800-1050 °C
Reducing agent Ammonia, urea
NH; to NOy ratio 15-25
Availability >97 %

30-50 % NHj slip < 10 mg/Nm’

Energy consumption as % 0.1-0.3 %
of electric capacity
Residence time within 0.2-05s
temperature range

NB:

Though some manufacturers report a NOx reduction level of over 80 %, the common view is
that SNCR processes are, in general, capable of 30-50 % reduction as an average covering
different operational conditions and different initial levels of NOx concentrations. Further NOy
reductions can be obtained in specific boilers where the conditions are good, as well as lower
values where the conditions are bad, sometimes in existing plants.

Source: [ 148, CIEMAT 2000 ]

Cross-media effects

The choice of reagent influences the formation of nitrous oxide (N,O). The use of ammonia or
caustic ammonia induces negligible amounts of N,O, whereas relatively high amounts can be
measured when injecting urea directly into the boilers. To overcome this problem and to almost
eliminate N,O formation entirely, urea can be injected into the burnout air. Moreover, the use of
urea as a reagent for SNCR leads to higher corrosion problems than when using ammonia or
caustic ammonia. Therefore, materials should be chosen carefully.

Other cross-media effects are linked to the use of ammonia, through:

o the release of NHj; to air, in the case of inhomogeneous reactions between NOyx and NH;
in a plant not fitted with a downstream wet FGD system;

o the formation of ammonium sulphates when combusting sulphur-containing fuels such as
liquid refinery fuel;

o safety issues related to the ammonia storage.

(See further details in Section 3.2.2.3.13.)

Technical considerations relevant to applicability

The applicability for retrofitting an existing unit may be constrained by the temperature window
and residence time required to inject the reactant. Ammonia slip is also a limiting factor. In
some cases, operating and physical constraints can make retrofitting difficult, e.g. the required
temperature window may occur in the middle of the boiler tube bank and could lead to
impingement of the injected chemical against the tubes.

The applicability or environmental performance may be limited in the case of boilers with load
variations or with variable fuel quality. The use of several levels of reagent injection and/or the
use of a slip catalyst (SCR) may be a possibility to address this problem.

The applicability may be limited in the case of big boilers with high cross-sectional areas.

SNCR cannot be used on gas turbines or engines because of the residence time and temperature
window required. [ 205, Schittenhelm et al. 2013 ]
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Economics

The actual construction costs depend on the boiler and its operating profile. According to an
estimate from a European SNCR provider, the levelised costs are approximately EUR 430 per
tonne of NOy reduced in a coal-fired 250 MWy, boiler operating for 4 000 h/yr, assuming a
baseline NOx level of 400 mg/Nm3 and a NOy reduction of 50 %. Also taking into consideration
the reagent costs, loss of efficiency for the host plant and maintenance costs, the same European
SNCR and reagent supplier estimated a levelised cost for the 50 % NOyx reduction to be
approximately EUR 1 400 per tonne of NOyx reduced if using 24.5 % aqueous ammonia as a
reagent. If using 40 % urea solution, the estimated costs of NOx removal is approximately
EUR 1500 per tonne of NOyx reduced. A project life of 10 years has been assumed in the
calculations and a NH; to NOx ratio of 1.2 (20 % higher for urea solution). [ 120, EEB 2013 ] [
206, Yara 2012 ]

Driving force for implementation
o Reduction of NOy emissions.

. Lower capex than SCR.
. No need for additional space, e.g. for structures, reactor and ductwork.

. No catalyst pressure drop and no associated need to modify existing equipment (duct,
ESP, fans).

Example plants
Electrownia 'Rybnik' SA — 225 MW, coal-fired boiler.

About 30 plants that submitted a questionnaire in 2012 for the review of this BREF are fitted
with an SNCR system.

See specific fuel sections for further examples.

Reference literature
[ 205, Schiittenhelm et al. 2013 ] [ 207, FuelTech 2008 ] [ 208, VVon der Heide 2011 ]

3.2.2.3.13 Ammonia-related issues when using SCR/SNCR techniques

One possible disadvantage of the SCR/SNCR techniques is related to the ammonia slip, which
is the emission of unreacted ammonia into the environment.

This occurs in the case of incomplete reaction of NH; with NOy, when small amounts of NH;
leave the reactor / combustion chamber with the flue-gas, and may be due to catastrophic failure
of the whole SCR system or to an increase of the NH; to NOy ratio when looking to increase the
SCR/SNCR system efficiency. This effect is known as ammonia slip (NH; slip). High ammonia
slip (NH; breakthrough) can lead to the following:

. The formation of ammonium sulphates, which form deposits on downstream systems
such as the catalyst and air preheater and on surfaces below 235 °C, or can result in
increased dust emissions. Deposits can be minimised by keeping the ammonia slip low
and monitoring the downstream flue-gas temperature. Deposits can be cleaned on-line by
water washing or by raising metal temperatures above the condensation temperature to
sublime deposits with suitably designed materials.

. NH; in flue-gas desulphurisation waste waters and air heater cleaning water.

. And an increased NH; concentration in the fly ash, which may affect its disposal or sale.
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When SCR is implemented, the ammonia slip increases with an increasing NH; to NOx ratio
and with a decreasing catalyst activity.

When SNCR is implemented, the ammonia slip increases with poor NH; and flue-gas mixing
conditions, due to lack of residence time within the reaction temperature window, and with an
increasing NH3 to NOx ratio.

When a downstream wet flue-gas desulphurisation (WFGD) system is implemented, the NH;
slip is further dissolved in water.

In order to avoid problems with the utilisation of fly ash and possibly the smell of the flue-gas
in surrounding areas, the ammonia concentration associated with the use of SCR or SNCR is
usually kept below 10 mg/Nm?®. When fuels with very low-ash content are used, ammonia slip
can also lead to ash that is too high in ammonia to handle safely.

Limiting the ammonia slip for SCR systems can be solved by using a larger catalyst volume
and/or by improving the mixing of NH; and NOx in the flue-gas.

The ammonia slip is often the limiting factor in the utilisation of the SNCR technique. To avoid
ammonia slip with the SNCR technique, a low layer of SCR catalyst can be installed in the
economiser area of the boiler. As this catalyst reduces the ammonia slip, it also reduces the
corresponding amount of NOx.

Both SCR and SNCR techniques use ammonia or urea as a reducing agent. Urea is more
commonly used in combustion plants below 50 MW;, than in large SCR or SNCR applications.

Health and safety risks related to the use of pure liquefied ammonia exist, e.g. for the handling
and storage of pure liquefied ammonia, pressure reservoirs may need to be double-walled and
located underground. No impact on health arises from solid urea storage. From a safety point of
view, the use of an ammonia-water solution is less risky than the storage and handling of pure
liquefied ammonia.

The most common form of ammonia used for SCR and SNCR is agueous ammonia, normally
available in a 24.5 % concentration or lower. Aqueous ammonia is a non-flammable liquid, and
is classified as an irritant. Aqueous ammonia can be stored under atmospheric conditions. Pure
anhydrous ammonia is classified as a flammable, toxic and corrosive gas, and is combustible in
air concentrations between 15 % and 28 % and has to be stored under pressure (vapour pressure
of 7.6 bar at 20 °C).

Because of the high risk of ammonia to human health, ammonia transportation, handling and
storage need to be carried out very carefully to avoid any leakage. Monitoring systems are
installed for the detection of low ammonia concentrations around the ammonia storage and
handling area. Pressurised and hydrous ammonia are regulated under the Seveso Ill Directive
(2012/18/EU) and corresponding national regulations.

The stress corrosion risk for steel vessels requires regular monitoring of tank integrity and
quality control for traces of hydrogen or oxygen in the supplied liquid ammonia.
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3.2.24 Combined techniques to prevent and/or reduce SOy, NOx and other
pollutant emissions

3.2.2.4.1 Activated carbon process

Description

This process is based on the adsorption of pollutant molecules by the activated carbon. When
the surface has adsorbed as much as it can, the adsorbed content is desorbed as part of the
regeneration of the adsorbent.

Technical description

As activated carbon has a very large specific surface area, it has been used widely as an air
cleaning and waste water treatment agent since the nineteenth century. It has also been known
for a long time that activated carbon adsorbs SO,, oxygen and water to produce sulphuric acid.
Simultaneous SO, and NOx removal becomes possible by adding ammonia.

The flue-gas from the combustion plant is first dedusted, passed through a heat exchanger where
heat is extracted for activated carbon regeneration, and then cooled in a water pre-scrubber. The
gas enters the first stage of the activated carbon (dry porous charcoal) bed at a temperature of
90-150 °C. The sulphur dioxide reacts with oxygen and water vapour in the flue-gases (through
catalytic oxidation) to form sulphuric acid, which is adsorbed on the activated carbon.

Prior to entering the second-stage adsorber, ammonia is injected into the flue-gases in a mixing
chamber. Nitrogen oxides react catalytically with the ammonia in the second stage to form
nitrogen gas (N;) and water. The cleaned flue-gases and liberated nitrogen and moisture pass to
the stack for discharge. The reduction process takes place in an adsorber, where the activated
carbon pellets are transported from the top to the bottom by a moving bed. The gas flows across
the layers, first entering the lowest part of the bed.

The sulphur-laden activated carbon passes to a regenerator where desorption is performed
thermally, by indirect heating, using heat extracted earlier from the flue-gases at a temperature
of about 400450 °C. Carbon dust is removed and make-up pellets added prior to recycling
them back to the adsorber. As a result of the regeneration, enriched SO, gas is generated from
the desorber. The enriched gas is converted, using a Claus or another process, to elemental
sulphur, or sulphuric acid that can be sold as a by-product. Figure 3.48 shows a schematic
diagram of the activated carbon process.
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Figure 3.48: The activated carbon process

Achieved environmental benefits
The process is capable of cleaning flue-gases from different fuel types such as coal and oil.
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The activated carbon process also has considerable potential for removing SO; and air-toxic
substances such as mercury and dioxins.

Environmental performance and operational data

Table 3.28: Performance of the activated carbon technique for reducing sulphur oxide/nitrogen
oxide/mercury emissions

General General Hg Other performance parameters
Technique SO,/NOx -
reduction rate reduction rate Parameter Value
Operating temperature 90-150 °C
Activated
Reagent .
carbon/ammonia
— 5
Activated 98 % / Othz(relslﬁggtgces =
carbon 6080 >90 % removed HCI, HF, dioxins
process

Energy consumption

. 0,
as % of electric capacity 1.2-33%

Elemental sulphur or

By-products sulphuric acid

Activated carbon techniques combined use only a fraction of the water used in conventional
abatement systems, e.g. at a Japanese plant, water use is as low as 1 % of the water used in wet
FGD.

Cross-media effects
Waste water is only produced in small amounts from the operation of the pre-scrubber.

Technical considerations relevant to applicability
No information provided.

Economics
No information provided.

Driving force for implementation
No information provided.

Example plants

Several commercial systems have been installed, mainly in Japan, e.g. J-Power Isogo Units 1
and 2 (2009) with: dust emission levels of < 10 mg/Nm® for Unit 1 and < 5 mg/Nm?® for Unit 2;
NOx emission levels of < 40 mg/Nm? for Unit 1 and < 26 mg/Nm? for Unit 2; and SOx emission
levels of < 56 mg/Nm?® for Unit 1 and < 28 mg/Nm?® for Unit 2.

Reference literature
[ 290, Higa et al. 2012 1 [ 291, Peters 2010 1 [ 292, Gilbert et al. 2008 ]

3.2.2.42 WSA-SNOy process

Description

WSA-SNOy process (Wet gas sulphuric acid with integrated selective catalytic reduction
DeNOy step) employs two catalysts sequentially to remove NOy by SCR and to oxidise SO, to
S0Os, condensing the latter as sulphuric acid for sale.
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Technical description

About 98 % and 95 % of the sulphur and nitrogen oxides respectively in the flue-gas can be
removed. The process produces no waste water or waste products, nor does it consume any
chemical apart from ammonia for NOy control.

Figure 3.49 shows a flow diagram of the WSA-SNOy process installed in a 300 MW, coal-fired
power plant in Denmark.
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Source: [ 209, Haldor Topsoe 2014 ]

Figure 3.49: The WSA-SNOy process

Here, flue-gas leaving the air preheater is treated in a particulate control device and passes
through the cold side of a gas-gas heat exchanger, which raises the flue-gas temperature to
above 370 °C. An ammonia and air mixture is then added to the flue-gas prior to the SCR,
where nitrogen oxides are reduced to N, and water.

As the flue-gas leaves the SCR, its temperature is adjusted slightly, and it then enters the SO,
converter, which oxidises SO, to sulphur trioxide (SOs). The SOs-laden gas passes through the
hot side of the gas-gas heat exchanger, where it is cooled as the incoming flue-gas is heated.
The processed flue-gas then enters a falling film condenser (the WSA condenser), where it
condenses out of the gas phase on to borosilicate glass tubes and is subsequently collected,
cooled, and stored. The acid product concentration is typically 93-95 % and of commercial
quality, suitable for use in fertiliser production for example. The flue-gas, now free of SQOs, is
passed to the stack at a temperature of around 100 °C, while the hot, used cooling air can be
used in the boiler as preheated combustion air.

In this process, it is possible to recover thermal energy from the SO, conversion, SO;
hydrolysis, sulphuric acid condensation and the DeNOy reaction. The recovered energy is used
for increased steam production. Hence, the absolute decrease in net efficiency is as low as 0.2 %
at a 300 MW, plant (with 1.6 % sulphur coal). Typically each per cent of sulphur in the coal
results in 1 % additional steam production. When the coal contains 2—-3 % sulphur, the steam
production is considered to compensate for the power consumption of the WSA-SNOy process,
and a boiler using fuel with 5% sulphur and fitted with the WSA-SNOy process is able to
export around 5 % more steam than a boiler with limestone-based FGD, or alternatively use 5 %
less fuel for the same steam production.
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Achieved environmental benefits
° Dust, SOx and NOx emissions reduction.

o Very low particulate emissions (below 5 mg/Nm?).
o Increase in energy efficiency.

o Organic compounds, e.g. PAHSs, dioxins and furans, are degraded by catalytic oxidation
in the SO, oxidation catalyst.

Environmental performance and operational data

Table 3.29: Performance of the WSA-SNOx technique for reducing sulphur oxide/nitrogen oxides

emissions
General Other performance parameters
Technique SO,/NOx
reduction rate Parameter Value
Reagent Ammonia
WSA-SNOx 0 . _ _
process 98 % /95 % Energy congumptlor) as % of 0.2%
electric capacity

Cross-media effects
No information provided.

Technical considerations relevant to applicability

The technique can be applied in any type of boiler to reduce the emission of sulphur, NOx and
dust, but high-sulphur fuel is essential. If the fuel applied in the boiler contains less than a
certain minimum amount of sulphur (e.g. 0.5 %), the sulphuric acid produced will contain more

water and perhaps become difficult to transport because of its corrosiveness.

The technique requires approximately the same space as other FGD systems.

Economics

Table 3.30 and Table 3.31 give information about the main features and associated operating

costs of the WSA-SNO technique implemented at an example plant.

Table 3.30: Main features of the plant taken as an example for the operating costs of the WSA-
SNOy technique in Table 3.31

Parameter Unit Value
Net electrical output MW, 300
Net electrical efficiency (LHV) % 39
Fuel consumption (pet coke) t/h 88.3
SOy removal efficiency % 98
NOy emissions to air mg/Nm® <40
H,SO, production t/h 15.6
NH; consumption t/h 0.25
Other reagent consumption t/h 0
Waste generation t/h 0
Water consumption m°/h 0
Source: [ 209, Haldor&Topsoe 2014 ]
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Table 3.31: Operating costs of the WSA-SNOy technique at the example plant described in Table

3.30 operated 8 000 h/yr

Parameter Unit Value
H,SO, sold at USD 15/t USD/yr -1 800 000
NH; supplied at USD 300/t USD/yr 600 000
Other reagent supplied USD/yr 0
Water consumption USD 1/m® USD/yr 0
Waste water disposal cost USD 1/m’ USD/yr 0
Waste disposal cost USD 20/t USD/yr 0
Total USD/yr -1 200 000
Cost impact per MWh UsD -0.50
Source: [ 209, Haldor&Topsoe 2014 ]

Driving force for implementation
° No limestone or gypsum or the associated infrastructure.

° Energy efficiency (recycling of hot, preheated air to the boiler) and reduced CO,
emissions.

. No water consumption.

Example plants

See Figure 3.49, example of a 300 MW, coal-fired plant located in Denmark
(Nordjyllandsvaerket — since 1991).

Agip in Gela (IT) (Pulverised pet coke boilers with 6 % sulphur — since 1999).

OMV refinery, Schwechat (AT) (Plant burning heavy visbreaker — since 2007).

Reference literature
[ 209, Haldor&Topsoe 2014 ]

32243 DeSONOy process

Description

In the DeSONOy process, flue-gases are first passed through an ESP to remove dust, followed
by ammonia injection and SCR. The gases are then cooled by preheating combustion air, and
the fully treated flue-gases are then reheated prior to release to the atmosphere.

Technical description

The temperature of the flue-gas is reduced to approximately 140 °C, which enables the catalytic
oxidation of SO, to SO; and its subsequent condensation as sulphuric acid (70 %). The latter
step is accomplished in a recirculating acid tower. The flue-gases are finally directed through a
wet electrostatic mist precipitator and are reheated prior to release (see Figure 3.49).
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Figure 3.50 The DeSONOy process
In theory, it is possible to produce liquid SO,, sulphuric acid and elemental sulphur but plants
commissioned to date have only produced sulphuric acid.

Achieved environmental benefits
Dust, NOx and SOx emissions reduction.

Environmental performance and operational data

Table 3.32: Performance of the DeSONOx technique for reducing sulphur oxide/nitrogen oxides

emissions
General
Technique SO,/NOy Other performance parameters

reduction rate Parameter Value
Reagent Ammonia
DeSONOy 95 % / 95 % Reliabili_ty 96-98 %

process Energy consumption as % of
> . 2.0%
electric capacity

Cross-media effects
Waste water is generated by the use of a wet ESP for the removal of sulphuric acid aerosols.

Technical considerations relevant to applicability
No information provided.

Economics
No information provided.

Driving force for implementation
No information provided.
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Example plants
No information provided.

Reference literature
No information provided.

3.2.25 Techniques to prevent and/or reduce metal emissions

Most metals have sufficiently low vapour pressures at typical air pollution control device
operating temperatures that condensation onto particulate matter is possible. However, mercury
has a high vapour pressure at typical control device operating temperatures, and collection by
particulate matter control devices is highly variable. The most important factors affecting
mercury control for utility boilers include the flue-gas volume, flue-gas temperature and
chloride content, the mercury concentration and the chemical form of the mercury being
emitted. The partitioning of mercury into its three forms (Hg’, Hg?*, and Hgy) is referred to as
mercury speciation, and the degree to which speciation occurs can substantially affect mercury
control approaches. Mercuric chloride (HgCl, or Hg*") compounds are soluble and can be
captured in FGD systems used for SO, removal. Hg, compounds or Hg compounds adsorbed
onto the surface of other particles can be captured to varying degrees using particulate matter
control devices, such as bag filters or ESPs. This process may be facilitated by the use of
additives, such as activated carbon. Primary measures (fuel cleaning, blending and additive
addition) may allow reductions of mercury emissions to air of up to 80 %, depending on the fuel
characteristics and the techniques used. For more information, see Section 5.1.3.4.3.1 on coal
and lignite pretreatment.

In general, high levels of carbon in the fly ash enhance mercury sorption onto particulate matter,
which is subsequently removed by the particulate matter control device. Additionally, the
presence of hydrogen chloride (HCI) in the flue-gas stream can result in the formation of
mercuric chloride, which is removed in the FGD system. Conversely, sulphur dioxide (SO) in
flue-gas can act as a reducing agent to convert oxidised mercury to elemental mercury, which is
more difficult to collect.

Control technologies designed for controlling pollutants other than mercury (e.g. acid gases and
particulate matter) vary in their mercury removal capability, depending on fuel characteristics
and on the control technology configuration (see the example for coal-fired plants in Section
5.1.3.4.2). [ 27, ICAC 2009 ]

3.2.251 Reduction of metal emissions in dust abatement systems

Description
The co-benefit capture, in dust abatement systems, of metals that have reacted with or formed
particulates.

Technical description
The particulate concentration in flue-gas is mainly affected by the ash content in the coal burnt.
Particles tend to be the adsorbents in flue-gas.

Electrostatic precipitators and bag filters are commonly used to remove dust from flue-gases
generated by combustion plants burning solid or liquid fuels. These systems can operate with an
overall particulate removal efficiency of > 99.9 %. However, the removal efficiency is generally
lower in the smaller particle size range, i.e. the size range in which particles enriched with metal
elements might be found.

ESPs are the most commonly used dedusting technique in coal-fired power plants. Particulate-
bound mercury and other metals are removed when the particles are captured by the ESP.
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ESPs can capture nearly all Hg,. When the flue-gas flows through the charging electrode, all
particles are loaded with a negative charge. When the particles with a negative charge pass
through the collecting boards which have a positive charge, they are collected on the dust-
collecting electrode. Although gas-phase mercury is barely removed by ESPs, it does transform
continuously across the ducts and devices. Oxidised mercury, on the other hand, will move
forward along with the flue-gas. Therefore, Hg*" is unlikely to be adsorbed onto particles to
transform to Hg,. However, some of the Hg® will be adsorbed or oxidised into Hg, or Hg®* when
cooling to 400 °C, which explains the fact that the total gaseous mercury may decrease when
going through the ESP. [ 28, S.Wang et al. 2009 ]

Bag filters (BF) have a similar overall particulate removal efficiency to ESPs (i.e. greater than
99.9 %) but are better at abating fine particulate matter and less sensitive to particulate loading
and fly ash characteristics. The collection efficiency may be increased further still by using flue-
gas conditioning with small amounts of additives added to the gas flow upstream of the filters.

Regarding mercury, some elements may remain in the gas phase until the flue-gases have
cooled sufficiently for condensation to occur. By the time the flue-gases reach the BF, they have
cooled sufficiently to also allow some condensation of Hg, similar to a cold-side ESP. A BF can
be more effective than an ESP, especially with bituminous coals, because of the increased
contact with the flue-gas containing fly ash and unburnt carbon as they accumulate as a filter
cake on the BF. This filter cake contributes to greater heterogeneous oxidation and the
adsorption of mercury. For hot-side ESPs, this difference is accentuated because the capture of
mercury on fly ash is less effective at higher temperatures [ 2, EEB 2012 ]

The Hg removal efficiency in an ESP depends on the following factors:

. temperature of the ESP;

. halide content in the fuel;

. unburnt carbon-in-ash;

o calcium compounds in the ash.

Achieved environmental benefits
Reduced metal and dust emissions.

Environmental performance and operational data
An average Hg removal efficiency of about 40 %, up to more than 90 %, can be achieved in
combustion plants fitted with a BF.

According to mercury emission tests performed at six plants in China, the average removal
efficiency of ESP systems was 11 %, and varied from 6 % to 52 %; that of the BF systems was
52 %, much lower than the average removal efficiencies of pollution abatement devices in US
plants. The removal efficiency of ESPs combined with WFGD was around 70 % for
bituminous-coal-fired plants. This removal efficiency may also depend on the presence
upstream of an SCR system. [ 28, S.Wang et al. 2009 ]

A statistical survey, based on more than 25 years of mercury measurements at Dutch coal-fired
power plants, shows overall removal of Hg by flue-gas cleaning devices ranging from 50 % to
over 90 %. On average, roughly 50-70 % of the mercury is removed at the ESP and half of the
remaining 30-50 % is removed at the wet FGD. [ 73, KEMA - VGB Powertech 2012 ]

Example reduction efficiencies for other metals in the case of pulverised coal plants fitted with
dust control techniques are given in Table 3.33.
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Table 3.33: Metal reduction efficiencies (%) achieved in a conventional pulverised-coal-fired plant

Trace Co_nventional
element pollution abatem_ent
ESP Bag filter
Sh 96 97
As 98.5 98.5
Ba 99.5 98
Be 98.5 98.5
B 68 97
Cd 83 94
Cr 97.5 99.5
Co 98 99
Cu 89 99.5
Pb 98 98.5
Mn 97 99.5
Hg 30 60
Mo 96 100
Ni 96 99
Se 21 65
\Y/ 98 100
Source: [ 67, Nalbandian 2012 ]

Cross-media effects
No information provided.

Technical considerations relevant to applicability
No information provided.

Economics
See Sections 3.2.2.1.1 and 3.2.2.1.2.

Driving force for implementation
No information provided.

Example plants
See Sections 3.2.2.1.1 and 3.2.2.1.2.

Reference literature
No information provided.

3.2.25.2 Reduction of metal emissions in FGD systems

Description
Capture of metals in soluble or oxidised form using a desulphurisation system, as a co-benefit of
FGD.

Technical description

Wet scrubber FGD systems are an effective method for reducing emissions of certain metals.
This is mostly because the flue-gas temperature is reduced to about 50-60°C by passing
through the absorber, which allows many of the more volatile metals to condense from the
vapour phase, and allows them to be removed from the flue-gas. The condensed metals are then
mainly transferred to the waste water from the wet FGD system.

Spray dry absorbers configured with a particulate removal system before a spray dry scrubber
have high metal retention, so a large proportion of these elements (including volatile species)
are removed before the FGD unit. The highest particulate removal efficiencies, especially for
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fine particles, are achieved by spray dry systems fitted with downstream bag filters. These
systems may also be expected to achieve the hi